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EXECUTIVE SUMMARY

Overview

This document presents the regulatory impact analysis (RIA) for the final rule, the
Federal Good Neighbor Plan Addressing Regional Ozone Transport for the 2015 Ozone National
Ambient Air Quality Standards (Transport FIP for the 2015 ozone NAAQS). This RIA provides
the EPA’s analysis of a variety of potential impacts (i.e., consequences) of the final rule and is
used to inform the EPA and the public about these potential impacts. In the rule, the EPA
promulgates implementation mechanisms to achieve enforceable emissions reductions required
to eliminate ozone precursor emissions that significantly contribute to nonattainment or interfere
with maintenance of the 2015 ozone NAAQS in other states. The initial phase of emissions
reductions will begin in the 2023 ozone season with further emissions reductions being required

in later years.

The EPA is promulgating new or revised FIPs for 23 states. For 22 states the FIPs include
new NOx 0zone season emission budgets for EGU sources, with implementation of these
emission budgets beginning in the 2023 ozone season.? The EPA is expanding the Cross-State
Air Pollution Rule (CSAPR) NOx Ozone Season Group 3 Trading Program beginning in the
2023 ozone season. Specifically, the FIPs require electric generating units (EGUs) within the
borders of the 22 states to participate in a revised version of the CSAPR NOx Ozone Season
Group 3 Trading Program created by the Revised CSAPR Update. Affected EGUs within the
borders of 12 states currently participating in the Group 3 Trading Program under FIPs or SIPs
remain in the program, with revised provisions beginning in the 2023 ozone season. The FIPs
also require affected EGUs within the borders of seven states currently covered by the CSAPR
NOx Ozone Season Group 2 Trading Program (the “Group 2 trading program”) under existing
FIPs or existing SIPs to transition from the Group 2 program to the revised Group 3 trading

program beginning with the 2023 control period. Lastly, the EPA is issuing new FIPs for three

! The 2015 ozone NAAQS is an 8-hour standard that was set at 70 parts per billion (ppb). See 80 FR 65291
(December 28, 2015).

2 In 2023, the 22 states with EGU reduction requirements include AL, AR, IL, IN, KY, LA, MD, MI, MN, MS, MO,
NV, NJ, NY, OH, OK, PA, TX, UT, VA, WV, and WI. There are no EGU reductions being required from
California, which if included would make 23 states.
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states not currently covered by any CSAPR NOx ozone season trading program (Minnesota,
Nevada, and Utah).

For non-electric generating units (non-EGUs), the FIPs that EPA is promulgating for 20
states include new NOx emissions limitations, with initial compliance dates for these emissions

limitations beginning in 2026.3

Consistent with OMB Circular A-4 and EPA’s Guidelines for Preparing Economic
Analyses (2010), this RIA presents the benefits and costs of the final rule from 2023 through
2042. For the proposal RIA and this final RIA, we selected a 20-year analytical period because it
is generally representative of and covers the lifetime of the capital equipment anticipated to be
installed in response to the rule. Costs, benefits, and other impacts from compliance strategies
are likely to occur beyond 2042. The estimated health benefits are expected to arise from reduced
ozone and PM_ s concentrations, and the estimated climate benefits are from reduced greenhouse
gas (GHG) emissions. The estimated costs for EGUs are the costs of installing and operating
controls and the increased costs of producing electricity to comply with the revised version of the
Group 3 trading program. The estimated costs for non-EGUs are the costs of installing and
operating controls to meet the ozone season NOx emissions limitations. The estimated costs that
the EPA reports for non-EGUs do not include monitoring, recordkeeping, reporting, or testing
costs, which the EPA summarizes in Section X.B.2 of the final rule preamble and discusses in
Chapter 4, Section 4.4 below. Unquantified benefits and costs are described qualitatively. The
RIA also provides estimates of other impacts of the final rule including its effect on retail
electricity prices, fuel production for electricity generation, EGU-related employment, and

environmental justice (EJ) impacts.

ES.1 Identifying Needed Emissions Reductions and Regulatory Requirements

To reduce interstate emission transport under the authority provided in CAA section
110(a)(2)(D)(i)(1), the final rule further limits ozone season NOx emissions from EGUs and non-
EGUs using the same framework used by the EPA in developing the CSAPR. The Interstate
Transport Framework provides a 4-step process to address the requirements of the good neighbor
provision for ground-level ozone and fine particulate matter (PM25) NAAQS: (1) identifying

3 In 2026, the 20 states with non-EGU reduction requirements include AR, CA, IL, IN, KY, LA, MD, MI, MS, MO,
NV, NJ, NY, OH, OK, PA, TX, UT, VA, and WV.
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downwind receptors that are expected to have problems attaining or maintaining the NAAQS;

(2) determining which upwind states contribute to these identified problems in amounts
sufficient to “link” them to the downwind air quality problems (i.e., here, an amount of
contribution equal to or greater than 1 percent of the NAAQS); (3) for states linked to downwind
air quality problems, identifying upwind emissions that significantly contribute to downwind
nonattainment or interfere with downwind maintenance of the NAAQS; and (4) for states that are
found to have emissions that significantly contribute to nonattainment or interfere with
maintenance of the NAAQS downwind, implementing the necessary emissions reductions
through enforceable measures. In this action, the EPA applies this 4-step Interstate Transport
Framework for the Transport FIP for the 2015 ozone NAAQS.

For EGUSs, in identifying levels of uniform control stringency the EPA assessed the same
NOx emissions controls that the Agency analyzed in the CSAPR Update and the Revised
CSAPR Update, all of which are considered to be widely available for EGUs: (1) fully operating
existing SCR, including both optimizing NOx removal by existing operational SCRs and turning
on and optimizing existing idled SCRs; (2) installing state-of-the-art NOx combustion controls;
(3) fully operating existing SNCRs, including both optimizing NOx removal by existing
operational SNCRs and turning on and optimizing existing idled SNCRs; (4) installing new
SNCRs; (5) installing new SCRs; and (6) generation shifting (i.e., emission reductions
anticipated to occur from generation shifting from higher to lower emitting units). The selected
levels of uniform control stringency were represented by $1,800 per ton of NOx (20163$) in 2023
and $11,000 per ton of NOx (2016$) in 2026.*

Based on this uniform control stringency analysis, the rule establishes NOx emissions
budgets requiring fossil fuel-fired EGUs in 22 states to participate in an allowance-based ozone
season (May 1 through September 30) trading program beginning in 2023. The EGUs covered by
the FIPs and subject to the budget are fossil-fired EGUs with >25-megawatt (MW) capacity. Any
new fossil fuel-fired EGU serving a generator with a nameplate capacity exceeding 25 MW

capacity that meets the applicability criteria and is deployed in any of the states covered by this

4 The EGU NOx Mitigation Strategies Final Rule TSD, in the docket (Docket ID No. EPA-HQ-OAR-2021-0688),
describes how these costs per ton were chosen for the EGU stringency in this rule. Generation shifting is not
included as a control strategy when establishing the budgets in the final rule. However, generation shifting is a
control strategy that the EPA expects will be used for compliance. For additional discussion, please see Chapter 4.
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rule’s EGU ozone-season NOx program would be subject to the same requirements as other
covered EGUSs. For details on the derivation of emissions budgets, please see Section V.C. of the

final rule preamble.

In this rule, we introduce additional features to the allowance-based trading program
approach for EGUSs, including dynamic adjustments of the emissions budgets over time and a
backstop daily emission rate for most coal-fired units, along with an adjustment to the total size
of the allowance bank, which is 21 percent of the sum of the state emissions budgets for the
current control period until 2030 (at which point it declines to 10.5%), that were not included in
previous CSAPR NOx 0zone season trading programs. These enhancements will help maintain
control stringency over time and improve emissions performance at individual units, offering an
extra measure of assurance that existing pollution controls will be operated during the ozone

season.

In this final action, the EPA is retaining the industries and many of the emissions unit
types included in the proposal. At proposal, the EPA developed an analytical framework and
applicability criteria to determine which industries and emissions unit types required NOx
limitations in the non-electric generating unit “sector” (non-EGUSs).>® The rule includes ozone
season NOx emissions limitations for non-EGUs with an initial compliance date of 2026 for 20
states. A summary of the non-EGU industries, emissions unit types, form of final emissions
limits, and final emissions limits is presented below in Table ES-1. A more detailed summary of
the emissions limits can be found in Section I.B. of the preamble. For a discussion of changes to
emissions limits between the proposed FIP and the final rule, see Chapters 1 and 4 of this RIA,
and Section V.C of the preamble to the final rule and the Final Non-EGU Sectors TSD.

5 A February 28, 2022 memorandum, titled Screening Assessment of Potential Emissions Reductions, Air Quality
Impacts, and Costs from Non-EGU Emissions Units for 2026, documents the analytical framework used to identify
industries and emissions unit types included in the proposed FIP. The memorandum is available in the docket here:
https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668-0150.

6 To further evaluate the industries and emissions unit types identified and to establish the proposed emissions
limits, the EPA reviewed Reasonably Available Control Technology (RACT) rules, New Source Performance
Standards (NSPS) rules, National Emissions Standards for Hazardous Air Pollutants (NESHAP) rules, existing
technical studies, rules in approved state implementation plan (SIP) submittals, consent decrees, and permit limits.
That evaluation is detailed in the Non-EGU Sectors Technical Support Document (TSD) prepared for the proposed
FIP. The TSD is available in the docket here: https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668-
0145.
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Table ES-1. Summary of Non-EGU Industries, Emissions Unit Types, Form of Final
Emissions Limits, and Final Emissions Limits

Industry Emissions Form of Final Final Emissions Limits
Unit Type Emissions Limits

Pipeline Transportation of Reciprocating  Grams per horsepower Four Stroke Rich Burn: 1.0 g/hp-hr

Natural Gas Internal per hours (g/hp-hr) Four Stroke Lean Burn: 1.5 g/hp-hr
Combustion Two Stroke Lean Burn: 3.0 g/hp-hr
Engines

Cement and Concrete Product Kilns
Manufacturing

Pounds per ton (Ibs/ton)
of clinker

Long Wet: 4.0 Ib/ton

Long Dry: 3.0 Ib/ton

Preheater: 3.8 Ib/ton
Precalciner: 2.3 Ib/ton
Preheater/Precalciner: 2.8 Ib/ton

Iron and Steel Mills and Reheat Ibs/mmBtu? Test and set limit based on
Ferroalloy Manufacturing Furnaces installation of Low-NOXx Burners
Glass and Glass Product Furnaces Ibs/ton glass produced Container Glass Furnace: 4.0 Ib/ton

Manufacturing

Pressed/Blown Glass Furnace: 4.0
Ib/ton

Fiberglass Furnace: 4.0 Ib/ton
Flat Glass Furnace: 9.2 Ib/ton

Iron and Steel Mills and Boilers
Ferroalloy Manufacturing

Metal Ore Mining

Basic Chemical Manufacturing
Petroleum and Coal Products
Manufacturing

Pulp, Paper, and Paperboard

Ibs/mmBtu?

Coal: 0.20 Ib/mmBtu

Residual Qil: 0.20 Ib/mmBtu
Distillate Oil: 0.12 Ib/mmBtu
Natural Gas: 0.08 Ib/mmBtu

Mills
Solid Waste Combustors and Combustors ppmvd on a 24-hour 110 ppmvd on a 24-hour averaging
Incinerators or averaging period and period

Incinerators

ppmvd on a 30-day
averaging period

105 ppmvd on a 30-day averaging
period

@Heat input limit.

For the final rule, using the list of emissions units estimated to be captured by the

applicability criteria, the assumed control technologies that would meet the emissions limits, and

information on control efficiencies and default cost/ton values from the control measures
database (CMDB),” the EPA estimated NOx emissions reductions and costs for the year 2026.

For additional details about the steps taken to estimate emissions units, emissions reductions, and

costs, see the memorandum titled Summary of Final Rule Applicability Criteria and Emissions

Limits for Non-EGU Emissions Units, Assumed Control Technologies for Meeting the Final

" More information about the Control Strategy Tool (CoST) and the control measures database (CMDB) can be
found at the following link: https://www.epa.gov/economic-and-cost-analysis-air-pollution-regulations/cost-

analysis-modelstools-air-pollution.
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Emissions Limits, and Estimated Emissions Units, Emissions Reductions, and Costs available in
the docket.?

ES.2 Baseline and Analysis Years

The final rule sets forth the requirements to eliminate states’ significant contribution to
downwind nonattainment or interference with maintenance of the 2015 ozone NAAQS. To
develop and evaluate control strategies for addressing these obligations, it is important to first
establish a baseline projection of air quality in the analysis years of 2023 and 2026, taking into
account currently on-the-books Federal regulations, enforcement actions, state regulations,
population, expected electricity demand growth, and where possible, economic growth.
Establishing this baseline for the analysis then allows us to estimate the incremental costs and
benefits of the additional emissions reductions that will be achieved by this rule.

The analysis in this RIA focuses on benefits, costs and certain impacts from 2023 through
2042. We focus on 2023 because it is by the 2023 o0zone season, corresponding with the 2024
Moderate area attainment date, that significant contribution from upwind states’ must be
eliminated to the extent possible. In addition, impacts for 2026 are important because this ozone
season corresponds with the 2027 Serious area attainment date, and it is by this ozone season that
that additional requirements for NOx emissions reductions for EGUs and non-EGUs begin to
apply for states whose upwind linkage to downwind receptors persists. Costs, benefits, and other
impacts from compliance strategies are likely to persist beyond 2026, and the RIA provides costs
and benefits through 2042.

ES.3 Air Quality Modeling

The air quality modeling for the Transport FIP for the 2015 ozone NAAQS used a 2016-
based modeling platform that included meteorology and base year emissions from 2016 and
projected emissions for 2023 and 2026. The air quality modeling to support the analyses in this

final RIA included photochemical model simulations for the 2016 base year and 2026 future

8 The estimates prepared using the 2019 inventory and information from the CMDB identify proxies for emissions
units, as well as emissions reductions, and costs associated with the assumed control technologies that would meet
the final emissions limits. Emissions units subject to the final rule emissions limits may be different than those
estimated in this assessment. Further, the estimated emissions reductions from and costs to meet the final rule
emissions limits may be different than those estimated in this assessment. The costs do not include monitoring,
recordkeeping, reporting, or testing costs.
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year. The model simulations included source apportionment modeling for the 2026 baseline to
quantify the contributions to ozone from EGU and from non-EGU NOx emissions and the
contributions to PM,5 from EGU emissions of NOx, SO-, and directly emitted primary PM.s.°
Source apportionment modeling for ozone and PM2.s was performed to provide contributions on
a state-by-state basis. All of the air quality model simulations were performed using the
Comprehensive Air Quality Model with Extensions (CAMX) version 7.10. The CAMX
nationwide modeling domain (i.e., the geographic area included in the modeling) covers all
lower 48 states plus adjacent portions of Canada and Mexico using a horizontal grid resolution of
12 x 12 km.

The modeling results for 2016 and 2026, in conjunction with emissions data for the 2023
baseline, 2026 baseline, the final rule, and more and less stringent alternatives (regulatory control
alternatives) in 2023 and 2026, were used to construct the air quality spatial fields that reflect the
influence of emissions changes between the baseline and each regulatory control alternative.
These spatial fields provide the air quality inputs to calculate health benefits for the Transport
FIP for the 2015 ozone NAAQS and to inform the environment justice impact analysis in
Chapter 7. The spatial fields were constructed based on a method that uses ozone and PM_ 5
contributions from emissions in individual states and state-level emissions reductions for each of
the regulatory control alternatives coupled with baseline spatial fields of ozone and PM2 s
concentrations. This method, as described in Chapter 3, was used most recently in the RIA for
this proposal. In addition to the modeling to create spatial fields, we also performed air quality
modeling to assess the parts per billion (ppb) impacts on projected ozone design values at
monitoring sites nationwide in 2026 attributable to the EGU and non-EGU ozone season NOXx

emissions reductions projections from this final rule.
ES.4 Control Strategies and Emissions Reductions

The RIA analyzes emissions budgets for EGUs and ozone season emissions limits for
non-EGUs, as well as a more and a less stringent alternative to the final rule. The more and less

stringent alternatives differ from the Transport FIP for the 2015 ozone NAAQS in that they set

® The ozone source apportionment modeling used for the proposed rule analyses is also used for this final rule
analysis. In this regard, the contribution modeling is based on 2026 base case emissions that were developed for the
proposed rule. At proposal, benefits associated with reductions in PM. s concentrations were derived based on
Benefit per Ton estimates for EGUs. For this final rule, we performed source apportionment modeling for PM_ s
using the same 2026 emissions inventory that was used as input to the ozone source apportionment modeling.
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different EGU NOx ozone season emission budgets and different dates for compliance with unit-
specific emission limits for the affected EGUs and estimate different control technologies for
some emissions units for the affected non-EGUs. Table ES-2. below presents the less stringent
alternatives, final rule requirements, and more stringent alternatives for EGUs and non-EGUs.
While the EGUs are required to comply with emissions budgets in 2023, tightening in 2026 for
some states, along with a backstop emission rate for coal units, Table ES-2 also describes
exogenously imposed compliance assumptions (i.e., control strategies) in the power sector
modeling for purposes of the analysis (e.g., installation of state-of-the-art combustion controls
and fully operating SNCRs and SCRs). Other control strategies are endogenous to the EGU
analysis, such as changes in the dispatch order of generators and installation of post-combustion

controls.

For non-EGUEs, to establish the emissions limits, the EPA reviewed Reasonably Available
Control Technology (RACT) rules, New Source Performance Standards (NSPS) rules, National
Emissions Standards for Hazardous Air Pollutants (NESHAP) rules, existing technical studies,
rules in approved state implementation plan (SIP) submittals, consent decrees, and permit limits.
We assumed control technologies would be adopted for compliance with the limitations in this
analysis. For the purposes of summarizing the results of the benefits and costs of these
alternatives, the less stringent alternative for EGUs is presented with the less stringent alternative
for non-EGUs. However, the cost, emissions, and energy impacts for the EGU and non-EGU
alternatives are evaluated separately.

Table ES-2. Regulatory Control Alternatives for EGUs and Non-EGUs

Regulatqry Control NOx Controls Implemented for EGUs within IPM??
Alternative

1) 2023 onwards: Fully operate existing selective catalytic reduction (SCRs)
during ozone season
2) 2023 onwards: Fully operate existing selective non-catalytic reduction
Less Stringent Alternative (SNCRs) during ozone season
3) In 2023 install state-of-the-art combustion controls®
4) In 2030 model run year, impose backstop emission rate on coal units greater
than 100 MW within the 19-state region that lack SCR controls.*
(All Controls above and)
5) In 2025 model run year, impose Engineering Analysis derived emissions
budgets that assume installation of SCR controls on coal units greater than
100 MW within the 19-state region that lack SCR controls.
(Controls 1 — 5 above and)
In 2025 model run year, impose backstop emission rate on coal units greater
than 100 MW within the 19-state region that lack SCR controls, forcing units
to retrofit or retire.

Final Rule

More Stringent Alternative 6)
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Regulatory Control NOx Emissions Limits for Non-EGUs — Emissions Unit Types, Industries,
Alternative and Controls Assumed for Compliance
1) Reciprocating internal combustion engines in Pipeline Transportation of
Natural Gas — Adjust Air-to-Fuel Ratio
2) Kilns in Cement and Cement Product Manufacturing — install SNCR
3) Reheat furnaces in Iron and Steel Mills and Ferroalloy Manufacturing — install
Low NOXx burners (LNB)
Less Stringent Alternative 4) Furnaces in Glass and Glass Product Manufacturing — install LNB
5) Boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SNCR
6) Combustors or Incinerators in Solid Waste Combustors and Incinerators —
install Advanced NSCR (ANSCR) or LN™ and SNCR®
(Controls 2, 3, 4, and 6 above, plus changes in assumed controls noted below)
7) Reciprocating internal combustion engines in Pipeline Transportation of
Natural Gas — depending on engine type, install Layered Combustion, non-
selective catalytic reduction (NSCR), or SCR
8) Boilersin Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SCR (coal- or
oil-fired) or LNB and FGR (natural gas-fired only)
(Controls 3, 6, 7 above, plus changes in assumed controls noted below)
9) Kilns in Cement and Cement Product Manufacturing — install SCR
10) Furnaces in Glass and Glass Product Manufacturing — install SCR
More Stringent Alternative 11) Boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SCR (natural
gas-fired only)
2 |PM uses model years to represent the full planning horizon being modeled. By mapping multiple calendar years to
a run year, the model size is kept manageable. For this analysis, IPM maps the calendar year 2023 to run year 2023,
calendar years 2024-2026 to run year 2025 and calendar years 2027-2029 to run year 2028. For model details, please
see Chapter 2 of the IPM documentation.
® NOx mass budgets are imposed in all run years in IPM (2023-2050) consistent with the measures highlighted in
this table.
¢ The final rule implementation allows for the reduction associated with state-of-the-art combustion controls to occur
by 2024. 1t is captured in 2023 in this analysis to fully assess the impact of the mitigation measures occurring prior
to 2026.
9 For the 19 states with EGU obligations that are linked in 2026 the EPA is determining that the selected EGU
control stringency also includes emissions reductions commensurate with the retrofit of SCR at coal steam-fired
units of 100 MW or greater capacity (excepting circulating fluidized bed units (CFB)), new SNCR on coal-fired
units of less than 100 MW capacity and on CFBs of any capacity size, and SCR on oil/gas units greater than 100
MW that have historically emitted at least 150 tons of NOx per ozone season. The EPA evaluated the EGU sources
within the state of California and found there were no covered coal steam sources greater than 100 MW that would
have emissions reduction potential according to EPA’s assumed EGU SCR retrofit mitigation technologies. The 19
states are: Arkansas, Illinois, Indiana, Kentucky, Louisiana, Maryland, Michigan, Mississippi, Missouri, Nevada,
New Jersey, New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah, Virginia, and West Virginia.
¢ Covanta has developed a proprietary low NOx combustion system (LN™) that involves staging of combustion air.
The system is a trademarked system and Covanta has received a patent for the technology.

Final Rule

For 2023, total ozone season NOx emissions reductions of 10,000 tons are from EGUSs;
for 2026 total ozone season NOx emissions reductions of 70,000 tons are from EGUs and non-
EGUs, and for 2030 total ozone season NOx emissions reductions of 79,000 tons are from EGUs
and non-EGUs.
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ES.4.1 EGUs

For the NOx controls for EGUs identified in Table ES-2, under the final rule and the less
stringent and more stringent alternatives, 232 EGUs not already doing so in 2019 are assumed to
fully operate existing SCRs. Under the final rule and the less stringent and more stringent
alternatives, 39 units are assumed to fully operate existing SNCRs. Under the final rule and the
less stringent and more stringent alternatives, 9 units are assumed to install state-of-the-art
combustion controls. The book-life of the new combustion controls is assumed to be 15 years.

By 2030 the final rule is projected to result in an additional 14 GW of coal retirements
nationwide relative to the baseline, constituting a reduction of 13 percent of national coal
capacity, partially reflecting some earlier retirements under the rule relative to the baseline.
Additionally, the rule is projected to incentivize an incremental 8 GW of SCR retrofit at coal
plants. The rule is also projected to result in an incremental 3 GW of renewable capacity
additions in 2025, consisting primarily of solar capacity builds. These builds reflect early action

or builds that would otherwise have occurred later in the forecast period.

Table ES-3. shows the 0zone season NOx emissions reductions expected from the final
rule as well as the more and less stringent alternatives analyzed from 2023 through 2027, and for
2030, 2035, and 2042. In addition, Table ES-3 also shows the annual NOx, SO2, PM2s, and CO>
emissions reductions expected from the final rule as well as the more and less stringent
alternatives analyzed from 2023 through 2027, and for 2030, 2035, and 2042.2° Under the more
stringent alternative, the modeling projects a higher ratio of SCR retrofits to retirements,
resulting in higher emissions projected under this alternative in later years.

Table ES-3. EGU Ozone Season NOx Emissions Changes and Annual Emissions Changes
for NOx, SO2, PMzs, and CO:z for the Regulatory Control Alternatives from 2023 — 2042%*

Final Rule Less Strin_gent More Strin_gent
Alternative Alternative
2023
NOXx (ozone season) 10,000 10,000 10,000
NOx (annual) 15,000 15,000 15,000

SO: (annual) 1,000 3,000 1,000
CO; (annual, thousand metric) - - -

10 EGU results reflect IPM outputs for model run years (2023, 2025, 2028, 2030, 2035, 2040, and 2045). All other
years are linearly interpolated.
11 This analysis is limited to the geographically contiguous lower 48 states.
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Less Stringent

More Stringent

Final Rule Alternative Alternative
PM_ s (annual) - - -
2024
NOX (0zone season) 21,000 10,000 33,000
NOx (annual) 25,000 15,000 57,000
SO, (annual) 19,000 5,000 59,000
CO; (annual, thousand metric) 10,000 4,000 20,000
PM5 (annual) 1,000 - 1,000
2025
NOXx (0zone season) 32,000 10,000 56,000
NOx (annual) 35,000 15,000 99,000
SO, (annual) 38,000 7,000 118,000
CO; (annual, thousand metric) 21,000 8,000 40,000
PM_ 5 (annual) 2,000 1,000 2,000
2026
NOXx (0zone season) 25,000 8,000 49,000
NOx (annual) 29,000 12,000 88,000
SO, (annual) 29,000 5,000 104,000
CO; (annual, thousand metric) 16,000 6,000 34,000
PM_ 5 (annual) 1,000 - 2,000
2027
NOX (0zone season) 19,000 6,000 43,000
NOx (annual) 22,000 9,000 78,000
SO; (annual) 21,000 4,000 91,000
CO; (annual, thousand metric) 10,000 3,000 28,000
PM_ s (annual) 1,000 - 2,000
2030
NOX (ozone season) 34,000 33,000 31,000
NOx (annual) 62,000 59,000 50,000
SO; (annual) 93,000 98,000 51,000
CO- (annual, thousand metric) 26,000 23,000 8,000
PM_s (annual) 1,000 1,000 -
2035
NOXx (ozone season) 29,000 30,000 27,000
NOx (annual) 46,000 46,000 41,000
SO, (annual) 21,000 19,000 15,000
CO; (annual, thousand metric) 16,000 15,000 8,000
PM3 s (annual) 1,000 1,000 -
2042
NOXx (ozone season) 22,000 22,000 22,000
NOx (annual) 23,000 22,000 21,000
SO, (annual) 15,000 15,000 7,000
CO; (annual, thousand metric) 9,000 8,000 4,000

PM3 s (annual)

Emissions changes for NOy, SO, and PMzs are in tons.

The Public Law 117-169, 136 Stat. 1818 (August 16, 2022), commonly known as the

Inflation Reduction Act of 2022 (IRA) includes significant additional new generation incentives



targeting more efficient and lower-emitting sources of generation that is likely to meaningfully
affect the U.S. generation mix in the future and increase the pace of new lower-emitting
generation replacing some of older higher-emitting generating capacity. We include an appendix
to Chapter 4 to describe the EGU compliance behavior, costs, and emissions reductions that
include adjustments made to the IPM baseline to account for the potential effects of the IRA of

2022 on the power sector costs, emission reductions, and other impacts from this final rule.
ES.4.2 Non-EGUs

Table ES-4 below provides a summary of the 2019 ozone season emissions for non-
EGUs for the 20 states subject to the rule in 2026, along with the estimated ozone season
reductions for the final rule and the less and more stringent alternatives for 2026.2 The EPA did
not estimate emissions reductions of SOz, PM2s, CO2 and other pollutants that may be associated
with controls on non-EGU emissions units; based on the estimated emissions reductions of NOx
and typical relationships between NOx and these other pollutants, there are likely to be
reductions of those additional pollutants. For the final rule, the EPA prepared an assessment
summarized in the memorandum titled Summary of Final Rule Applicability Criteria and
Emissions Limits for Non-EGU Emissions Units, Assumed Control Technologies for Meeting the
Final Emissions Limits, and Estimated Emissions Units, Emissions Reductions, and Costs, and
the memorandum includes estimated emissions reductions by state for the rule. Table ES-5
below shows the industries, emissions unit types, assumed control technology that meets the
final emissions limits and the estimated number of emissions units expected to install each
control (Table ES-1 above summarizes the industries, emissions unit types, and assumed controls
for the final rule). For additional results for 2026 — including estimated emissions reductions and
costs by state and estimated emissions reductions and costs by state and industry — see the above
cited memo. The analysis in the RIA assumes that the estimated reductions in 2026 for non-

EGUs will be the same in later years.

12 EPA determined that the 2019 inventory was appropriate because it provided a more accurate prediction of
potential near-term emissions reductions. The analysis assumes that the 2019 emissions from the emissions units
will be the same in 2026 and later years.
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Table ES-4. Ozone Season NOx Emissions and Emissions Reductions (tons) for the Final
Rule and the Less and More Stringent Alternatives for Non-EGUs in 2026

2019 Ozone Final Rule - Less Stringent—  More Stringent —
Season Ozone Season Ozone Season Ozone Season
State Emissions? NOx Reductions  NOx Reductions  NOx Reductions
AR 8,790 1,546 457 1,690
CA 16,562 1,600 1,432 4,346
IL 15,821 2,311 751 2,991
IN 16,673 1,976 1,352 3,428
KY 10,134 2,665 583 3,120
LA 40,954 7,142 1,869 7,687
MD 2,818 157 147 1,145
Ml 20,576 2,985 760 5,087
MO 11,237 2,065 579 4,716
MS 9,763 2,499 507 2,650
NJ 2,078 242 242 258
NV 2,544 0 0 0
NY 5,363 958 726 1,447
OH 18,000 3,105 1,031 4,006
OK 26,786 4,388 1,376 5,276
PA 14,919 2,184 1,656 4,550
TX 61,099 4,691 1,880 9,963
uT 4,232 252 52 615
VA 7,757 2,200 978 2,652
wv 6,318 1,649 408 2,100
Totals 302,425 44,616 16,786 67,728

2 The 2019 ozone season emissions are calculated as 5/12 of the annual emissions from the following two emissions
inventory files: nonegu_SmokeFlatFile_2019NEI_POINT_20210721 controlupdate_13sep2021_v0 and
oilgas_SmokeFlatFile_2019NEI_POINT_20210721_controlupdate_13sep2021_vO0.
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Table ES-5. Non-EGU Industries, Emissions Unit Types, Assumed Control Technologies that Meet Final Emissions Limits,
Estimated Number of Control Installations

Estimated
Number of
Units Per
Assumed Control Technologies that Assumed
Industry/Industries Emissions Unit Type Meet Final Emissions Limits Control
Reciprocating Internal NSCR or Layered Combustion
Pipeline Transportation of Natural Gas Combustion Engines (Reciprocating) 323
Layered Combustion (2-cycle Lean Burn) 394
SCR (4-cycle Lean Burn) 158
NSCR (4-cycle Rich Burn) 30
Cement and Concrete Product
Manufacturing Kiln SNCR 16
Iron and Steel Mills and Ferroalloy
Manufacturing Reheat Furnaces LNB 19
Glass and Glass Product Manufacturing Furnaces LNB 61
Iron and Steel Mills and Ferroalloy
Manufacturing Boilers LNB + FGR (Gas, No Coal or Qil) 151
Metal Ore Mining SCR (Any Coal, Any Qil) 15
Basic Chemical Manufacturing
Petroleum and Coal Products
Manufacturing
Pulp, Paper, and Paperboard Mills
Solid Waste Combustors and Incinerators® ~ Combustors or Incinerators ANSCR 57
LN™ and SNCR 4
Total 1,228

2 Twelve MWCs have existing controls, and we estimated these units will use more reagent in those controls to meet the final emissions limits.
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ES.5 Costs

Table ES-6 below summarizes the present value (PV) and equivalent annualized value
(EAV) of the total national compliance cost estimates for EGUs and non-EGUSs for the final rule
and the less and more stringent alternatives. The compliance cost estimate for EGUs is the
incremental electricity generation system cost associated with complying with the emission
budgets and backstop emission rate. Chapter 4, Section 4.3 describes the modeling and
methodology used to estimate EGU costs and Section 4.5 presents results, including impacts on
fuel use, prices, and generation mix. The compliance cost estimate for non-EGUs is the
engineering cost of installing pollution controls. Chapter 4, Section 4.4 describes the
methodology used to estimate non-EGU costs and Section 4.5 presents results, including average
cost-per-ton estimates across industries and assumed technologies. These compliance cost
estimates are used as a proxy for the social cost of the rule. We present the PV of the costs over
the twenty-year period 2023 to 2042. We also present the EAV, which represents a flow of
constant annual values that, had they occurred in each year from 2023 to 2042, would yield a
sum equivalent to the PV. The EAV represents the value of a typical cost for each year of the
analysis.

Table ES-6. Total National Compliance Cost Estimates (millions of 20163) for the Final
Rule and the Less and More Stringent Alternatives

Less Stringent

Final Rule More Stringent Alternative

Alternative

3 Percent 7 Percent 3Percent 7Percent 3 Percent 7 Percent
Present Value $6,800 $3,900 $6,800 $3,900 $9,500 $6,500
EGU 2023-2042
Present Value $6,700 $4,300 $1,700 $1,100  $15,000 $9,500
Non-EGU 2026-2042
Present Value $13,000 $8,200 $8,400 $5,000 $24,000 $16,000
Total 2023-2042 ! ! ' ! ' '
EGU
Equivalent $460 $370 $450 $370 $640 $620
Annualized Value
Non-EGU
Equivalent $450 $400 $110 $100 $1,000 $900
Annualized Value
Total
Equivalent $910 $770 $570 $470 $1,600 $1,500

Annualized Value

Note: Values have been rounded to two significant figures
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ES.6 Benefits
ES.6.1 Health Benefits Estimates

The final rule is expected to reduce ozone season and annual NOx emissions. In the
presence of sunlight, NOx and volatile organic compounds (VOCs) can undergo a chemical
reaction in the atmosphere to form ozone. Reducing NOx emissions generally reduces human
exposure to ozone and the incidence of ozone-related health effects, though the degree to which
ozone is reduced will depend in part on local concentration levels of VOCs. In addition to NOX,
the rule is also expected to reduce emissions of direct PM2s and SO> throughout the year from
EGUs. Because NOx and SO are also precursors to secondary formation of ambient PM2ss,
reducing these emissions would reduce human exposure to ambient PM2 s throughout the year

and would reduce the incidence of PMzs-attributable health effects.

In this RIA for the Transport FIP for the 2015 ozone NAAQS, the EPA quantifies
benefits of changes in ozone and PM_ s concentrations. The health effects and effect estimates,
and how they were selected, are described in the technical support document for the 2022 PM
NAAQS Reconsideration Proposal RIA titled Estimating PM..s- and Ozone-Attributable Health
Benefits. The approach for updating the endpoints and to identify suitable epidemiologic studies,
baseline incidence rates, population demographics, and valuation estimates is summarized in
Chapter 5.

Table ES-7 and Table ES-8 report the estimated economic value of avoided premature
deaths and illness in 2023 and 2026 relative to the baseline along with the 95% confidence
interval. The number of reduced estimated deaths and illnesses from the final rule and more and
less stringent alternatives is calculated from the sum of individual reduced mortality and illness
risk across the population. In each of these tables, for each discount rate and regulatory control
alternative, multiple benefits estimates are presented reflecting alternative ozone and PM2 s

mortality risk estimates.
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Table ES-7. Estimated Discounted Monetized Value of Avoided Ozone-Related Premature
Mortality and IlIness for the Final Rule and the Less and More Stringent Alternatives in
2023 (95% Confidence Interval; millions of 2016$)2P

B::t% Pollutant Final Rule More Stringent Alternative | Less Stringent Alternative
3% Ozone $100 $820 $110 $840 $100 $810
Benefits ($27 to and ($91 to ($28t0 and ($94 to ($27t0 and  ($91to
$220)° $2,100)¢  $230)° $2,200)  $220)° $2,100)¢
7% Ozone $93 $730 $96 $750 $93 $730
Benefits ($17 to and ($75to ($18t0  and ($77 to ($317t0 and  ($75to
210)° $1,900)¢ $210)¢ $2,000)¢ $210)° $1,900)¢

2Values rounded to two significant figures. The two benefits estimates are separated by the word “and” to signify
that they are two separate estimates. The estimates do not represent lower- and upper-bound estimates and should
not be summed.
b\We estimated ozone benefits for changes in NOXx for the ozone season for EGUs in 2023. This table does not

include benefits from reductions for non-EGUs because reductions from these sources are not expected prior to 2026

when the final standards would apply to these sources.

¢ Using the pooled short-term ozone exposure mortality risk estimate.
d Using the long-term ozone exposure mortality risk estimate.

Table ES-8. Estimated Discounted Monetized Value of Avoided Ozone and PMz2s-
Attributable Premature Mortality and IlIness for the Final Rule and the Less and More
Stringent Alternatives in 2026 (95% Confidence Interval; millions of 2016$)2°

I;);z Pollutant Final Rule More Stringent Alternative Less Stringent Alternative
3%  Ozone $1,100 $9,400 $1,900 $15,000 $420 $3,400
Benefits ($280 to and  ($1,000 to (470 to and ($1,700to | ($110to and (%380 to
$2,400) ¢ $25,000)¢  $4,000)°¢ $40,000)¢ = $900) ¢ $8,900) ¢

PM $2,000 $4,400 $6,400 $14,000 $530 $1,100
Benefits ($220 to and  ($430to ($690to0  and ($1,300to | ($57to and ($110to
$5,300) $12,000)  $17,000) $37,000)  $1,400) $3,100)

Ozone $3,200 $14,000 $8,300 $29,000 $950 $4,600

plus PM ($500 to and ($1,500to | ($1,200to0 and ($3,000t0 | ($160to and ($490 to
Benefits $7,700)° $36,000)¢ | $21,000)° $77,000)¢ | $2,300)° $12,000)°

7% Ozone $1,000 $8,400 $1,700 $14,000 $380 $3,100
Benefits (%180 to and ($850 to ($300to0  and  ($1,400to @ ($68to  and ($310to
$2,300) ¢ $22,000)¢  $3,800)°¢ $36,000)¢  $850) ¢ $8,100) ¢

PM $1,800 $3,900 $5,800 $12,000 470 $1,000
Benefits ($190 to and (%380 to ($600to and ($1,200to @ ($50to  and ($100 to
$4,700) $11,000) : $15,000) $33,000) : $1,200) $2,800)

Ozone $2,800 $12,000 $7,500 $26,000 $850 $4,100

plus PM ($370 to and ($1,200to  ($910to and ($2,600to @ ($120to and (%410 to
Benefits $7,000) $33,000)¢ = $19,000)¢ $69,000)? = $2,100) $11,000)¢

2Values rounded to two significant figures. The two benefits estimates are separated by the word “and” to signify
that they are two separate estimates. The estimates do not represent lower- and upper-bound estimates and should
not be summed.
® \We estimated changes in NOXx for the ozone season and annual changes in PM_ s and PM_ s precursors in 2026.

¢ Sum of ozone mortality estimated using the pooled short-term ozone exposure risk estimate and the Di et al. (2017)
long-term PM s exposure mortality risk estimate.
4 Sum of the Turner et al. (2016) long-term ozone exposure risk estimate and the Di et al. (2017) long-term PMz

exposure mortality risk estimate.
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ES.6.2 Climate Benefits

Elevated concentrations of GHGs in the atmosphere have been warming the planet,
leading to changes in the Earth’s climate including changes in the frequency and intensity of heat
waves, precipitation, and extreme weather events, rising seas, and retreating snow and ice. The
well-documented atmospheric changes due to anthropogenic GHG emissions are changing the
climate at a pace and in a way that threatens human health, society, and the natural environment.
Climate change touches nearly every aspect of public welfare in the U.S. with resulting
economic costs, including: changes in water supply and quality due to changes in drought and
extreme rainfall events; increased risk of storm surge and flooding in coastal areas and land loss
due to inundation; increases in peak electricity demand and risks to electricity infrastructure; and
the potential for significant agricultural disruptions and crop failures (though offset to some

extent by carbon fertilization).

There will be important climate benefits associated with the CO2 emissions reductions
expected from this final rule. Climate benefits from reducing emissions of CO, can be monetized
using estimates of the social cost of carbon (SC-CO>). See Chapter 5, Section 5.2 for more

discussion of the approach to monetization of the climate benefits associated with this rule.
ES.6.3 Total Monetized Human Health and Climate Benefits

Tables ES-9 through ES-11 below present the total monetized health and climate benefits

for the final rule and the less and more stringent alternatives for 2023, 2026, and 2030.
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Table ES-9. Combined Monetized Health and Climate Benefits for the Final Rule and Less
and More Stringent Alternatives for 2023 (millions of 20163$)

Health and Climate Benefits

Climate Benefits

SC-CO: Discount

(Discount Rate Applied to Health

Rate and Statistic Benefits) only”
3% 7%
Final Rule
5% (average) $100 and $820 $94 and $730 $1
3% (average) $100 and $820 $98 and $740 $5
2.5% (average) $110 and $820 $100 and $740 $7
3% (95" percentile) $110 and $830 $110 and $750 $14
Less Stringent Alternative
5% (average) $100 and $810 $94 and $730 $1
3% (average) $100 and $820 $97 and $730 $4
2.5% (average) $110 and $820 $99 and $730 $6
3% (95" percentile) $110 and $830 $100 and $740 $12
More Stringent Alternative
5% (average) $110 and $840 $97 and $750 $1
3% (average) $110 and $840 $100 and $760 $5
2.5% (average) $120 and $850 $100 and $760 $7
3% (95" percentile) $120 and $850 $110 and $770 $14

aClimate benefits are based on changes (reductions) in CO; emissions and are calculated using four different
estimates of the social cost of carbon (SC-CO;) (model average at 2.5 percent, 3 percent, and 5 percent discount

rates; 95™ percentile at 3 percent discount rate).
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Table ES-10. Combined Monetized Health and Climate Benefits for the Final Rule and

Less and More Stringent Alternatives for 2026 (millions of 20163$)

. . Climate
;gt-e?;)nz dDSItsg'zgtr:(E (Discoul;:te aRI;Teans ilé??cgeHiZTteglgenefits) Bg:ﬁ;': >
3% 7%
Final Rule
5% (average)  $3,500 and $14,000 $3,100 and $13,000 $340
3% (average)  $4,300 and $15,000 $3,900 and $13,000 $1,100
2.5% (average)  $4,800 and $15,000  $4,400 and $14,000 $1,600
3% (95th percentile)  $6,600 and $17,000  $6,200 and $16,000 $3,400
Less Stringent Alternative
5% (average)  $1,100 and $4,700 $980 and $4,200 $130
3% (average)  $1,400 and $5,000 $1,300 and $4,500 $420
2.5% (average)  $1,600 and $5,200 $1,500 and $4,700 $620
3% (95" percentile)  $2,200 and $5,800 $2,100 and $5,400 $1,300
More Stringent Alternative
5% (average)  $8,900 and $30,000  $13,000 and $27,000 $640
3% (average) $10,000 and $31,000  $14,000 and $28,000 $2,100
2.5% (average) $11,000 and $32,000  $15,000 and $29,000 $3,100
3% (95" percentile)  $15,000 and $35,000  $18,000 and $32,000 $6,400

@ Climate benefits are based on changes (reductions) in CO, emissions and are calculated using four different
estimates of the social cost of carbon (SC-CO,) (model average at 2.5 percent, 3 percent, and 5 percent discount
rates; 95 percentile at 3 percent discount rate).
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Table ES-11. Combined Monetized Health and Climate Benefits for the Final Rule and
Less and More Stringent Alternatives for 2030 (millions of 20163$)

Health and Climate Benefit Climate
;gt-e?;)nz dDSItsg'zgtr:(E (Discounte aRateaAngI: ied a'EloeHei\Iteh Bfenefits) Bg:ﬁ;': S
3% 7%
Final Rule
5% (average) $3,900 and $15,000  $3,500 and $14,000 $470
3% (average) $4,900 and $16,000  $4,500 and $15,000 $1,500
2.5% (average)  $5,600 and $17,000  $5,200 and $15,000 $2,200
3% (95" percentile)  $8,000 and $19,000 $7,600 and $18,000 $4,600
Less Stringent Alternative
5% (average)  $1,400 and $5,300 $1,300 and $4,800 $420
3% (average)  $2,300 and $6,200 $2,300 and $5,700 $1,300
2.5% (average)  $3,000 and $6,800 $2,900 and $6,300 $2,000
3% (95" percentile)  $5,100 and $8,900 $5,000 and $8,400 $4,100
More Stringent Alternative
5% (average) $9,200 and $31,000  $8,300 and $28,000 $150
3% (average)  $9,500 and $31,000  $8,600 and $28,000 $480
2.5% (average)  $9,700 and $32,000  $8,800 and $28,000 $700
3% (95" percentile)  $10,000 and $32,000  $9,500 and $29,000 $1,400

aClimate benefits are based on changes (reductions) in CO; emissions and are calculated using four different
estimates of the social cost of carbon (SC-CO;) (model average at 2.5 percent, 3 percent, and 5 percent discount
rates; 95™ percentile at 3 percent discount rate).

ES.6.4 Additional Unquantified Benefits

Data, time, and resource limitations prevented the EPA from quantifying the estimated
health impacts or monetizing estimated benefits associated with direct exposure to NO2 and SO>
(independent of the role NO2 and SO; play as precursors to ozone and PM: ), as well as
ecosystem effects, and visibility impairment due to the absence of air quality modeling data for
these pollutants in this analysis. While all health benefits and welfare benefits were not able to be
quantified, it does not imply that there are not additional benefits associated with reductions in
exposures to ozone, PM25, NO2 or SO>. For a qualitative description of these and water quality

benefits, please see Chapter 5, section 5.4.
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ES.7 Environmental Justice Impacts

Environmental justice (EJ) concerns for each rulemaking are unique and should be
considered on a case-by-case basis, and the EPA’s EJ Technical Guidance!? states that “[t]he

analysis of potential EJ concerns for regulatory actions should address three questions:

1. Are there potential EJ concerns associated with environmental stressors affected

by the regulatory action for population groups of concern in the baseline?

2. Are there potential EJ concerns associated with environmental stressors affected
by the regulatory action for population groups of concern for the regulatory

option(s) under consideration?

3. For the regulatory option(s) under consideration, are potential EJ concerns created

or mitigated compared to the baseline?”

To address these questions, the EPA developed an analytical approach that considers the
purpose and specifics of the rulemaking, as well as the nature of known and potential exposures
and impacts. For the rule, we quantitatively evaluate 1) the proximity of affected facilities to
potentially vulnerable and/or overburdened populations for consideration of local pollutants
impacted by this rule but not modeled here (Chapter 7, Section 7.3) and 2) the distribution of
ozone and PM_ s concentrations in the baseline and changes due to the final rulemaking across
different demographic groups on the basis of race, ethnicity, poverty status, employment status,
health insurance status, age, sex, educational attainment, and degree of linguistic isolation
(Chapter 7, Section 7.4). Each of these analyses depends on mutually exclusive assumptions, was
performed to answer separate questions, and is associated with unique limitations and

uncertainties.

Baseline demographic proximity analyses provide information as to whether there may
be potential EJ concerns associated with environmental stressors, in this case such as, local NO>
emitted from sources affected by the regulatory action for certain population groups of concern
(Chapter 7, Section 7.3). The baseline demographic proximity analyses suggest that larger
percentages of Hispanics, African Americans, people below the poverty level, people with less

13 U.S. Environmental Protection Agency (EPA), 2015. Guidance on Considering Environmental Justice During the
Development of Regulatory Actions.
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educational attainment, and people linguistically isolated are living within 5 km and 10 km of an
affected EGU, compared to national averages. It also finds larger percentages of African
Americans, people below the poverty level, and with less educational attainment living within 5
km and 10 km of an affected non-EGU facility. Relating these results to question 1, we conclude
that there may be potential EJ concerns associated with directly emitted pollutants that are
affected by the regulatory action (e.g., NO>) for certain population groups of concern in the
baseline. However, as proximity to affected facilities does not capture variation in baseline
exposure across communities, nor does it indicate that any exposures or impacts will occur, these

results should not be interpreted as a direct measure of exposure or impact.

Because the pollution impacts that are the focus of this rule are often substantially
downwind from affected facilities, ozone and PM..s exposure analyses that evaluate demographic
variables are better able to evaluate any potentially disproportionate pollution impacts of this
rulemaking. The baseline ozone and PM. s exposure analyses respond to question 1 from the
EPA’s EJ Technical Guidance document more directly than the proximity analyses, as they
evaluate a form of the environmental stressor primarily affected by the regulatory action
(Chapter 7, Section 7.4). Baseline ozone and PM2 s exposure analyses show that certain
populations, such as Hispanics, Asians, those linguistically isolated, those less educated, and
children may experience disproportionately higher ozone and PM2 s exposures as compared to
the national average. American Indians may also experience disproportionately higher ozone
concentrations than the reference group. Therefore, there likely are potential EJ concerns
associated with environmental stressors affected by the regulatory action for population groups

of concern in the baseline.

Finally, we evaluate how post-policy regulatory alternatives of this final rulemaking are
expected to differentially impact demographic populations, informing questions 2 and 3 from the
EPA’s EJ Technical Guidance with regard to ozone and PM2 5 exposure changes. We infer that
disparities in the ozone and PM. s concentration burdens are likely to remain after
implementation of the regulatory action or alternatives under consideration. This is due to the
small magnitude of the concentration changes associated with this rulemaking across population
demographic subgroups, relative to baseline disparities (question 2). Also, due to the very small
differences observed in the distributional analyses of post-policy ozone and PM2 s exposure

impacts, we do not find evidence that potential EJ concerns related to 0zone or PM2.s exposures
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will be meaningfully exacerbated or mitigated in the regulatory alternatives under consideration,
compared to the baseline (question 3). Importantly, the action described in this rule is expected
to lower ozone and PM_ s in many areas, including in 0zone nonattainment areas, and thus

mitigate some pre-existing health risks across all populations evaluated.
ES.8 Results of Benefit-Cost Analysis

Below we present the annual costs and benefits estimates for 2023, 2026, and 2030,
respectively. This analysis uses annual compliance costs reported above as a proxy for social
costs. The estimated annual compliance costs to implement the rule, as described in this RIA, are
approximately $57 million in 2023 and $570 million in 2026 (2016$).

The estimated monetized health benefits from reduced ozone and PM_ s concentrations
from implementation of the rule are approximately $100 and $820 million in 2023 (2016$, based
on a real discount rate of 3 percent). The estimated monetized climate benefits from reduced
GHG emissions are approximately $5 million in 2023 (20163, based on a real discount rate of 3
percent). For 2026, the estimated monetized health benefits from implementation of the rule are
approximately $3,200 and $14,000 million (2016$, based on a real discount rate of 3 percent).
The estimated monetized climate benefits from reduced GHG emissions are approximately
$1,100 million in 2026 (2016$, based on a real discount rate of 3 percent).

The EPA calculates the monetized net benefits of the rule by subtracting the estimated
monetized compliance costs from the estimated monetized health and climate benefits in 2023,
2026, and 2030. The benefits include those to public health associated with reductions in ozone
and PM2 s concentrations, as well as those to climate associated with reductions in GHG
emissions. The annual monetized net benefits of the rule in 2023 (in 2016%) are approximately
$48 and $760 million using a 3 percent real discount rate. The annual monetized net benefits of
the rule in 2026 are approximately $3,700 and $14,000 million using a 3 percent real discount
rate. The annual monetized net benefits of the rule in 2030 are approximately $3,600 and
$15,000 million using a 3 percent real discount rate. Table ES-12 presents a summary of the
monetized health and climate benefits, costs, and net benefits of the rule and the less and more
stringent alternatives for 2023. Table ES-13. presents a summary of these impacts for the rule
and the less and more stringent alternatives for 2026. Table ES-14 presents a summary of these

impacts for the rule and the less and more stringent alternatives for 2030. These results present
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an incomplete overview of the effects of the rule because important categories of benefits—
including benefits from reducing other types of air pollutants, and water pollution — were not
monetized and are therefore not reflected in the cost-benefit tables. We anticipate that taking
non-monetized effects into account would show the rule to be more net beneficial than these
tables reflect.

Table ES-12. Monetized Benefits, Costs, and Net Benefits of the Final Rule and Less and
More Stringent Alternatives for 2023 for the U.S. (millions of 2016$)*?

Final Rule Less Stringent More Striqgent
Alternative Alternative
Health Benefits® $100 and $820 $100 and $810 $110 and $840
Climate Benefits $5 $4 $5
Total Benefits $100 and $820 $100 and $820 $110 and $840
Costs* $57 $56 $49
Net Benefits $48 and $760 $48 and $760 $66 and $800

@ We focus results to provide a snapshot of costs and benefits in 2023, using the best available information to
approximate social costs and social benefits recognizing uncertainties and limitations in those estimates.

® Rows may not appear to add correctly due to rounding.

¢ The benefits are associated with two point estimates from two different epidemiologic studies. For the purposes of
presenting the values in this table the health and climate benefits are discounted at 3%.

d The costs presented in this table are 2023 annual estimates for each alternative analyzed. For EGUs, an NPV of
costs was calculated using a 3.76% real discount rate consistent with the rate used in IPM’s objective function for
cost-minimization. For further information on the discount rate use, please see Chapter 4, Table 4-8.

Table ES-13. Monetized Benefits, Costs, and Net Benefits of the Final Rule and Less and
More Stringent Alternatives for 2026 for the U.S. (millions of 2016$)*?

Final Rule Less Stringent More Striqgent
Alternative Alternative
Health Benefits® $3,200 and $14,000 $950 and $4,600 $8,300 and $29,000
Climate Benefits $1,100 $420 $2,100
Total Benefits $4,300 and $15,000 $1,400 and $5,000 $10,000 and $31,000
Costs* $570 $110 $2,100
Net Benefits $3,700 and $14,000 $1,300 and $4,900 $8,300 and $29,000

@ We focus results to provide a snapshot of costs and benefits in 2026, using the best available information to
approximate social costs and social benefits recognizing uncertainties and limitations in those estimates.

b Rows may not appear to add correctly due to rounding.

¢ The benefits are associated with two point estimates from two different epidemiologic studies. For the purposes of
presenting the values in this table the health and climate benefits are discounted at 3%.

9 The costs presented in this table are 2026 annual estimates for each alternative analyzed. For EGUs, an NPV of
costs was calculated using a 3.76% real discount rate consistent with the rate used in IPM’s objective function for
cost-minimization. For further information on the discount rate use, please see Chapter 4, Table 4-8.
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Table ES-14. Monetized Benefits, Costs, and Net Benefits of the Final Rule and Less and
More Stringent Alternatives for 2030 for the U.S. (millions of 2016$)2?

Final Rule Less Stringent More Strir!gent
Alternative Alternative
Health Benefits® $3,400 and $15,000 $1,000 and $4,900 $9,000 and $31,000
Climate Benefits $1,500 $1,300 $500
Total Benefits $4,900 and $16,000 $2,300 and $6,200 $9,500 and $31,000
Costs* $1,300 $920 $2,100
Net Benefits $3,600 and $15,000 $1,400 and $5,300 $7,400 and $29,000

2 We focus results to provide a snapshot of costs and benefits in 2030, using the best available information to
approximate social costs and social benefits recognizing uncertainties and limitations in those estimates.

® Rows may not appear to add correctly due to rounding.

¢ The benefits are associated with two point estimates from two different epidemiologic studies. For the purposes of
presenting the values in this table the health and climate benefits are discounted at 3%.

4 The costs presented in this table are 2030 annual estimates for each alternative analyzed. For EGUs, an NPV of
costs was calculated using a 3.76% real discount rate consistent with the rate used in IPM’s objective function for
cost-minimization. For further information on the discount rate use, please see Chapter 4, Table 4-8.

As part of fulfilling analytical guidance with respect to E.O. 12866, the EPA presents
estimates of the present value (PV) of the monetized benefits and costs over the twenty-year
period 2023 to 2042. To calculate the present value of the social net-benefits of the final rule,
annual benefits and costs are discounted to 2023 at 3 percent and 7 discount rates as directed by
OMB’s Circular A-4. The EPA also presents the equivalent annualized value (EAV), which
represents a flow of constant annual values that, had they occurred in each year from 2023 to
2042, would yield a sum equivalent to the PV. The EAV represents the value of a typical cost or
benefit for each year of the analysis, in contrast to the year-specific estimates mentioned earlier
in the RIA. Note that EGU costs reported in this RIA for years not explicitly modeled are
mapped to modeled years. For this analysis, IPM maps the calendar year 2023 to run year 2023,
calendar years 2024-2026 to run year 2025 and calendar years 2027-2029 to run year 2028. Non-
EGU costs are assumed to be constant throughout the time horizon.

The health benefits analysis quantifies changes in 0zone concentrations in 2023 and
changes in ozone and PM2s in 2026 for each of the three regulatory control alternatives (i.e.,
final rule, less stringent alternative, and more stringent alternative). Analyses were also run for
each year between 2023 and 2042, using the air quality model surfaces, but accounting for the
change in population size in each year, income growth, and baseline mortality incidence rates at
five-year increments. However, because of uncertainties associated with baseline air quality

projections beyond 2026, annual health benefits beyond 2026 are based on 2026 air quality
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changes. The 2023 ozone concentration changes were assumed through 2025 and the 2026 ozone
and PM2 s concentration changes were assumed until 2042. Finally, climate benefits are mapped
using the same model year mapping from IPM applied for the EGU cost analysis. GHG
emissions reductions are multiplied by year specific social cost of carbon values.

For the twenty-year period of 2023 to 2042, the PV of the net benefits, in 2016$ and
discounted to 2023, is $200,000 million when using a 3 percent discount rate and $140,000
million when using a 7 percent discount rate. The EAV is $13,000 million per year when using a
3 percent discount rate and $12,000 million when using a 7 percent discount rate. The
comparison of benefits and costs in PV and EAV terms for the final rule can be found in Table

ES-15. Estimates in the table are presented as rounded values.
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Table ES-15. Summary of Present Values and Equivalent Annualized Values for the 2023-
2042 Timeframe for Estimated Monetized Compliance Costs, Benefits, and Net Benefits for
the Final Rule (millions of 20163, discounted to 2023)

Climate

Health Benefits Benefits Cost Net Benefits
3% 7% 3% 3% 7% 3% 7%

2023 $820 $730 $5 $57 $57 $770 $680
2024 $810 $700 $1,000 (%5) (%5) $1,300 $1,200
2025 $8,600 $7,100 $1,000 ($5) ($4) $9,600 $8,100
2026 $13,000 $10,000 $1,000 $520 $460 $13,000 $10,000
2027 $13,000 $9,700 $230 $530 $450 $13,000 $9,700
2028 $12,000 $8,900 $230 $510 $420 $12,000 $8,700
2029 $12,000 $8,500 $230 $500 $400 $12,000 $8,800
2030 $12,000 $8,200 $1,200 $1,000 $800 $12,000 $8,600
2031 $12,000 $7,800 $1,200 $1,000 $740 $12,000 $8,200
2032 $12,000 $7,500 $740 $1,100 $760 $12,000 $7,700
2033 $11,000 $7,000 $730 $1,000 $710 $11,000 $7,200
2034 $11,000 $6,700 $720 $1,000 $660 $11,000 $6,900
2035 $11,000 $6,400 $710 $970 $620 $11,000 $6,500
2036 $11,000 $6,100 $700 $950 $580 $11,000 $6,300
2037 $11,000 $5,800 $690 $920 $540 $11,000 $6,000
2038 $11,000 $5,400 $860 $890 $500 $11,000 $5,700
2039 $10,000 $5,100 $850 $870 $470 $9,900 $5,400
2040 $10,000 $4,900 $830 $840 $440 $10,000 $5,300
2041 $10,000 $4,600 $820 $820 $410 $9,900 $4,900
2042 $10,000 $4,400 $810 $790 $380 $9,800 $4,600

PV $200,000 $130,000 $15,000 $14,000 $9,400 $200,000 $140,000

2023-2042
EAV
$13,000 $12,000 $970 $910 $770 $13,000 $12,000
2023-2042
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CHAPTER 1: INTRODUCTION AND BACKGROUND

Overview

In this final rule, the Federal Good Neighbor Plan Addressing Regional Ozone Transport
for the 2015 Ozone National Ambient Air Quality Standards (Transport FIP for the 2015 ozone
NAAQS), the EPA sets implementation mechanisms to achieve enforceable emissions reductions
required to eliminate significant contribution to nonattainment or interference with maintenance
of the 2015 ozone NAAQS in other states. The initial phase of emissions reductions will begin in

the 2023 ozone season with further emissions reductions being required in later years.*

The EPA is promulgating new or revised FIPs for 23 states. For 22 states the FIPs include
new NOx 0zone season emission budgets for EGU sources, with implementation of these
emission budgets beginning in the 2023 ozone season.® The EPA is expanding the CSAPR NOx
Ozone Season Group 3 Trading Program beginning in the 2023 ozone season. Specifically, the
FIPs require electric generating units (EGUSs) within the borders of the 22 states to participate in
a revised version of the CSAPR NOx Ozone Season Group 3 Trading Program created by the
Revised CSAPR Update. Affected EGUs within the borders of twelve states currently
participating in the Group 3 Trading Program under FIPs or SIPs remain in the program, with
revised provisions beginning in the 2023 ozone season. The FIPs also require affected EGUs
within the borders of seven states currently covered by the CSAPR NOx Ozone Season Group 2
Trading Program (the “Group 2 trading program”) under existing FIPs or existing SIPs to
transition from the Group 2 program to the revised Group 3 trading program beginning with the
2023 control period. Lastly, the EPA is issuing new FIPs for three states not currently covered by
any CSAPR NOx ozone season trading program (Minnesota, Nevada, and Utah).

14 The 2015 ozone NAAQS is an 8-hour standard that was set at 70 parts per billion (ppb). See 80 FR 65291
(December 28, 2015).

15 1n 2023, the 22 states with EGU reduction requirements include AL, AR, IL, IN, KY, LA, MD, MI, MN, MS,
MO, NV, NJ, NY, OH, OK, PA, TX, UT, VA, WV, and WI. There are no EGU reductions being required from
California, which if included would make 23 states.

46



The FIPs that EPA is promulgating for 20 states include new NOx emissions limitations
for non-electric generating unit (non-EGU) sources, with initial compliance dates for these

emissions limitations beginning in 2026.%°

Consistent with OMB Circular A-4 and the EPA’s Guidelines for Preparing Economic
Analyses (2010), this regulatory impact analysis (RIA) presents the benefits and costs of the final
rule from 2023 through 2042. The estimated monetized benefits are those health benefits
expected to arise from reduced ozone and PM2 s concentrations and the benefits from reductions
in greenhouse gases. The estimated monetized costs for EGUs are the costs of installing and
operating controls and other increased costs of producing electricity to comply with the revised
version of the Group 3 trading program. The estimated monetized costs for non-EGUs are the
costs of installing and operating controls to meet the ozone season NOx emissions limitations.’
The estimated costs for non-EGUs do not include monitoring, recordkeeping, reporting, or
testing costs. Unquantified benefits and costs are described qualitatively. The RIA also provides
(i) estimates of other impacts of the rule including its effect on retail electricity prices and fuel
production, (ii) an assessment of how expected compliance with the rule will affect
concentrations at nonattainment and maintenance receptors, and (iii) an assessment of potential
environmental justice concerns. This chapter contains background information relevant to the

rule and an outline of the chapters of this RIA.
1.1 Background

Clean Air Act (CAA or the Act) section 110(a)(2)(D)(i)(I), which is also known as the
“good neighbor provision,” requires states to prohibit emissions that will contribute significantly
to nonattainment or interfere with maintenance in any other state with respect to any primary or
secondary NAAQS. The statute vests states with the primary responsibility to address interstate
emission transport through the development of good neighbor State Implementation Plans (SIPs),

which are one component of larger SIP submittals typically required three years after the EPA

16 In 2026, the 20 states with non-EGU reduction requirements include AR, CA, IL, IN, KY, LA, MD, MI, MS, MO,
NV, NJ, NY, OH, OK, PA, TX, UT, VA, and WV.

17 For non-EGUSs, we prepared a memorandum for the final rule that summarizes the (i) industries affected, (ii)
applicability criteria, (iii) final emissions limits, (iv) estimated emissions units, and (v) estimated emissions
reductions and costs (the memorandum, titled Summary of Final Rule Applicability Criteria and Emissions Limits
for Non-EGU Emissions Units, Assumed Control Technologies for Meeting the Final Emissions Limits, and
Estimated Emissions Units, Emissions Reductions, and Costs, is available in the docket here:
https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668.
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promulgates a new or revised NAAQS. These larger SIPs are often referred to as “infrastructure”

SIPs or iSIPs. See CAA section 110(a)(1) and (2).

The EPA originally published the Cross-State Air Pollution Rule (CSAPR) on August 8,
2011, to address interstate transport of ozone pollution under the 1997 ozone National Ambient
Air Quality Standards (NAAQS).'8 On October 26, 2016, the EPA published the CSAPR
Update, which finalized Federal Implementation Plans (FIPs) for 22 states that the EPA found
failed to submit a complete good neighbor State Implementation Plan (SIP) (15 states)*® or for
which the EPA issued a final rule disapproving their good neighbor SIP (7 states).2° The FIPs
promulgated for these states included new electric generating unit (EGU) oxides of nitrogen
(NOx) ozone season emission budgets to reduce interstate transport for the 2008 ozone
NAAQS.? These emissions budgets took effect in 2017 in order to assist downwind states with
attainment of the 2008 ozone NAAQS by the 2018 Moderate area attainment date. The EPA
acknowledged at the time that the FIPs promulgated for 21 of the 22 states only partially
addressed good neighbor obligations under the 2008 ozone NAAQS.?

On March 31, 2021, the EPA promulgated the Revised CSAPR Update (RCU) in
response to the United States Court of Appeals for the District of Columbia Circuit’s (D.C.
Circuit) September 13, 2019, remand of the CSAPR Update. The D.C. Circuit found that the
CSAPR Update was unlawful to the extent it allowed those states to continue their significant
contributions to downwind ozone problems beyond the statutory dates by which downwind states
must demonstrate their attainment of the air quality standards. The RCU resolved 21 states’
outstanding interstate ozone transport obligations with respect to the 2008 ozone NAAQS and

established a new Group 3 0zone season emissions trading program for EGUs for twelve states.

18 CSAPR also addressed interstate transport of fine particulate matter (PMz5) under the 1997 and 2006 PM_ s
NAAQS.

19 Alabama, Arkansas, Illinois, lowa, Kansas, Maryland, Michigan, Mississippi, Missouri, New Jersey, Oklahoma,
Pennsylvania, Tennessee, Virginia, and West Virginia.

2 Indiana, Kentucky, Louisiana, New York, Ohio, Texas, and Wisconsin.

21 The 2008 ozone NAAQS is an 8-hour standard that was set at 75 parts per billion (ppb). See 73 FR 16436 (March
27, 2008).

22 In the CSAPR Update, the EPA found that the finalized Tennessee emission budget fully addressed Tennessee’s
good neighbor obligation with respect to the 2008 ozone NAAQS. As such, the number of states included was
reduced from 22 to 21 states.
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As described in the preamble of this rule, to reduce interstate emission transport under the
authority provided in CAA section 110(a)(2)(D)(i)(I) for the more protective 2015 ozone
NAAQS, this rule further limits ozone season (May 1 through September 30) NOx emissions
from EGUs in 22 states beginning in 2023 and non-EGUs in 20 states beginning in 2026 using
the Interstate Transport Framework. The Interstate Transport Framework, the framework
developed by the EPA in the original CSAPR, provides a 4-step process to address the
requirements of the good neighbor provision for ground-level ozone and fine particulate matter
(PM25) NAAQS: (1) identifying downwind receptors that are expected to have problems
attaining or maintaining the NAAQS; (2) determining which upwind states contribute to these
identified problems in amounts sufficient to “link” them to the downwind air quality problems
(i.e., here, a 1 percent contribution threshold); (3) for states linked to downwind air quality
problems, identifying upwind emissions that significantly contribute to downwind nonattainment
or interfere with downwind maintenance of the NAAQS; and (4) for states that are found to have
emissions that significantly contribute to nonattainment or interfere with maintenance of the
NAAQS downwind, implementing the necessary emissions reductions through enforceable

measures.

1.1.1 Role of Executive Orders in the Regulatory Impact Analysis

Several statutes and executive orders apply to federal rulemakings. In accordance with
Executive Orders 12866 and 13563 and the guidelines of OMB Circular A-4, the RIA analyzes
the benefits and costs associated with emissions reductions for compliance with the rule. OMB
Circular A-4 recommends analysis of one potential regulatory control alternative more stringent
than the final rule and one less stringent than the final rule. This RIA evaluates the benefits,
costs, and certain impacts of a more and a less stringent alternative to the selected alternative in

this rule.

1.1.2 Alternatives Analyzed

In response to OMB Circular A-4, this RIA analyzes the Transport FIP for the 2015 ozone
NAAQS emission budgets for EGUs and ozone season emissions limits for non-EGUs, as well
as a more and a less stringent alternative to the final rule. For EGUs, the Transport FIP for the
2015 ozone NAAQS requires EGUs in the 22 states to participate in the CSAPR NOx Ozone

49



Season Group 3 Trading Program created by the Revised CSAPR Update. For non-EGUSs, the
Transport FIP for the 2015 ozone NAAQS requires units subject to the rule to meet ozone season

emissions limits.

The less stringent alternative differs from the Transport FIP for the 2015 ozone NAAQS in
that it sets different EGU NOx 0zone season emission budgets. The more stringent alternative
differs from the Transport FIP for the 2015 ozone NAAQS in that it features different dates for
compliance with unit-specific emission rates for the affected EGUs. The more and less stringent
alternatives also estimate different control technologies for some emissions units for the affected
non-EGUs under the assumption that they would be subject to different emission rates. Table 1-1
below presents the less stringent alternatives, final rule requirements, and more stringent

alternatives for EGUs and non-EGUSs.

For EGUs, one of the primary ways the final Transport FIP for the 2015 ozone NAAQS
differs from the proposal is the compliance date for the backstop emission rate. At proposal, both
the proposed rule and more stringent alternative imposed the backstop emission rate in 2026. The
EPA continues to view the backstop emission rate as an important element of the rule to ensure
the elimination of significant contribution as determined at Step 3 of the Interstate Transport
Framework for all large coal units, and the rule therefore imposes this rate beginning in 2024 for
units that already have SCR installed. However, in the final rule, to facilitate power sector
transition planning and in response to concerns from commenters, the EPA is deferring the
imposition of the backstop emissions rate for units that do not have SCR until the second ozone
season following installation of the control or 2030 at the latest. The modeling of the final rule
includes the backstop emission rate in the 2030 model run year and the more stringent alternative

includes the backstop emission rate in the 2025 model run year (corresponding to 2026).

For the non-EGU industries, in the final rule we made some minor changes to the non-
EGU emissions units covered, the applicability criteria, as well as provided for facility-wide
emissions averaging for engines and for a low-use exemption to eliminate the need to install
controls on low-use boilers; the changes make directly comparing the alternatives analyzed
between proposal and this final rule challenging. Please see Section 1.2.1 below for a more
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detailed discussion of the changes made and Table 1-1 below for a summary of the alternatives

analyzed in the final rule.

Table 1-1. Regulatory Control Alternatives for EGUs and Non-EGUs

Regulatory Control
Alternative

NOx Controls Implemented for EGUs within IPM??

1) 2023 onwards: Fully operate existing selective catalytic reduction (SCRs)
during ozone season
2) 2023 onwards: Fully operate existing selective non-catalytic reduction

Less Stringent Alternative (SNCRs) during 0zone season

3) In 2023 install state-of-the-art combustion controls®

4) In 2030 model run year, impose backstop emission rate on coal units greater
than 100 MW within the 19-state region that lack SCR controls.*

(All Controls above and)

5) In 2025 model run year, impose Engineering Analysis derived emissions
budgets that assume installation of SCR controls on coal units greater than
100 MW within the 19-state region that lack SCR controls.

(Controls 1 — 5 above and)

6) In 2025 model run year, impose backstop emission rate on coal units greater
than 100 MW within the 19-state region that lack SCR controls, forcing units
to retrofit or retire.

Regulatory Control NOx Emissions Limits for Non-EGUs — Emissions Unit Types, Industries,

Alternative and Controls Assumed for Compliance

1) Reciprocating internal combustion engines in Pipeline Transportation of
Natural Gas — Adjust Air-to-Fuel Ratio

2) Kilns in Cement and Cement Product Manufacturing — install SNCR

3) Reheat furnaces in Iron and Steel Mills and Ferroalloy Manufacturing — install
Low NOx burners (LNB)

Less Stringent Alternative 4) Furnaces in Glass and Glass Product Manufacturing — install LNB

5) Boilersin Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SNCR

6) Combustors or Incinerators in Solid Waste Combustors and Incinerators —
install Advanced NSCR (ANSCR) or LN™ and SNCR®
(Controls 2, 3, 4, and 6 above, plus changes in assumed controls noted below)

7) Reciprocating internal combustion engines in Pipeline Transportation of
Natural Gas — depending on engine type, install Layered Combustion, non-
selective catalytic reduction (NSCR), or SCR

8) Boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SCR (coal- or
oil-fired) or LNB and FGR (natural gas-fired only)

(Controls 3, 6, 7 above, plus changes in assumed controls noted below)
9) Kilns in Cement and Cement Product Manufacturing — install SCR
10) Furnaces in Glass and Glass Product Manufacturing — install SCR
More Stringent Alternative ~ 11) Boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SCR (natural
gas-fired only)

2 |PM uses model years to represent the full planning horizon being modeled. By mapping multiple calendar years to

a run year, the model size is kept manageable. For this analysis, IPM maps the calendar year 2023 to run year 2023,

calendar years 2024-2026 to run year 2025 and calendar years 2027-2029 to run year 2028. For model details, please

see Chapter 2 of the IPM documentation

Final Rule

More Stringent Alternative

Final Rule
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® NOx mass budgets are imposed in all run years in IPM (2023-2050) consistent with the measures highlighted in
this table.

¢ The final rule implementation allows for the reduction associated with state-of-the-art combustion controls to occur
by 2024. 1t is captured in 2023 in this analysis to fully assess the impact of the mitigation measures occuring prior to
2026.

d For the 19 states with EGU obligations that are linked in 2026 the EPA is determining that the selected EGU
control stringency also includes emissions reductions commensurate with the retrofit of SCR at coal steam-fired
units of 100 MW or greater capacity (excepting circulating fluidized bed units (CFB)), new SNCR on coal-fired
units of less than 100 MW capacity and on CFBs of any capacity size, and SCR on oil/gas units greater than 100
MW that have historically emitted at least 150 tons of NOx per ozone season. The EPA evaluated the EGU sources
within the state of California and found there were no covered coal steam sources greater than 100 MW that would
have emissions reduction potential according to EPA’s assumed EGU SCR retrofit mitigation technologies. The 19
states are: Arkansas, lllinois, Indiana, Kentucky, Louisiana, Maryland, Michigan, Mississippi, Missouri, Nevada,
New Jersey, New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah, Virginia, and West Virginia.

¢ Covanta has developed a proprietary low NOx combustion system (LN™) that involves staging of combustion air.
The system is a trademarked system and Covanta has received a patent for the technology.

The illustrative emission budgets in this RIA represent EGU NOx 0zone season emission
budgets for each state beginning in 2023.2% All three scenarios use emission budgets that were
developed using the selected level of uniform control stringency represented by $1,800 per ton of
NOx (2016$) in 2023 and $11,000 per ton of NOx (2016%$) in 2026. The final rule and less-
stringent alternative scenarios defer the backstop emission rate for existing coal EGUs lacking
SCR controls in the 2030 run year,?* while the more stringent alternative imposes the backstop
emission rate on these units in the 2025 run year (reflective of imposition in the 2026 calendar
year). The backstop emission rate is imposed by these years (2025 or 2030 depending on
scenario) on all coal units within the 19-state region?® that are greater than 100 MW and lack
SCR controls (excepting circulating fluidized bed (CFB) units). Across all three scenarios,
optimization of existing controls and installation of state-of-the-art combustion controls (which

23 The budget setting process is described in section VI1.B. of the preamble and in detail in the Ozone Transport
Policy Analysis Final Rule Technical Support Document (TSD).

24 |PM uses model years to represent the full planning horizon being modeled. By mapping multiple calendar years
to a run year, the model size is kept manageable. For this analysis, IPM maps the calendar year 2023 to run year
2023, calendar years 2024-2026 to run year 2025 and calendar years 2027-2029 to run year 2028. For model details,
please see Chapter 2 of the IPM documentation, available at:
https://www.epa.gov/system/files/documents/2021-09/epa-platform-v6-summer-2021-reference-case-09-11-21-
v6.pdf

% For the 19 states with EGU obligations that are linked in 2026 the EPA is determining that the selected EGU
control stringency also includes emissions reductions commensurate with the retrofit of SCR at coal steam-fired
units of 100 MW or greater capacity (excepting circulating fluidized bed units (CFB)), new SNCR on coal-fired
units of less than 100 MW capacity and on CFBs of any capacity size, and SCR on oil/gas units greater than 100
MW that have historically emitted at least 150 tons of NOx per ozone season. The EPA evaluated the EGU sources
within the state of California and found there were no covered coal steam sources greater than 100 MW that would
have emissions reduction potential according to EPA’s assumed EGU SCR retrofit mitigation technologies. The 19
states are: Arkansas, lllinois, Indiana, Kentucky, Louisiana, Maryland, Michigan, Mississippi, Missouri, Nevada,
New Jersey, New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah, Virginia, and West Virginia.

52



reflect emission rate limits) is assumed in the 2023 run year (although the rule would not require

state of the art combustion control installation until 2024).

The state emission budgets in this RIA are illustrative for several reasons. First, they
reflect an estimate of the future budget based on the EPA’s preset budget methodology
throughout the analytic time frame of the analysis. However, as described in the preamble, the
implemented state budget may be either the preset budget or the dynamic budget starting in
2026. Second, the budgets are illustrative as the utilized 2023 preset budgets reflect full
implementation of existing control optimization and upgrade to state-of-the-art combustion
control potential. However, the final rule state emission budgets and implementation allows the
limited number of reductions related to state-of-the-art combustion controls to be realized up
through 2024. Finally, the illustrative budgets reflected in this RIA reflect budgets derived using
the EPA’s data and engineering analysis up through October 2022. The preset budgets reflected
in the final rule are slightly different in some cases due to new data or comment incorporation
that occurred between October of 2022 and January 2023. The Agency conducted additional
sensitivity analysis using IPM demonstrating that the substituting in the final preset state
emission budgets instead of the illustrative ones modeled made no significant difference in the

cost implications described in the body of the RIA.

For non-EGUs, the less stringent alternative assumes less stringent control technologies
for the reciprocating internal combustion engines in Pipeline Transportation of Natural Gas and
boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore Mining, Basic Chemical
Manufacturing, Petroleum and Coal Products Manufacturing, and Pulp, Paper, and Paperboard
Mills relative to the final rule. The more stringent alternative assumes more stringent control
technologies for the kilns in Cement and Concrete Products Manufacturing, the furnaces in Glass
and Glass Products Manufacturing, and the natural gas fired boilers in Iron and Steel Mills and
Ferroalloy Manufacturing, Metal Ore Mining, Basic Chemical Manufacturing, Petroleum and
Coal Products Manufacturing, and Pulp, Paper, and Paperboard Mills relative to the final rule.

See Section V.C. of the preamble for details on the emissions limits in the final rule.
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1.1.3 The Need for Regulation

OMB Circular A-4 indicates that one of the reasons a regulation may be issued is to
address a market failure. The major types of market failure include externalities, market power,
and inadequate or asymmetric information. Correcting market failures is one reason for
regulation; it is not the only reason. Other possible justifications include improving the function

of government, correcting distributional unfairness, or securing privacy or personal freedom.

Environmental problems are classic examples of externalities — uncompensated benefits
or costs imposed on another party as a result of one’s actions. For example, the smoke from a
factory may adversely affect the health of local residents and adversely affect the property in
nearby neighborhoods. Pollution emitted in one state may be transported across state lines and
affect air quality in a neighboring state.

From an economics perspective, achieving emissions reductions (i.e., by establishing the
EGU NOx ozone-season emissions budgets in this rule) through a market-based mechanism is a
straightforward and cost-effective remedy to address an externality in which firms emit
pollutants, resulting in health and environmental problems without compensation for those
incurring the problems. Capping emissions through allowance allocations incentivizes those who
emit the pollutants to reduce their emissions, which lessens the impact on those who suffer the
health and environmental problems from higher levels of pollution. In addition, emissions rates
for non-EGU sources work toward addressing this market failure by requiring affected facilities

to reduce NOx emissions.

1.2 Overview and Design of the RIA
1.2.1 Methodology for Identifying Needed Reductions

To apply the first and second steps of the CSAPR 4-step Interstate Transport Framework
to interstate transport for the 2015 ozone NAAQS, the EPA performed air quality modeling to
project ozone concentrations at air quality monitoring sites in 2023 and 2026. The EPA
evaluated projected ozone concentrations for the 2023 analytic year at individual monitoring
sites and considered current ozone monitoring data at these sites to identify receptors that are
anticipated to have problems attaining or maintaining the 2015 ozone NAAQS. This analysis was
then repeated using projected ozone concentrations for 2026. In these analyses, downwind air
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quality problems are defined by receptors that are projected to be unable to attain (i.e.,

nonattainment receptor) or maintain (i.e., maintenance receptor) the 2015 ozone NAAQS.?

To apply the second step of the Interstate Transport Framework, the EPA used air quality
modeling to quantify the contributions from upwind states to ozone concentrations in 2023 and
2026 at downwind receptors. Once quantified, the EPA then evaluated these contributions
relative to a screening threshold of 1 percent of the NAAQS. States with contributions that equal
or exceed 1 percent of the NAAQS are identified as warranting further analysis for significant
contribution to nonattainment or interference with maintenance.?” States with contributions
below 1 percent of the NAAQS are considered to not significantly contribute to nonattainment or

interfere with maintenance of the NAAQS in downwind states.

To apply the third step of the Interstate Transport Framework, the EPA applied a multi-
factor test to evaluate cost, available emissions reductions, and downwind air quality impacts to
determine the appropriate level of NOXx control stringency that addresses the impacts of interstate
transport on downwind nonattainment or maintenance receptors. The EPA used this multi-factor
assessment to gauge the extent to which emissions reductions are needed, and to ensure any

required reductions do not result in over-control.

For EGUEs, in identifying levels of uniform control stringency the EPA assessed the same
NOx emissions controls that the Agency analyzed in the CSAPR Update and the Revised
CSAPR Update, all of which are considered to be widely available for EGUs: (1) fully operating
existing SCR, including both optimizing NOx removal by existing operational SCRs and turning
on and optimizing existing idled SCRs; (2) installing state-of-the-art NOx combustion controls;
(3) fully operating existing SNCRs, including both optimizing NOx removal by existing
operational SNCRs and turning on and optimizing existing idled SNCRs; (4) installing new
SNCRs; (5) installing new SCRs; and (6) generation shifting (i.e., emission reductions

anticipated to occur from generation shifting from higher to lower emitting units). The selected

26 See Section IV.D of the preamble for a full discussion of the final rule’s approach to receptor identification,
including the consideration of “violating monitor” maintenance-only receptors.

27 The EPA assessed the magnitude of the maximum projected design value for 2023 at each receptor in relation to
the 2015 ozone NAAQS. Where the value exceeds the NAAQS, the EPA determined that receptor to be a
maintenance receptor for purposes of defining interference with maintenance. That is, monitoring sites with a
maximum design value that exceeds the NAAQS are projected to have a maintenance problem in 2023.

55



levels of uniform control stringency were represented by $1,800 per ton of NOx (2016$) in 2023
and $11,000 per ton of NOx (2016$) in 2026.%

For non-EGUs, the EPA developed an analytical framework to determine which
industries and emission unit types to include in a proposed Transport FIP for the 2015 ozone
NAAQS transport obligations. A February 28, 2022 memorandum, titled Screening Assessment
of Potential Emissions Reductions, Air Quality Impacts, and Costs from Non-EGU Emissions
Units for 2026, documents the analytical framework used to identify industries and emissions
unit types included in the proposed FIP.2° To further evaluate the industries and emissions unit
types identified and to establish the proposed emissions limits, the EPA reviewed Reasonably
Available Control Technology (RACT) rules, New Source Performance Standards (NSPS) rules,
National Emissions Standards for Hazardous Air Pollutants (NESHAP) rules, existing technical
studies, rules in approved state implementation plan (SIP) submittals, consent decrees, and
permit limits. That evaluation is detailed in the Non-EGU Sectors Technical Support Document
(TSD) prepared for the proposed FIP.2° The EPA is retaining the industries and many of the
emissions unit types included in the proposal in this final action. For a discussion of changes to
emissions limits between the proposed FIP and the final rule, see Section V.C of the preamble to
the final rule and the Final Non-EGU Sectors TSD.

Below is a summary of the adjustments and additions to the emissions limits for non-

EGUs the EPA made between the proposed FIP and this final rule.

e For Pipeline Transportation of Natural Gas, the EPA is finalizing the same emissions
limits as proposed; however, the EPA is adjusting the applicability criteria to exclude
emergency engines. Further, to allow for the industry to install controls on the
engines with the largest potential for emissions reductions at cost-effective
thresholds, the final regulations allow for the use of facility-wide emissions averaging

for engines in the industry.

2 EGU NOx Mitigation Strategies Final Rule TSD, in the docket for this rule (Docket ID No. EPA-HQ-OAR-2021-
0688).

2 The memorandum is available in the docket here: https://www.regulations.gov/document/EPA-HQ-OAR-2021-
0668-0150.

30 The TSD is available in the docket here: https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668-0145.
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For Cement and Concrete Product Manufacturing, in the final rule the EPA has
removed the daily source cap limit, which could have resulted in an artificially
restrictive NOx emissions limit for affected cement kilns due to lower operating
periods resulting from to the COVID-19 pandemic.

For Iron and Steel and Ferroalloy Manufacturing, the EPA is only finalizing a test-
and-set requirement for reheat furnaces premised on the installation of low-NOx
burners. By not finalizing the other proposed emissions limits that were likely to
require the installation of SCR, the EPA has addressed the various concerns regarding
the feasibility and cost-effectiveness of installation of the other proposed controls at
other unit types at these facilities.

For Glass and Glass Product Manufacturing, the EPA is finalizing alternative
standards that apply during startup, shutdown, and idling conditions.

For boilers in Iron and Steel and Ferroalloy Manufacturing, Metal Ore Mining, Basic
Chemical Manufacturing, Petroleum and Coal Products Manufacturing, and Pulp,
Paper, and Paperboard Mills, the EPA is finalizing a low-use exemption to eliminate
the need to install controls on low-use boilers that would have resulted in relatively
small reductions.

For municipal waste combustors in Solid Waste Combustors and Incinerators, the
EPA is finalizing emissions limits, summarized in Table ES-1.

For the final rule, to determine NOx emissions reduction potential for the industries and

emissions unit types with the exception of Solid Waste Combustors and Incinerators, we used a

2019 inventory prepared from the emissions inventory system (EIS) to estimate a list of

emissions units captured by the applicability criteria for the final rule. For Solid Waste

Combustors and Incinerators, the EPA estimated the list for MWCs using the 2019 inventory, as

well as the NEEDS-v6-summer-2021-reference-case workbook.3! Based on the review of RACT,

NSPS, NESHAP rules, as well as SIPs, consent decrees, and permits, we also assumed certain

control technologies could meet the final emissions limits.®? Rather than run the Control Strategy

Tool to estimate emissions reductions and costs, we programmed the assessment using R to

31 Available here: https://www.epa.gov/power-sector-modeling/national-electric-energy-data-system-needs-v6.
32 The Technical Support Document (TSD) for the Final Rule, Non-EGU Sectors TSD is available in the docket.
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estimate NOx emission reductions and their costs. Specifically, using the list of emissions units
estimated to be captured by the final rule applicability criteria, the assumed control technologies
that would meet the emissions limits, and information on control efficiencies and default cost/ton
values from the control measures database (CMDB),** the EPA estimated NOx emissions
reductions and costs for the year 2026. We estimated emissions reductions using the actual
emissions from the 2019 emissions inventory. For additional details about the steps taken to
estimate emissions units, emissions reductions, and costs, see the memorandum titled “Summary
of Final Rule Applicability Criteria and Emissions Limits for Non-EGU Emissions Units,
Assumed Control Technologies for Meeting the Final Emissions Limits, and Estimated Emissions

Units, Emissions Reductions, and Costs” available in the docket.

1.2.2 States Covered by the Rule

For EGUEs, the Transport FIP for the 2015 ozone NAAQS requires EGUs in 22 states to
participate in the CSAPR NOx Ozone Season Group 3 Trading Program created by the Revised
CSAPR Update.®

e The following twelve states currently participating in the Group 3 Trading Program
would remain in the program, with revised provisions beginning in the 2023 ozone
season, under this rule: Illinois, Indiana, Kentucky, Louisiana, Maryland,
Michigan, New Jersey, New York, Ohio, Pennsylvania, Virginia, and West
Virginia.

e Affected EGUs in seven states currently covered by the CSAPR NOx Ozone
Season Group 2 Trading Program — Alabama, Arkansas, Mississippi, Missouri,
Oklahoma, Texas, and Wisconsin — would transition from the Group 2 program to

the revised Group 3 trading program beginning with the 2023 control period.

3 R is a free software environment for statistical computing and graphics. Additional information is available here:
https://www.r-project.org/. The R code that processed the data to estimate the emissions reductions and costs is
available upon request.

34 More information about the Control Strategy Tool (CoST) and the control measures database (CMDB) can be
found at the following link: https://www.epa.gov/economic-and-cost-analysis-air-pollution-regulations/cost-
analysis-modelstools-air-pollution.

% As explained in Section V.C.1 of the preamble, the EPA finds that EGU sources within the State of California are
sufficiently controlled such that no further emissions reductions are needed from them to eliminate significant
contribution to downwind states.

58


https://www.r-project.org/

e Affected EGUs in three states not currently covered by any CSAPR trading
program for seasonal NOx emissions — Minnesota, Nevada, and Utah — would enter
the Group 3 trading program in the 2023 control period following the effective date

of this final rule.

In addition, the EPA is revising other aspects of the Group 3 trading program to provide
improved environmental outcomes and increase compliance, as described in Section VI of the
preamble. Revisions include dynamic adjustments of the emissions budgets over time and a
backstop daily emission rate for most coal-fired units, along with an adjustment to the total size
of the allowance bank. The final rule does not revise the budget stringency and geography of the

existing CSAPR NOx Ozone Season Group 1 trading program.

Aside from the seven states moving from the Group 2 trading program to the Group 3
trading program under the rule, this action otherwise leaves unchanged the budget stringency of
the existing CSAPR NOx Ozone Season Group 2 trading program.

For non-EGUSs, the rule includes NOx emissions limitations with an initial compliance date
of May 1, 2026, applicable to certain non-EGU stationary sources in 20 states: Arkansas,
California, Illinois, Indiana, Kentucky, Louisiana, Maryland, Michigan, Mississippi, Missouri,
Nevada, New Jersey, New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah, Virginia, and

West Virginia.

1.2.3 Regulated Entities

The rule affects EGUs in 22 states that have a nameplate capacity of greater than 25
megawatts (MWe), which generally fall in 22 states within the utility sector (electric, natural gas,
other systems) classified as code 221112 by the North American Industry Classification System
(NAICS). In addition, the rule affects certain non-EGUs in 20 states in the following industries,
as defined by 4- or 6-digit NAICS: Pipeline Transportation of Natural Gas, 4862; Cement and
Concrete Product Manufacturing, 3273; Iron and Steel Mills and Ferroalloy Manufacturing,
3311; Glass and Glass Product Manufacturing, 3272; Metal Ore Mining, 2122; Basic Chemical
Manufacturing, 3251; Petroleum and Coal Products Manufacturing, 3241; Pulp, Paper, and
Paperboard Mills, 3221; Solid Waste Combustors and Incinerators, 562213. For additional
discussion of the non-EGUs affected, see Section V.C. of the preamble.
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1.2.4 Baseline and Analysis Years

As described in the preamble, the EPA aligns implementation of this rule with relevant
attainment dates for the 2015 ozone NAAQS. The rule requires emissions reductions to be
achieved as expeditiously as practicable and, to the extent possible, by the next applicable
nonattainment dates for downwind areas for the 2015 ozone NAAQS. Thus, initial emissions
reductions from EGUs will be required beginning in the 2023 ozone season and prior to the
August 3, 2024, attainment date for areas classified as Moderate nonattainment for the 2015
ozone NAAQS. The remaining emissions reduction obligations will be phased in as soon as
possible thereafter. Substantial additional reductions from potential new post-combustion control
installations at EGUs as well as from installation of new pollution controls at non-EGUs will
phase in beginning in the 2026 ozone season, associated with the August 3, 2027, attainment date
for areas classified as Serious nonattainment for the 2015 ozone NAAQS. The final rule will
allow individual facilities limited additional time to fully implement the required emissions
reductions. For EGUs, the emissions trading program budget stringency associated with retrofit
of post-combustion controls will be phased in over two ozone seasons (2026-2027). For
industrial sources, the final rule provides a process for individual facilities to seek a one-year
extension, with the possibility of up to two additional years, based on a specific showing of
necessity. More information regarding the timing elements of the rule can be found in Section
VI.A of the preamble.

To develop and evaluate control strategies for addressing these obligations, it is important
to first establish a baseline projection of air quality in the analysis years of 2023 and 2026, taking
into account currently on-the-books Federal regulations, enforcement actions, state regulations,
population, and where possible, economic growth. Establishing this baseline for the analysis
then allows us to estimate the incremental costs and benefits of the additional emissions
reductions that will be achieved by the rule. Federal rules included in the baseline are: the
Revised Cross-State Air Pollution Rule (CSAPR) Update, the Standards of Performance for
Greenhouse Gas Emissions from New, Modified, and Reconstructed Stationary Sources,

Reciprocating Internal Combustion Engine (RICE) New Source Performance Standards (NSPS),

% The technical support document (TSD) for the 2016v2 emissions modeling platform titled Preparation of
Emissions Inventories for the 2016v2 North American Emissions Modeling Platform is included in the docket for
this rule. The TSD includes additional discussion on mobile source rules included in the baseline.
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Natural gas turbines NSPS, Greenhouse Gas Emissions Standards and Fuel Efficiency Standards
for Medium- and Heavy-Duty Engines and Vehicles — Phase 2, and 2017 and Later Model Year
Light-Duty Vehicle GHG Emissions and Corporate Average Fuel Economy Standards.

The analysis in this RIA focuses on benefits, costs and certain impacts from 2023 through
2042. We focus on 2023 because it is by the 2023 o0zone season, corresponding with the 2024
attainment date for areas classified as Moderate nonattainment, that significant contribution from
upwind states’ must be eliminated to the extent possible. In addition, impacts for 2026 are
important because this ozone season corresponds with the 2027 Serious area attainment date and
it is by this ozone season that additional requirements for NOx emissions reductions for EGUs
and non-EGUs begin to apply for states whose upwind linkage to downwind receptors persists.
The EPA’s analysis for the third step of the Interstate Transport Framework reflects emissions
reductions for 2023 from EGUs based on a control stringency at a representative cost threshold
of $1,800 per ton. Those reductions are commensurate with optimization of existing SCRs and
SNCRs and installation of state-of-the-art combustion controls. For 2026, the selected control
stringency (at a representative cost per ton threshold for EGUs of $11,000 and an overall
estimated average cost per ton for non-EGUs of $5,339/ton (2106$), with average cost by
industry ranging from $939/ton to $14,595/ton) includes additional EGU controls and estimated
non-EGU emissions reductions. See Section V.D of the preamble for additional discussion.
Additional benefits and costs are expected to occur after 2026 as EGUs subject to this rule
continue to comply with the tighter allowance budget, which is below their baseline emissions,

and non-EGUs remain subject to ozone season emissions limits.

The Public Law 117-169, 136 Stat. 1818 (August 16, 2022), commonly known as the
Inflation Reduction Act of 2022 (IRA) includes significant additional new generation incentives
targeting more efficient and lower-emitting sources of generation that is likely to meaningfully
affect the US generation mix in the future and increase the pace of new lower-emitting

generation replacing some of older higher-emitting generating capacity.

In addition, we include an appendix to Chapter 4 to describe the EGU compliance
behavior, costs, and emissions reductions that include adjustments made to the IPM baseline to
account for the potential effects of the IRA of 2022 on the power sector costs, emission
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reductions, and other impacts from this final rule. This supplementary analysis quantifies the
incremental impacts of the Transport FIP for the 2015 ozone NAAQS under this alternative
baseline characterization and compares impacts to the main analyses in Chapter 4. As described
in Chapter 4, the power sector analyses that inform air quality modeling in subsequent chapters
in this RIA do not include the IRA due to time limitations. However, in the interests of
completeness the appendix seeks to quantify the impacts of the IRA on the analyses of power

sector impacts of the final rule.

1.2.5 Emissions Controls, Emissions, and Cost Analysis Approach

The EPA estimated the effects of the EGU control strategies in the final rule, including
their projected compliance costs, using the Integrated Planning Model (IPM), as well as certain
costs that are estimated outside the model but use IPM inputs for their estimation. These cost
estimates reflect costs incurred by the power sector and include (but are not limited to) the costs
of purchasing, installing, and operating NOx control technology, changes in fuel costs, and
changes in the generation mix. A description of the methodologies used to estimate the costs and
economic impacts to the power sector is contained in Chapter 4 of this RIA. This analysis also
provides estimates of NOx emissions changes during the May through September 0zone season
and year-round, as well as annual emissions changes in PM2s, SOz, and carbon dioxide (CO2)
due to changes in power sector operation.

As described in Section 1.2.1 for non-EGUSs, to determine NOx emissions reduction
potential for the industries and emissions unit types, except for Solid Waste Combustors and
Incinerators, we used a 2019 inventory prepared from the emissions inventory system (EIS) to
estimate a list of emissions units captured by the applicability criteria for the final rule and
programmed the assessment’s estimated emission reductions and costs using R.*” For Solid
Waste Combustors and Incinerators, the EPA estimated the list for MWCs using the 2019
inventory, as well as the NEEDS-v6-summer-2021-reference-case workbook. The EPA did not
run the Control Strategy Tool (CoST) to estimate emissions reductions.

%7 R is a free software environment for statistical computing and graphics. Additional information is available here:
https://www.r-project.org/. The R code that processed the data to estimate the emissions reductions and costs is
available upon request.
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Using the list of emissions units estimated to be captured by the applicability criteria, the
assumed control technologies that would meet the emissions limits, and information on control
efficiencies and default cost/ton values from the control measures database (CMDB)*®%, the
EPA estimated NOx emissions reductions and costs for the year 2026. We estimated emissions
reductions using the actual emissions from the 2019 emissions inventory. The EPA did not
estimate emissions reductions of SO,, PM2s, CO and other pollutants that may be associated
with controls on non-EGU emissions units. In the assessment, we matched emissions units by
Source Classification Code (SCC) from the inventory to the applicable control technologies in
the CMDB. We modified SCC codes as necessary to match control technologies to inventory
records. For additional details about the steps taken to estimate emissions units, emissions
reductions, and costs, see the memorandum titled Summary of Final Rule Applicability Criteria
and Emissions Limits for Non-EGU Emissions Units, Assumed Control Technologies for Meeting
the Final emissions Limits, and Estimated Emissions Units, Emissions Reductions, and Costs

available in the docket.

1.2.6 Benefits Analysis Approach

Implementing the Transport FIP for the 2015 ozone NAAQS is expected to reduce
emissions of PM2s, NOx and SO throughout the year. Because NOx and SO are also precursors
to formation of ambient PM. s, reducing these emissions would reduce human exposure to
ambient PM2 s throughout the year and would reduce the incidence of PM_ s-attributable health
effects. In addition, we estimate the climate benefits of CO2 emissions reductions expected from

this final rule using the SC-CO. estimates.

38 More information about the Control Strategy Tool (CoST) and the control measures database (CMDB) can be
found at the following link: https://www.epa.gov/economic-and-cost-analysis-air-pollution-regulations/cost-
analysis-modelstools-air-pollution.

39 The estimates using the 2019 inventory and information from the CMDB identify proxies for emissions units, as
well as emissions reductions, and costs associated with the assumed control technologies that would meet the final
emissions limits. Emissions units subject to the final rule emissions limits may be different than those estimated in
this assessment; the estimated emissions reductions from and costs to meet the final rule emissions limits may be
different than those estimated in this assessment. The costs do not include monitoring, recordkeeping, reporting, or
testing costs.
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1.3 Organization of the Regulatory Impact Analysis

This RIA is organized into the following remaining chapters:

« Chapter 2: Industry Sector Profiles. This chapter describes the electric power sector in
detail, as well as provides an overview of the other non-EGU industries.

o Chapter 3: Air Quality Impacts. The data, tools, and methodology used for the air quality
modeling are described in this chapter, as well as the post-processing techniques used to
produce air quality metric values for input into the analysis of benefits and costs.

o Chapter 4: Cost, Emissions, and Energy Impacts. The chapter summarizes the data
sources and methodology used to estimate the costs and other impacts incurred by the
power sector. The chapter summarizes the non-EGU assessment used to estimate
emissions reductions and costs for the non-EGU industries.

o Chapter 5: Benefits. The chapter presents the health-related benefits of the ozone and PM
related air quality improvements and the climate benefits of CO2 emissions reductions.

o Chapter 6: Economic Impacts. The chapter includes a discussion of small entity,
economic, and labor impacts.

e Chapter 7: Environmental Justice Impacts. This chapter includes an assessment of
downwind ozone impacts across communities with potential environmental justice
concerns.

o Chapter 8: Comparison of Benefits and Costs. The chapter compares estimates of the
total benefits with total costs and summarizes the net benefits of the three regulatory
control alternatives analyzed.
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CHAPTER 2: INDUSTRY SECTOR PROFILES

Overview

This chapter discusses important aspects of the regulated industries that relate to the final
rule with respect to the interstate transport of emissions of nitrogen oxides (NOx) that contribute
significantly to nonattainment or interfere with maintenance of the 2015 ozone NAAQS in
downwind states. This chapter describes types of existing power-sector sources affected by the
regulation and provides background on the power sector and electricity generating units (EGUS).
In addition, this chapter also briefly describes the relevant non-EGU industries included in the

regulation.
2.1 Background

In the past decade there have been significant structural changes in both the mix of
generating capacity and in the share of electricity generation supplied by different types of
generation. These changes are the result of multiple factors in the power sector, including normal
replacements of older generating units with new units, changes in the electricity intensity of the
U.S. economy, growth and regional changes in the U.S. population, technological improvements
in electricity generation from both existing and new units, changes in the prices and availability
of different fuels, and substantial growth in electricity generation by renewable and
unconventional methods. Many of these trends will continue to contribute to the evolution of the
power sector. The evolving economics of the power sector, specifically the increased natural gas
supply and subsequent relatively low natural gas prices, have resulted in more natural gas being
used as base load energy in addition to supplying electricity during peak load. Additionally rapid
growth in the penetration of renewables has led to their now constituting a significant share of
generation. This chapter presents data on the evolution of the power sector from 2014 through
2021. Projections of future power sector behavior and the impact of this proposed rule are
discussed in more detail in Chapter 4 of this RIA.

2.2 Power Sector Overview

The production and delivery of electricity to customers consists of three distinct

segments: generation, transmission, and distribution.
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2.2.1 Generation

Electricity generation is the first process in the delivery of electricity to consumers. There
are two important aspects of electricity generation: capacity and net generation. Generating
Capacity refers to the maximum amount of production an EGU is capable of producing in a
typical hour, typically measured in megawatts (MW) for individual units, or gigawatts (1 GW =
1,000 MW) for multiple EGUs. Electricity Generation refers to the amount of electricity actually
produced by an EGU over some period of time, measured in kilowatt-hours (kWh) or gigawatt-
hours (1 GWh = 1 million kWh). Net Generation is the amount of electricity that is available to
the grid from the EGU (i.e., excluding the amount of electricity generated but used within the
generating station for operations). Electricity generation is most often reported as the total annual
generation (or some other period, such as seasonal). In addition to producing electricity for sale
to the grid, EGUs perform other services important to reliable electricity supply, such as
providing backup generating capacity in the event of unexpected changes in demand or
unexpected changes in the availability of other generators. Other important services provided by
generators include facilitating the regulation of the voltage of supplied generation.

Individual EGUs are not used to generate electricity 100 percent of the time. Individual
EGUs are periodically not needed to meet the regular daily and seasonal fluctuations of
electricity demand. Furthermore, EGUs relying on renewable resources such as wind, sunlight
and surface water to generate electricity are routinely constrained by the availability of adequate
wind, sunlight, or water at different times of the day and season. Units are also unavailable
during routine and unanticipated outages for maintenance. These factors result in the mix of
generating capacity types available (e.g., the share of capacity of each type of EGU) being
substantially different than the mix of the share of total electricity produced by each type of EGU

in a given season or year.

Most of the existing capacity generates electricity by creating heat to create high pressure
steam that is released to rotate turbines which, in turn, create electricity. Natural gas combined
cycle (NGCC) units have two generating components operating from a single source of heat. The
first cycle is a gas-fired turbine, which generates electricity directly from the heat of burning
natural gas. The second cycle reuses the waste heat from the first cycle to generate steam, which

is then used to generate electricity from a steam turbine. Other EGUs generate electricity by
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using water or wind to rotate turbines, and a variety of other methods including direct
photovoltaic generation also make up a small, but growing, share of the overall electricity
supply. The generating capacity includes fossil-fuel-fired units, nuclear units, and hydroelectric
and other renewable sources (see Table 2-1). Table 2-1 also shows the comparison between the
generating capacity over 2015-2021.

In 2021 the power sector comprised a total capacity*® of 1,179 GW, an increase of 105
GW (or 10 percent) from the capacity in 2015 (1,074 GW). The largest change over this period
was the decline of 70 GW of coal capacity, reflecting the retirement/rerating of over a third of
the coal fleet. This reduction in coal capacity was offset by an increase in natural gas capacity of
52 GW, and an increase in solar (48 GW) and wind (60 GW) capacity over the same period.

Additionally, significant amounts of distributed solar (23 GW) were also added.

Table 2-1. Total Net Summer Electricity Generating Capacity by Energy Source, 2014
and 2021

2015 2021 Change Between 15
and 21
Net Net Capacit
Summer % Total Summer % Total % pacity
Energy Source c - . . . Change
apacity  Capacity | Capacity  Capacity | Increase (GW)
(GW) (GW)
Coal 280 26% 210 18% -25% -70
Natural Gas 439 41% 492 42% 12% 52
Nuclear 99 9% 96 8% -3% -3
Hydro 102 10% 103 9% 1% 1
Petroleum 37 3% 28 2% -23% -9
Wind 73 7% 133 11% 83% 60
Solar 14 1% 62 5% 350% 48
Distributed Solar 10 1% 33 3% 238% 23
Other Renewable 17 2% 15 1% -10% -2
Misc 4 0% 8 1% 91% 4
Total 1,074 100% 1,179 100% 10% 105

Note: This table presents generation capacity. Actual net generation is presented in Table 2-2.
Source: EIA. Electric Power Annual 2022, Tables 4.2

40 This includes generating capacity at EGUs primarily operated to supply electricity to the grid and combined heat
and power facilities classified as Independent Power Producers (IPP) and excludes generating capacity at
commercial and industrial facilities that does not operate primarily as an EGU. Natural Gas information in this
chapter (unless otherwise stated) reflects data for all generating units using natural gas as the primary fossil heat
source. This includes Combined Cycle Combustion Turbine, Gas Turbine, steam, and miscellaneous (< 1 percent).
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The information in Table 2-1 presents information about the generating capacity in the
entire U.S. The Federal Implementation Plan (FIP) Addressing Regional Ozone Transport for the
2015 Ozone National Ambient Air Quality Standards (Transport FIP for the 2015 ozone
NAAQS), however, directly affects EGUs in 22 eastern states. The share of generating capacity
from each major type of generation differs between the FIP for the 2015 NAAQS Ozone Region
and the rest of the U.S. (non-region). Figure 2-1 shows the mix of generating capacity for each
region. In 2021, the overall capacity in the Transport FIP for the 2015 Ozone NAAQS Region is
56 percent of the national total, reflecting the larger total population in the region. The mix of
capacity is noticeably different in the two regions. In the Transport FIP for the 2015 Ozone
NAAQS Region in 2020, coal makes up a significantly larger share of total capacity (23 percent)
than it does in the rest of the country (16 percent). The share of natural gas in the Transport FIP
for the 2015 Ozone NAAQS Region is 50 percent as compared to 41 percent in the rest of the
country. The difference in the share of coal’s capacity is primarily balanced by relatively more
hydro, wind, and solar capacity in the rest of country compared to the Transport FIP for the 2015
Ozone NAAQS Region.
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Figure 2-1. Regional Differences in Generating Capacity (GW), 2021
Source: NEEDSv6.21

In 2021, electric generating sources produced a net 4,157 TWh to meet national
electricity demand, which was around 2% higher than 2015. As presented in Table 2-2, 59
percent of electricity in 2021 was produced through the combustion of fossil fuels, primarily coal

and natural gas, with natural gas accounting for the largest single share. The total generation
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share from fossil fuels in 2021 (60%) was 11% less than the share in 2010 (69%). Moreover, the
share of fossil generation supplied by coal fell from 65% in 2010 to 36% by 2021, while the
share of fossil generation supplied by natural gas rose from 35% to 64% over the same period. In
absolute terms, coal generation declined by 51 percent, while natural gas generation increased by
60 percent. This reflects both the increase in natural gas capacity during that period as well as an
increase in the utilization of new and existing gas EGUs during that period. The combination of

wind and solar generation also grew from 2 percent of the mix in 2010 to 13 percent in 2021.

Table 2-2. Net Generation in 2015 and 2021 (Trillion KWh = TWh)

2015 2021 Change Between 15
and 21
Net . Fuel Net . Fuel % Generation
Energy Source Generation  Source | Generation Source Increase Change
(TWh) Share (TWh) Share (TWh)
Coal 1,352 33% 898 22% -34% -455
Natural Gas 1,333 33% 1,579 38% 18% 246
Nuclear 797 19% 778 19% -2% -19
Hydro 244 6% 246 6% 1% 2
Petroleum 28 1% 19 0% -32% -9
Wind 191 5% 378 9% 98% 187
Solar 25 1% 115 3% 363% 90
Distributed Solar 14 0% 49 1% 248% 35
Other Renewable 80 2% 70 2% -12% -9
Misc 27 1% 24 1% -13% -4
Total 4,092 100% 4,157 100% 2% 66

Source: EIA. Electric Power Annual 2022, Tables 3.2

The average age of coal-fired power plants that have retired between 2015 and 2021 is

over 50 years. Older power plants tend to become uneconomic over time as they become more

costly to maintain and operate, and as newer and more efficient alternative generating

technologies are built. As a result, coal’s share of total U.S. electricity generation has been

declining for over a decade, while generation from natural gas and renewables has increased

significantly.** As shown in Figure 2-2 below, 65% of the coal fleet in 2021 had an average age

of over 40 years.

4L EIA, Today in Energy (April 17, 2017) available at https://www.eia.gov/todayinenergy/detail.php?id=30812

69



100
90
80
70
60

50

89
46

40 36
30
50 17

11
Y om l 5 []
0 [ | [ |

0-10yrs 10-20yrs 20-30yrs 30-40yrs 40-50yrs 50-60yrs 60+yrs

Figure 2-2. National Coal-fired Capacity (GW) by Age of EGU, 2021
Source: NEEDS v6

Coal-fired and nuclear generating units have historically supplied “base load” electricity,
the portion of electricity loads that are continually present and typically operate throughout all
hours of the year. Although much of the coal fleet has historically operated as base load, there
can be notable differences across various facilities (see Table 2-3). For example, coal-fired units
less than 100 megawatts (MW) in size comprise 18 percent of the total number of coal-fired
units, but only 2 percent of total coal-fired capacity. Gas-fired generation is better able to vary
output and is the primary option used to meet the variable portion of the electricity load and has
historically supplied “peak” and “intermediate” power, when there is increased demand for
electricity (for example, when businesses operate throughout the day or when people return
home from work and run appliances and heating/air-conditioning), versus late at night or very
early in the morning, when demand for electricity is reduced. Moreover, as shown in Figure 2-3,
average annual coal capacity factors have declined from 67% to 49% over the 2010-2021 period,
indicating that a larger share of units are operating in non-baseload fashion. Over the same

period, natural gas capacity factors have risen from an annual average of 28% to 37%.
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Figure 2-3. Average Annual Capacity Factor by Energy Source
Source: EIA. Electric Power Annual 2022, Tables 3.2 and 4.2

Table 2-3 also shows comparable data for the capacity and age distribution of natural gas

units. Compared with the fleet of coal EGUSs, the natural gas fleet of EGUs is generally smaller

and newer. While 67 percent of the coal EGU fleet capacity is over 500 MW per unit, 75 percent

of the gas fleet is between 50 and 500 MW per unit.
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Table 2-3. Coal and Natural Gas Generating Units, by Size, Age, Capacity, and Average
Heat Rate in 2020

Avg. Net Total Net

Unit Size Summer Summer Avg. Heat
Grouping % of All Capacity Capacity % Total Rate
(MW) No. Units Units Avg. Age (MW) (MW) Capacity (Btu/kwh)
COAL
0-24 31 6% 49 11 351 0% 11,379
25-49 32 6% 35 36 1,150 1% 11,541
50 -99 24 5% 39 76 1,823 1% 11,649
100 - 149 36 7% 50 122 4,388 2% 11,167
150 — 249 61 12% 52 197 12,027 6% 10,910
250 — 499 132 26% 42 372 49,090 24% 10,700
500 — 749 138 27% 41 609 83,978 40% 10,315
750 — 999 50 10% 38 827 41,345 20% 10,135
1000 — 1500 11 2% 43 1,264 13,903 7% 9,834
Total Coal 515 100% 43 404 208,056 100% 10,718
NATURAL GAS
0-24 4,329 54% 31 5 21,626 4% 13,244
25-49 932 12% 26 41 38,089 8% 11,759
50 -99 1,018 13% 27 71 72,744 15% 12,163
100 - 149 410 5% 23 126 51,567 10% 9,447
150 — 249 1,041 13% 18 179 186,494 37% 8,226
250 — 499 293 4% 21 332 97,244 19% 8,293
500 — 749 37 0% 38 592 21,910 4% 10,384
750 — 999 10 0% 46 828 8,278 2% 11,294
1000 — 1500 1 0% 0 1,060 1,060 0% 7,050
Total Gas 8,060 100% 28 62 499,012 100% 11,900

Source: National Electric Energy Data System (NEEDS) v.6

Note: The average heat rate reported is the mean of the heat rate of the units in each size category (as opposed to a
generation-weighted or capacity-weighted average heat rate.) A lower heat rate indicates a higher level of fuel
efficiency.

In terms of the age of the generating units, almost 50 percent of the total coal generating
capacity has been in service for more than 40 years, while nearly 50 percent of the natural gas
capacity has been in service less than 15 years. Figure 2-4 presents the cumulative age
distributions of the coal and gas fleets, highlighting the pronounced differences in the ages of the
fleets of these two types of fossil-fuel generating capacity. Figure 2-4 also includes the
distribution of generation, which is similar to the distribution of capacity.
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Figure 2-4. Cumulative Distribution in 2019 of Coal and Natural Gas Electricity Capacity

and Generation, by Age
Source: eGRID 2020 (January 2022 release from EPA eGRID website). Figure presents data from generators that
came online between 1950 and 2020 (inclusive); a 71-year period. Full eGrid data includes generators that came
online as far back as 1915. Full data from 1915 onward is used in calculating cumulative distributions; figure
truncation at 70 years is merely to improve visibility of diagram.

The locations of existing fossil units in EPA’s National Electric Energy Data System
(NEEDS) v.6 are shown in Figure 2-5.
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Figure 2-5. Fossil Fuel-Fired Electricity Generating Facilities, by Size

Source: National Electric Energy Data System (NEEDS) v.6

Note: This map displays fossil capacity at facilities in the NEEDS v.6 IPM frame. NEEDS v.6 reflects generating
capacity expected to be on-line at the end of 2023. This includes planned new builds already under construction and
planned retirements. In areas with a dense concentration of facilities, some facilities may be obscured.

2.2.2 Transmission

Transmission is the term used to describe the bulk transfer of electricity over a network
of high voltage lines, from electric generators to substations where power is stepped down for
local distribution. In the U.S. and Canada, there are three separate interconnected networks of
high voltage transmission lines,*? each operating synchronously. Within each of these
transmission networks, there are multiple areas where the operation of power plants is monitored
and controlled by regional organizations to ensure that electricity generation and load are kept in
balance. In some areas, the operation of the transmission system is under the control of a single

regional operator;*® in others, individual utilities** coordinate the operations of their generation,

42 These three network interconnections are the Western Interconnection, comprising the western parts of both the
US and Canada (approximately the area to the west of the Rocky Mountains), the Eastern Interconnection,
comprising the eastern parts of both the US and Canada (except those part of eastern Canada that are in the Quebec
Interconnection), and the Texas Interconnection (which encompasses the portion of the Texas electricity system
commonly known as the Electric Reliability Council of Texas (ERCOT)). See map of all NERC interconnections at
https://www.nerc.com/AboutNERC/keyplayers/Publishinglmages/NERC%20Interconnections.pdf.

43 For example, PMJ Interconnection, LLC, Western Area Power Administration (which comprises 4 sub-regions).
4 For example, Los Angeles Department of Power and Water, Florida Power and Light.
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transmission, and distribution systems to balance the system across their respective service

territories.
2.2.3 Distribution

Distribution of electricity involves networks of lower voltage lines and substations that
take the higher voltage power from the transmission system and step it down to lower voltage
levels to match the needs of customers. The transmission and distribution system is the classic
example of a natural monopoly, in part because it is not practical to have more than one set of
lines running from the electricity generating sources to substations or from substations to

residences and businesses.

Over the last few decades, several jurisdictions in the United States began restructuring
the power industry to separate transmission and distribution from generation, ownership, and
operation. Historically, vertically integrated utilities established much of the existing
transmission infrastructure. However, as parts of the country have restructured the industry,
transmission infrastructure has also been developed by transmission utilities, electric
cooperatives, and merchant transmission companies, among others. Distribution, also historically
developed by vertically integrated utilities, is now often managed by a number of utilities that
purchase and sell electricity, but do not generate it. As discussed below, electricity restructuring
has focused primarily on efforts to reorganize the industry to encourage competition in the
generation segment of the industry, including ensuring open access of generation to the
transmission and distribution services needed to deliver power to consumers. In many states,
such efforts have also included separating generation assets from transmission and distribution
assets to form distinct economic entities. Transmission and distribution remain price-regulated

throughout the country based on the cost of service.
2.3 Sales, Expenses, and Prices

These electric generating sources provide electricity for ultimate commercial, industrial
and residential customers. Each of the three major ultimate categories consume roughly a quarter
to a third of the total electricity produced* (see Table 2-4). Some of these uses are highly

variable, such as heating and air conditioning in residential and commercial buildings, while

4 Transportation (primarily urban and regional electrical trains) is a fourth ultimate customer category which
accounts less than one percent of electricity consumption.

75



others are relatively constant, such as industrial processes that operate 24 hours a day. The

distribution between the end use categories changed very little between 2015 and 2021.

Table 2-4. Total U.S. Electric Power Industry Retail Sales, 2015 and 2021 (billion kWh)

2015 2021
Sales/Direct Sales/Direct
Use (Billion Share of Total Use (Billion Share of Total
kWh) End Use kWh) End Use
Residential 1,404 36% 1,470 37%
Sales Commercial 1,361 35% 1,328 34%
Industrial 987 25% 1,001 25%
Transportation 8 0% 6 0%
Total 3,759 96% 3,806 96%
Direct Use 141 4% 139
Total End Use 3,900 100% 3,945

Source: Table 2.2, EIA Electric Power Annual, 2021
Notes: Retail sales are not equal to net generation (Table 2-2) because net generation includes net imported
electricity and loss of electricity that occurs through transmission and distribution, along with data collection frame
differences and non-sampling error. Direct Use represents commercial and industrial facility use of onsite net
electricity generation; electricity sales or transfers to adjacent or co-located facilities; and barter transactions.

2.3.1 Electricity Prices

Electricity prices vary substantially across the United States, differing both between the

ultimate customer categories and by state and region of the country. Electricity prices are

typically highest for residential and commercial customers because of the relatively high costs of
distributing electricity to individual homes and commercial establishments. The higher prices for
residential and commercial customers are the result both of the necessary extensive distribution
network reaching to virtually every part of the country and every building, and also the fact that
generating stations are increasingly located relatively far from population centers (which
increases transmission costs). Industrial customers generally pay the lowest average prices,
reflecting both their proximity to generating stations and the fact that industrial customers
receive electricity at higher voltages (which makes transmission more efficient and less
expensive). Industrial customers frequently pay variable prices for electricity, varying by the
season and time of day, while residential and commercial prices historically have been less
variable. Overall industrial customer prices are usually considerably closer to the wholesale

marginal cost of generating electricity than residential and commercial prices.
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On a state-by-state basis, all retail electricity prices vary considerably. In 2021, the
national average retail electricity price (all sectors) was 11.18 cents/KWh, with a range from 7.5

cents (Louisiana) to 27 cents (Hawaii).*°

Average national retail electricity prices decreased between 2010 and 2021 by 8 percent
in real terms (2019$), and 5% between 2015-21.4" The amount of decrease differed for the three
major end use categories (residential, commercial and industrial). National average industrial
prices decreased the most (7 percent), and residential prices decreased the least (4 percent)
between 2015-21. The real year prices for 2010 through 2021 are shown in Figure 2-6.
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Figure 2-6. Real National Average Electricity Prices (including taxes) for Three Major
End-Use Categories

Source: EIA. Electric Power Annual 2021, Table 2.4.

Most of these electricity price decreases occurred between 2014 and 2015, when nominal
residential electricity prices followed inflation trends, while nominal commercial and industrial
electricity prices declined. The years 2016 and 2017 saw an increase in nominal commercial and
industrial electricity prices, while 2018 and 2019 saw flattening of this growth. Industrial
electricity prices declined in 2019 and 2020 due to the effects of the pandemic. Prices rose in

2021 as a result of higher input fuel prices and increasing demand. The increase in nominal

46 EIA State Electricity Profiles with Data for 2021 (http://www.eia.gov/electricity/state/)

47 Al prices in this section are estimated as real 2019 prices adjusted using the GDP implicit price deflator unless
otherwise indicated.
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electricity prices for the major end use categories, as well as increases in the GDP price index for

comparison, are shown in Figure 2-7.
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Figure 2-7. Relative Increases in Nominal National Average Electricity Prices for Major

End-Use Categories (including taxes), With Inflation Indices
Source: EIA. Electric Power Annual 2021, Table 2.4.

2.3.2 Prices of Fossil Fuels Used for Generating Electricity

Another important factor in the changes in electricity prices are the changes in delivered
fuel prices* for the three major fossil fuels used in electricity generation: coal, natural gas and
petroleum products. Relative to real prices in 2014, the national average real price (in 2019$) of
coal delivered to EGUs in 2020 had decreased by 26 percent, while the real price of natural gas
decreased by 56 percent. The real price of delivered petroleum products also decreased by 55
percent, and petroleum products declined as an EGU fuel (in 2020 petroleum products generated
1 percent of electricity). The combined real delivered price of all fossil fuels (weighted by heat
input) in 2020 decreased by 39 percent over 2014 prices. Figure 2-8 shows the relative changes

in real price of all 3 fossil fuels between 2010 and 2021.

“8 Fuel prices in this section are all presented in terms of price per MMBtu to make the prices comparable.
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Figure 2-8. Relative Real Prices of Fossil Fuels for Electricity Generation; Change in

National Average Real Price per MMBtu Delivered to EGU
Source: EIA. Electric Power Annual 2020 and 2021, Table 7.1.

2.3.3 Changes in Electricity Intensity of the U.S. Economy from 2015 to 2021

An important aspect of the changes in electricity generation (i.e., electricity demand)
between 2010 and 2021 is that while total net generation increased by 1 percent over that period,
the demand growth for generation was lower than both the population growth (7 percent) and
real GDP growth (24 percent). Figure 2-9 shows the growth of electricity generation, population
and real GDP during this period.
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Figure 2-9. Relative Growth of Electricity Generation, Population and Real GDP Since
2014

Sources: Generation: U.S. EIA Electric Power Annual 2021 and 2020. Population: U.S. Census. Real GDP: 2022
Economic Report of the President, Table B-3.

Because demand for electricity generation grew more slowly than both the population
and GDP, the relative electric intensity of the U.S. economy improved (i.e., less electricity used
per person and per real dollar of output) during 2010 to 2021. On a per capita basis, real GDP per
capita grew by 16 percent between 2010 and 2021. At the same time electricity generation per
capita decreased by 6 percent. The combined effect of these two changes improved the overall
electricity generation efficiency in the U.S. market economy. Electricity generation per dollar of

real GDP decreased 19 percent. These relative changes are shown in Figure 2-10.
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Figure 2-10. Relative Change of Real GDP, Population and Electricity Generation Intensity

Since 2014
Sources: Generation: U.S. EIA Electric Power Annual 2021 and 2020. Population: U.S. Census. Real GDP: 2022
Economic Report of the President, Table B-3.

2.4 Industrial Sectors Overview

The final rule establishes various ozone season NOx emission limits beginning in 2026,
including emissions limits for reciprocating internal combustion engines in Pipeline
Transportation of Natural Gas; for kilns in Cement and Cement Product Manufacturing; for
reheat furnaces in Iron and Steel Mills and Ferroalloy Manufacturing; for furnaces in Glass and
Glass Product Manufacturing; for boilers in Iron and Steel Mills and Ferroalloy Manufacturing,
Metal Ore Mining, Basic Chemical Manufacturing, Petroleum and Coal Products Manufacturing,
and Pulp, Paper, and Paperboard Mills; and combustors or incinerators in Solid Waste
Combustors and Incinerators.*® Figure 2-11 shows the locations®® of the estimated non-EGU
emissions reductions by industry. For additional discussion of the emissions limits, see Section
I.B. of the preamble. The following sections provide overviews of these industries. For
additional information on these non-EGU industries please see the Final Non-EGU Sectors TSD
in the docket.

49 Boilers with design capacity of 100 mmBtu/hr or greater.
%0 Facility location information is based on the 2019 inventory, which is discussed in Chapter 4, Section 4.5.4.
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Figure 2-11. Geographical Distribution of Non-EGU Ozone Season NOx Reductions and
Summary of Reductions by Industry and by State

2.4.1 Cement and Cement Product Manufacturing

Hydraulic cement (primarily portland cement) is a key component of an important
construction material: concrete. Concrete is used in a wide variety of applications (e.g.,
residential and commercial buildings, public works projects), and cement demand is influenced

by national and regional trends in these sectors.

Portland cement is a fine powder, gray or white in color, that consists of a mixture of
hydraulic cement materials comprising primarily calcium silicates, aluminates and alumino-
ferrites. More than 30 raw materials are known to be used in the manufacture of portland cement,
and these materials can be divided into four distinct categories: calcareous, siliceous,
argillaceous, and ferriferous (containing iron). These materials are chemically combined through
pyroprocessing (heat) and subjected to subsequent mechanical processing operations to form
gray and white portland cement. Gray portland cement is used for structural applications and is
the more common type of cement produced. White portland cement has lower iron and

manganese contents than gray portland cement and is used primarily for decorative purposes.
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There are two processes for manufacturing cement: the wet process and the dry process.
In the wet process, water is added to the raw materials during the blending process and before
feeding the mixture into the rotary kiln. In contrast, the dry process feeds the blended material
directly into the rotary Kkiln in a dry state. Newer dry process plants also use preheater and
precalciner technologies that partially heat and calcine the blended raw materials before they
enter the rotary kiln. These technologies can increase the overall energy efficiency of the cement
plant and reduce production costs. The fuel efficiency differences between the wet and dry
processes have led to a substantial decline in clinker capacity provided by the wet process over
the last 3 decades. (Van Oss and Padovani, 2002). The number of wet process plants fell from 32
in 2000 to 7 in 2017 (DOI, USGS, 2020).

Cement Kilns are used by the cement industry in the production of cement. Portland
cement, used in almost all construction applications, is the industry’s primary product.
Essentially all of the NOx emissions associated with cement manufacturing are generated in the
kilns because of high process temperatures. To manufacture cement, raw materials such as
limestone, cement rock, sand, iron ore, clay and shale are crushed, blended, and fed into a kiln.
These materials are then heated in the kiln to temperatures above 2900°F to induce a chemical
reaction (called “fusion”) that produces cement “clinker,” a round, marble-sized, glass-hard
material. The clinker is then cooled, mixed with gypsum and ground to produce cement. Clinker
is also defined as the product of a portland cement kiln from which finished cement is
manufactured by milling and grinding.

Nearly all cement clinker is produced in large rotary kiln systems. The rotary Kiln is a
refractory brick lined cylindrical steel shell equipped with an electrical drive to rotate it at 1-3
revolutions per minute, through which hot combustion gases flow counter-currently to the feed
materials. The kiln can be fired with coal, oil, natural gas, waste (e.g., solvents) or a combination
of these fuels. There are various types of kilns in use, including long wet kilns, long dry Kilns,
kilns with a preheater and kilns with a precalciner. The long wet and dry kilns and most
preheater kilns have only one fuel combustion zone, whereas the newer precalciner kilns and

preheater kilns with a riser duct have two fuel combustion zones.

In a wet Kkiln, the ground raw materials are suspended in water to form a slurry and

introduced into the inlet feed. This kiln type employs no preheating of the dry feed. In a long dry
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kiln, the raw materials are dried to a powder and introduced into the inlet feed in a dry form, but
this kiln type employs no preheating of the dry feed. Currently more cement plants use the dry
process because of its lower energy requirement. In a precalciner kiln, the feed to the kiln system
is preheated in cyclone chambers; the kiln uses a second burner to calcine material in a separate

vessel attached to the preheater before the final fusion in a kiln that forms clinker.

Because the typical operating temperatures of these kilns differ, the NOx formation
mechanisms also differ among these kiln types. In a primary combustion zone at the hot end of a
kiln, the high temperatures lead to predominantly thermal NOx formation. In the secondary
combustion zone, however, lower gas-phase temperatures suppress thermal NOx formation. The
temperatures at which these kilns operate influence what NOx control technologies can be
applied. For instance, SNCR can operate effectively at typical cement kiln temperatures (above
1500°F), while SCR typically operates effectively at lower temperatures (550-800°F). Energy
efficiency is also important in reducing NOx emissions; for example, a high thermal efficiency

equates to less heat and fuel being consumed and, therefore, less NOXx is produced.

Portland cement is produced using a combination of variable inputs such as raw
materials, labor, electricity, and fuel. U.S. Census data for the cement industry (North American
Industry Classification System [NAICS] 32731: cement manufacturing) provides an initial
overview of aggregated industry expenditures on these inputs (Department of Commerce [DOC],
Bureau of the Census, 2021). In 2019, the total value of shipments was $9 billion, and the
industry spent approximately $1.5 billion on materials, parts, and packaging, or 16.6% of the
value of shipments. Total compensation for all employees (includes payroll and fringe benefits)
amounted to $1.4 billion (15.6%) and included 15,590 employees.

A review and description of market characteristics (i.e., degree of concentration, entry
barriers, and product differentiation) can enhance our understanding of how U.S. cement markets
operate. These characteristics provide indicators of a firm’s ability to influence market prices by
varying the quantity of cement it sells. For example, in markets with large numbers of sellers and
identical products, firms are unlikely to be able to influence market prices via their production
decisions (i.e., they are “price takers”). However, in markets with few firms, significant barriers

to entry (e.g., licenses, legal restrictions, or high fixed costs), or products that are similar but can
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be differentiated, the firm may have some degree of market power (i.e., set or significantly

influence market prices).

Cement sales are often concentrated locally among a small number of firms for two
reasons: high transportation costs and production economies of scale. Transportation costs
significantly influence where cement is ultimately sold; high transportation costs relative to unit
value provide incentives to produce and sell cement locally in regional markets (USITC, 2006).
To support this claim, the empirical literature has typically pointed to Census of Transportation
data showing over 80% of cement shipments were made within a 200-mile radius (Jans and
Rosenbaum, 1997) and reported evidence of high transportation costs per dollar of product value
from case studies (Ryan, 2006). The cement industry is also very capital intensive, and entry
requires substantial investments. In addition, large plants are typically more economical because
they can produce cement at lower unit costs; this reduces entry incentives for small sized cement
plants and firms. EPA has recognized these aspects of the cement industry and its market
structure in its economic impact analyses of rules on this industry in previous reports, such as the
RIA prepared in 2010 for the portland cement NESHAP and NSPS (EPA, 2010).

2.4.2 Iron and Steel Mills and Ferroalloy Manufacturing

Iron is produced from iron ore, and steel is produced by progressively removing
impurities from iron ore or ferrous scrap. The first step is iron making. Primary inputs to the iron
making process are iron ore or other sources of iron, coke or coal, and flux. Pig iron is the
primary output of iron making and the primary input to the next step in the process, steel making.
Metal scrap and flux are also used in steel making. The steel making process produces molten
steel that is shaped into solid forms at forming mills. Finishing mills then shape, harden, and
treat the semi-finished steel to yield its final marketable condition.

Steel often undergoes additional, referred to as secondary, metallurgical processes after it
is removed from the steel making furnace. Secondary steel making takes place in vessels, smaller
furnaces, or the ladle. These sites do not have to be as strong as the primary refining furnaces
because they are not required to contain the powerful primary processes. Secondary steel making
can have many purposes, such as removal of oxygen, sulfur, hydrogen, and other gases by

exposing the steel to a low-pressure environment; removal of carbon monoxide through the use
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of deoxidizers such as aluminum, titanium, and silicon; and changing of the composition of

unremovable substances such as oxides to further improve mechanical properties.

In 2019, the United States produced 87.8 million metric tons of steel (USGS, 2019). Steel
is primarily used as a major input to consumer products such as automobiles and appliances.
Therefore, the demand for steel is a derived demand that depends on a diverse base of consumer
products. In addition, the Infrastructure Investment and Jobs Act, signed into law in 2021, will
likely increase demand in both the iron and steel industry as well as the concrete and cement
industry. The historic investment in roads, bridges, airports, and other physical infrastructure

around the country will require large inputs from these industries.

U.S. Census data for the iron and steel industry (North American Industry Classification
System [NAICS] 331110: Iron and steel mills and ferroalloy manufacturing) provides an initial
overview of aggregated industry expenditures on these inputs (Census Bureau, 2021). In 2019,
the total value of shipments was $93.7 billion, and the industry spent approximately $56.4 billion
on materials, parts, and packaging, or 60% of the value of shipments. Total compensation for all
employees (includes payroll and fringe benefits) amounted to $10.1 billion (10.8%) and included
85,707 employees.

2.4.3 Glass and Glass Product Manufacturing

Commercially produced glass can be classified as soda-lime, lead, fused silica,
borosilicate, or 96 percent silica. Soda-lime glass consists of sand, limestone, soda ash, and cullet
(broken glass). The manufacturing of such glass occurs in four phases: (1) preparation of raw
material, (2) melting in the furnace, (3) forming and (4) finishing. The products of the glass
manufacturing industry are flat glass, container glass, and pressed and blown glass. The
procedures for manufacturing glass are the same for all products except forming and finishing.
Container glass and pressed and blown glass use pressing, blowing, or pressing and blowing to
form the desired product. Flat glass, which is the remainder, is formed by float, drawing, or

rolling processes.

As the sand, limestone, and soda ash raw materials are received, they are crushed and
stored in separate elevated bins. These materials are then transferred through a gravity feed
system to a weigher and mixer, where the material is mixed with cullet to ensure homogeneous

melting. The mixture is conveyed to a batch storage bin where it is held until dropped into the
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feeder to the glass melting furnace. All equipment used in handling and preparing the raw

material is housed separately from the furnace and is usually referred to as a batch plant.

The glass melting furnaces contribute to most of the total emissions from the glass plant.
Essentially all the NOx emissions associated with glass manufacturing are generated in the
melting furnaces due to the high process temperatures. These materials are then heated in the
furnace to temperatures around 3000°F to induce fusion that produces molten glass. After molten
glass is produced, it then goes to be shaped by pressing, blowing, pressing and blowing, drawing,
rolling, or floating to produce the desired product. The end products undergo finishing
(decorating or coating) and annealing (removing unwanted stress area in the glass) as required.
During the inspection process, any damaged or undesirable glass is transferred back to the batch

plant to be used as cullet.

Glass manufacturing furnaces can vary between the various categories of glass produced
(container, flat, or pressed/blown). This is because the different types of glass vary in
composition and quality specifications. Therefore, each type of glass produced requires different
energy inputs to fuse the raw materials. As a result, the emissions from similar furnaces
producing different types of glass can vary significantly. Furnaces can also be fired with gaseous

or liquid fuels.

U.S. Census data for the glass manufacturing industry (North American Industry
Classification System [NAICS] 32721) provides an initial overview of aggregated industry
expenditures on these inputs (Census Bureau, 2021). In 2019, the total value of shipments was
$27.6 billion, and the industry spent approximately $10.9 billion on materials, parts, and
packaging, or 40% of the value of shipments. Total compensation for all employees (includes

payroll and fringe benefits) amounted to $5.3 billion and included 91,988 employees.
2.4.4 Pipeline Transportation of Natural Gas

This industry comprises establishments primarily engaged in the pipeline transportation
of natural gas from processing plants to local distribution systems. This industry includes the
storage of natural gas because the storage is usually done by the pipeline establishment and

because a pipeline is inherently a network in which all the nodes are interdependent.
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U.S. Census data for the pipeline transportation of natural gas industry (North American
Industry Classification System [NAICS] 486210) provides an initial overview of aggregated
industry expenditures on these inputs (Census Bureau, 2021). In 2019, the total value of
shipments was $27.6 billion, annual payroll totaled $3.3 billion, and the industry included 27,294

employees.
2.4.5 Industrial Boilers

This rulemaking includes NOyx emission limits on boilers from an additional five
industries. One of those industries is Iron and Steel Mills and Ferroalloy Manufacturing, which

was discussed above; the remaining four industries are discussed briefly below.

This first industry is Metal Ore Mining. Taconite, the principal iron ore mined in the
United States, has a low (20 percent to 30 percent) iron (Fe) content and is found in hard, fine-
grained, banded iron formations. The main taconite iron ore deposits are located near Lake
Superior in Minnesota (Mesabi Iron Range) and Michigan (Marquette Iron Range). The taconite
mining operations in Michigan and Minnesota accounted for virtually all domestic iron ore
production (Kirk, 1999).

The next industry is the pulp, paper, and paperboard mills industry. Manufacturing of
paper and paper products is a complex process that is carried out in two distinct phases: the
pulping of wood and the manufacture of paper. Pulping is the conversion of fibrous wood into a
“pulp” material suitable for use in paper, paperboard, and building materials. Pulping and
papermaking may be integrated at the same production facility, or facilities may produce either
pulp or paper alone. In addition to facilities that produce pulp and/or paper, there are numerous

establishments that do not manufacture paper, but convert paper into secondary products.

Steam boilers are pivotal in the paper industry for the process of drying the paper, energy
requirement, and the cooking of wood chips in the digester. The steam is used for cooking wood
chips, dryer cans, and to produce power for the plant. Power can be produced through the
combustion of bark, black liquor, and fuel oil to reduce the cost with large electric demand and
increase reliability versus outside power sources. Firms engaged in pulp and paper
manufacturing under the North American Industry Classification System (NAICS) code 3221. In
2019, the pulp and paper industry shipped products valued at over $76 billion and included
92,283 employees (U.S. Census Bureau, 2021). This industry has declined in the United States
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with a 22% decrease in the number of establishments and a 42% decrease in the number of

employees from 2000 to 2019.

The next industry is the petroleum and coal products manufacturing industry. The
impacted boilers in this industry come from petroleum refineries. Petroleum pumped directly out
of the ground, or crude oil, is a complex mixture of hydrocarbons (chemical compounds that
consist solely of hydrogen and carbon) and various impurities, such as salt. To manufacture the
variety of petroleum products recognized in everyday life, this complex mixture must be refined
and processed over several stages. Boilers are used for several functions in a petroleum refining
facility. The steam generated from the boiler can be used to power turbines and pumps or for
heating of facilities and processes. Large refineries use lots of steam to heat crude oil during the

distillation process.

The process of refining crude oil into useful petroleum products can be separated into two
phases and a number of supporting operations. In the first phase, crude oil is desalted and then
separated into its various hydrocarbon components (known as “fractions”). These fractions
include gasoline, kerosene, naphtha, and other products. In the second phase, the distilled
fractions are converted into petroleum products (such as gasoline and kerosene) using three

different types of downstream processes: combining, breaking, and reshaping (EPA, 1995).

The petroleum refining industry is comprised of establishments primarily engaged in
refining crude petroleum into finished petroleum products. Examples of these products include
gasoline, jet fuel, kerosene, asphalt, lubricants, and solvents. Firms engaged in petroleum
refining are categorized under the North American Industry Classification System (NAICS) code
324110. In 2019, the petroleum refining industry shipped products valued at over $547 billion
and included 63,659 employees (U.S. Census Bureau, 2021).

The fourth industry is basic chemical manufacturing, which includes establishments
primarily engaged in manufacturing chemicals using basic processes, such as thermal cracking
and distillation. Chemicals manufactured in this industry group are usually separate chemical

elements or separate chemically-defined compounds.

The chemicals industry is one of the most complex and diverse industries in the U.S., and simple
characterizations are impossible. While the EIA Manufacturing Energy Consumption Survey

(MECS) identifies 10 significant steam-consuming product categories within the chemical
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industry, it identifies only nine for the food, paper, refining and primary metals industries,
combined. The major steam consuming processes in the chemical industry include stripping,

fractionalization, power generation, mechanical drive, quenching and dilution.

U.S. Census data for the basic chemical manufacturing industry (North American Industry
Classification System [NAICS] 3251) provides an initial overview of aggregated industry
expenditures. In 2019, the value of shipments for the industry was $206 billion and included
143,000 employees (U.S. Census Bureau, 2021).

2.4.6 Municipal Waste Combustors

Municipal solid waste (MSW) combustion is the process of reducing the volume of MSW
through incineration (combustion). Because combustion reduces waste volume by as much as 90
percent, this method of waste management has the potential to significantly reduce the need for
landfills. Combustion has two principal functions—MSW volume reduction and energy
generation—and produces residual products of ash and emissions to the ambient air. The inputs
are capital services (e.g., combustor unit, land, building, air pollution control devices), operating
services (e.g., labor services, maintenance services, fuel for startup, utility services), and MSW.

Municipal waste combustors (MWCs) can be classified according to three principal
types: mass burn (MB), modular (MOD), and refuse-derived fuel (RDF) combustors. Variations
exist within these categories, and some designs incorporate features of more than one type.
Regardless of the technology, each MWC plant site or facility has at least one, and potentially
more than one, individual combustor unit. Typically, an MWC plant has two or three units on

site.

The U.S. Economic Census (U.S. Bureau of the Census) classifies affected MWCs in a
category called solid waste combustors and incinerators (NAICS 562213). Between 2012 and
2017 the industry declined from 109 establishments and $2.5 billion in sales to 61 establishments
and $1.3 billion in sales (U.S. Census Bureau, 2021). In 2020 the industry consisted of 60
establishments, an annual payroll of $191 million, and 1,803 employees (U.S. Census Bureau,
2021).
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CHAPTER 3: AIR QUALITY IMPACTS

Overview

This chapter presents the impacts on 0zone concentrations in 2023 and ozone and PM2 in
2026 from emissions reductions associated with the three regulatory control alternatives (i.e.,
final rule, less stringent alternative, and more stringent alternative) analyzed in this RIA >
Specifically, for 2023 we analyzed the impacts of ozone season (i.e., May through September)
NOx emissions reductions from EGUs on April through September average Maximum Daily
Average 8-hour ozone concentrations (AS-MQO3) for each of the three control alternatives. For
2026°2 we analyzed the impacts on AS-MO3 from ozone season NOx emissions reductions from
EGUs and from non-EGU separately and combined for each of the three alternatives. In addition,
for 2026 we also analyzed the impacts on annual average PM_ s concentrations from the changes
in EGU emissions of NOx, SO, and directly emitted PM. s outside of the ozone season that are
expected to result from certain EGU NOx controls that are expected to operate year-round and
generation shifting in response to the implementation of EGU controls in the three regulatory

control alternatives (see Chapter 4).5

In this chapter we first describe the methods for developing spatial fields of air quality
concentrations® for the baseline and regulatory control alternatives in 2023 and 2026. These
spatial fields provide the air quality data that are used in the environment justice (EJ) analysis
and the analysis of health benefits from reduced concentrations of ozone and PM2 s that are
expected to result from this final rule. In brief, the spatial fields are constructed based on a
method that utilizes 2026 baseline ozone and PM s contributions from emissions in individual
states, state-level emissions for the baseline and each of the regulatory control alternatives, along

51 The 2023 and 2026 baseline and regulatory controls alternatives are described in Chapter 4.

52 The baseline EGU emissions and emissions reductions from the three EGU regulatory control alternatives that
were used to create spatial fields for 2026 align with the 2025 EGU baseline and control alternatives emissions
described in Chapter 4.

%3 The approach for creating spatial fields of annual average PM. s concentrations is not capable of handling
emissions reductions that vary by season. In this regard, our impact analysis for annual average PM. s does not
include NOx emissions reductions during the ozone season. Excluding ozone season NOXx reductions is not expected
to bias the annual impacts because NOx emissions primarily affect concentrations of PM nitrate, which is a
secondary pollutant that is formed during the cooler months of the year with near zero concentrations measured
during the summer. Similarly, we do not include the impacts of non-EGU NOx reductions on annual average PM3 5
because the non-EGU emissions limits are only required to operate during the ozone season.

54 Spatial fields are comprised of gridded pollutant concentration and contribution data at 12 km resolution covering
the portion of the U.S. within the air quality modeling domain.
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with baseline spatial fields of ozone and PM2.s concentrations. The basic methodology for
determining air quality changes for this final rule are the same as those used in the proposal RIA
and in RIAs for multiple previous rules (U.S. EPA, 2019; U.S. EPA, 2020a; U.S. EPA, 2020b;
U.S. EPA, 2021).

In Section 3.1 we describe the air quality modeling platform; in Section 3.2 we describe the
method for processing air quality modeling outputs to create spatial fields; in Section 3.3 we
describe how this method was applied for the analyses in this RIA; in Section 3.4 we present
maps showing the impacts on AS-MO3 and annual PM2 s for each of the regulatory control
alternatives compared to the corresponding baseline; and in Section 3.5 we identify uncertainties
and limitations in the application of the method for generating spatial fields of pollutant

concentrations.

In Appendix 3A, we provide the estimated impacts on projected 2026 ozone design values
that are expected to result from the emissions reductions from the combined EGU and non-EGU
final rule case. The impacts on design values are based on air quality modeling of the 2026 final

rule baseline and the 2026 final rule.
3.1 Air Quality Modeling Platform

The EPA used photochemical air quality modeling as part of the process to create spatial
fields that reflect the influence of emissions changes between the baseline and each of the
regulatory control alternatives in each year, as applicable, for this final rule RIA. The model
simulations (i.e., model runs) were performed using the Comprehensive Air Quality Model with
Extensions (CAMX) version 7.10°° (Ramboll Environ, 2021). The nationwide modeling domain
(i.e., the geographic area included in the modeling) covers all lower 48 states plus adjacent
portions of Canada and Mexico using a horizontal grid resolution of 12x12 km, as shown in
Figure 3-1. Model predictions were evaluated by comparing predictions of base year 2016 ozone
and PM_ s concentrations to ambient measurements (U.S. EPA, 2022a; 2022b). Ozone and PM2 s
model evaluations showed model performance that was comparable to other contemporaneous
model applications and, therefore, deemed adequate for the purpose of creating spatial fields for

the purposes of this RIA.

%5 This CAMXx simulation set the Rscale NH3 dry deposition parameter to 0, which resulted in more realistic model
predictions of PM_ s nitrate concentrations than using a default Rscale parameter of 1.
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Figure 3-1  Air Quality Modeling Domain

As noted above, the process for creating spatial fields utilized ozone and PM2s
concentrations as well as the contributions from EGU and non-EGU emissions in individual
states. The contributions to assess the impacts on AS-MO3 for the final rule are the same as
those used for the proposed rule. That is, for this final rule analysis we used the 2026 ozone
concentrations and corresponding EGU and non-EGU contribution predictions from the 2016
version 2 (i.e., 2016v2) emissions platform that was developed and used for proposal.®® In the
proposal RIA, we relied on benefit per ton estimates to compute the benefits expected from
reductions in annual average PM..s concentrations. For this final rule we conducted PM2 s state-
by-state source apportionment air quality modeling to quantify contributions to annual PM2s
from EGU emissions of NOx, SO, and directly emitted PM2s in 2026. The data from this
modeling were used to develop spatial fields of annual average PM2 s for the 2026 baseline and
each of the three EGU regulatory control alternatives in that year. In order to provide consistency
between the analyses for ozone and the analyses for PM. s, the source apportionment modeling
for PM2s was performed using the same inputs and model configuration as we used for the ozone
source apportionment modeling performed for the proposed rule analysis.

%6 The 2016v2 emissions platform includes emissions data for 2016, 2023, 2026, and 2032. For the final rule, the
EPA developed a version 3 (v3) emissions inventory, which reflects updates based largely on comments on the
proposal. As described in the text, for this final rule RIA, we use the v2 modeling in a relative sense coupled with
the v3 emissions to create spatial fields for the final rule 2023 and 2026 baseline scenarios and the regulatory control
alternatives.
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The contributions to ozone and PM2.s component species (e.g., sulfate, nitrate,
ammonium, elemental carbon (EC), organic aerosol (OA), and crustal material®’) were modeled
using the source apportionment tools in CAMXx. Ozone contributions were modeled using the
Anthropogenic Precursor Culpability Assessment (APCA) tool and PM2.s contributions were
modeled using the Particulate Matter Source Apportionment Technology (PSAT) tool (Ramboll,
2021). In general, source apportionment modeling quantifies the air quality concentrations
formed from individual, user-defined groups of emissions sources or “tags.”®® These source tags
are tracked through the transport, dispersion, chemical transformation, and deposition processes
within the model to obtain hourly gridded®® contributions from the emissions in each individual
tag to hourly gridded modeled concentrations. For this RIA we used the source apportionment
contribution data to provide a means to estimate the effect of changes in emissions from each
group of emissions sources (i.e., each tag) to changes in 0zone and PM2 s concentrations.
Specifically, we applied outputs from the 2026 baseline state-by-state EGU and non-EGU source
apportionment modeling to obtain the contributions from EGU and non-EGU emissions in each
state to concentrations and the contributions in each 12 x 12 km model grid cell nationwide. The
ozone source apportionment modeling was performed for the period April through September to
provide data for developing spatial fields for the April through September AS-MO3 ozone
exposure metric. The PM.s source apportionment modeling was performed for a full year to

provide data for developing spatial fields of annual average PM2s.
3.2 Applying Modeling Outputs to Create Spatial Fields

In this section we describe the method for creating spatial fields of AS-MO3 and annual
average PM2 s based on the air quality modeling for 2016v2 and 2026v2. The foundational data
include (1) ozone and speciated PM2 s concentrations in each model grid cell from the 2016 and
2026 v2 modeling, (2) ozone contributions in 2026v2 from EGU and non-EGU ozone season
emissions in each state and speciated PM2 s contributions in 2026v2 from annual EGU emissions

in each state in each model grid cell, (3) 2026v2 emissions from EGUs and non-EGUs that were

57 Crustal material refers to elements that are commonly found in the earth’s crust such as Aluminum, Calcium, Iron,
Magnesium, Manganese, Potassium, Silicon, Titanium and the associated oxygen atoms.

%8 Each state was treated as a separate source tag. Note that point source (EGU and non-EGU) sources on tribal lands
were assigned to a national “tribal land” tag.

%9 Hourly contribution information is provided for each grid cell to provide spatial patterns of the contributions from
each tag.
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inputs to the contribution modeling, and (4) the EGU and non-EGU v3 emissions from the final
rule 2023 and 2026 baseline scenarios and each of the three regulatory control alternatives in
2023 and 2026.

The method to create spatial fields applies scaling factors to gridded source
apportionment contributions based on emissions changes between the 2026v2 baseline and the
2023v3 and 2026v3 baseline and regulatory control alternatives. This method is described in

detail below.

Spatial fields of ozone and PM25 in 2026 were created based on “fusing” modeled data
with measured concentrations at air quality monitoring locations. To create the spatial fields for
each future emissions scenario these fused model fields are used in combination with 2026 state-
EGU and non-EGU source apportionment modeling and the EGU and non-EGU emissions for
each regulatory control alternative and analytic year, as applicable. Contributions from each
contribution “tag” were scaled based on the ratio of emissions in the year/alternative being
evaluated to the emissions in the modeled 2026 scenario. Contributions from tags representing
sources other than EGUs and non-EGUs are held constant at 2026 levels for each of the
alternatives and year. For each alternative and year analyzed, the scaled contributions from all
sources were summed together to create a gridded surface of total modeled ozone and PM2s. The
process is described in a step-by-step manner below. For ozone, the process for creating spatial
fields of AS-MO3 concentrations is explained using an EGU control case as an illustrative
example. This process was performed to create AS-MO3 spatial fields for the 2023 and 2026
baselines and for the EGU and non-EGU regulatory control alternatives analyzed for this final
rule RIA. For annual PM2s, we describe the steps for creating spatial fields for the 2026 baseline
and EGU regulatory control alternatives.

3.2.1 Spatial Distribution of Ozone Impacts

When interpreting the spatial fields of AS-MQO3 it is important to recognize that ozone is
a secondary pollutant, meaning that it is formed through chemical reactions of precursor
emissions in the atmosphere. As a result of the time necessary for precursors to mix in the
atmosphere and for these reactions to occur, ozone can either be highest at the location of the
precursor emissions or peak at some distance downwind of those emissions sources. The spatial

gradients of ozone depend on a multitude of factors including the spatial patterns of NOx and
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VOC emissions and the meteorological conditions on a particular day. Thus, on any individual
day, high ozone concentrations may be found in narrow plumes downwind of specific point
sources, may appear as urban outflow with large concentrations downwind of urban source
locations or may have a more regional signal. However, in general, because the AS-MO3 metric
is based on the average of concentrations over more than 180 days in the spring and summer, the
resulting spatial fields are rather smooth without sharp gradients, compared to what might be
expected when looking at the spatial patterns of maximum daily 8-hour average (MDAS8) ozone
concentrations on specific high ozone episode days.

The impacts of the regulatory control alternatives for EGUs in 2023 and 2026 on ozone
season EGU NOx emissions for all states are provided in Table 3-1.%° The impacts of the
regulatory control alternatives for non-EGUs in 2026 on 0zone season hon-EGU NOx emissions
by state are provided in Table 3-2. Note that negative values in Tables 3-1 and 3-2 denote a
reduction in emissions and positive values denote an increase in emissions.®* The spatial fields of
baseline AS-MO3 in 2023 and 2026 are presented in Figure 3-2 and Figure , respectively. The
distribution of AS-MO3 baseline concentrations in 2023 and 2026 are similar, but the
concentrations are somewhat lower in 2026, as is expected due to emissions reductions resulting
from continued implementation of existing “on-the-books” rules and regulations. The figures
show that, from a regional perspective, the highest AS-MO3 concentrations are in the inter-
mountain and southwest portions of the western U.S. where contributions from background
sources are dominant outside of urban areas, and in southern and central California where there
are high emissions of ozone precursor pollutants. Within the eastern U.S. the highest
concentrations are seen in the Ohio Valley and portions of the Midwest, as well as along the

Northeast Corridor and near urban areas such as Atlanta and Houston.

80 Emission reductions at sources on tribal lands are included in the tribal lands categories all of the emissions tables
in this chapter.

51 The imposition of the final rule results in changes in regional electricity flows, resulting in changes in net imports.
As a result, some states (even those not subject to the rule) may see changes in emissions as a result of generation
shifting.
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Table 3-1. Impact on EGU Ozone Season NOx Emissions of each Regulatory Control
Alternative in 2023 and in 2026 (1,000 tons)

2023 EGU Ozone Season
NOx Emissions

2026 EGU Ozone Season

NOx Emissions

Less More Less More

Final — | Stringent | Stringent Final — Stringent— | Stringent —
State Baseline | — Baseline | — Baseline Baseline Baseline Baseline
Alabama -0.2 -0.2 -0.2 -0.2 -0.2 -0.2
Arizona 0.0 0.0 0.0 -0.3 0.0 0.5
Arkansas -0.3 -0.3 -0.3 -5.7 -0.4 -7.0
California 0.1 0.1 0.1 0.0 0.0 0.0
Colorado 0.0 0.0 0.0 0.1 0.0 0.0
Connecticut 0.0 0.0 0.0 0.0 0.0 0.0
Delaware 0.0 0.0 0.0 0.0 0.0 0.0
District of
Columbia 0.0 0.0 0.0 0.0 0.0 0.0
Florida 0.0 0.0 0.0 0.0 0.0 0.0
Georgia 0.0 0.0 0.1 0.0 0.0 0.6
Idaho 0.0 0.0 0.0 0.1 0.0 0.0
Illinois -0.1 -0.1 -0.1 0.3 0.0 0.9
Indiana -0.1 -0.1 -0.1 -1.1 0.1 -2.0
lowa 0.0 0.0 0.0 0.3 -0.1 -0.1
Kansas 0.0 0.0 0.0 0.4 0.0 1.0
Kentucky -0.8 -0.8 -1.1 -2.3 -0.6 -6.0
Louisiana -0.3 -0.3 -0.3 -4.0 -1.7 -4.0
Maine 0.0 0.0 0.0 0.0 0.0 0.0
Maryland 0.0 0.0 0.0 0.0 0.0 0.0
Massachusetts 0.0 0.0 0.0 0.0 0.0 0.0
Michigan 0.0 0.0 0.0 -2.1 0.1 -3.4
Minnesota -1.0 -1.0 -1.0 -1.2 -1.2 -1.2
Mississippi -1.0 -1.0 -1.0 -0.1 -0.2 0.0
Missouri -1.8 -1.8 -1.8 -4.8 -1.8 -6.3
Montana 0.0 0.0 0.0 0.0 0.0 0.0
Nebraska 0.0 0.0 0.0 0.1 0.0 0.0
Nevada -0.5 -0.5 -0.5 0.0 0.0 0.0
New
Hampshire 0.0 0.0 0.0 0.0 0.0 0.0
New Jersey -0.1 -0.1 -0.1 -0.1 -0.1 -0.1
New Mexico 0.0 0.0 0.0 0.0 0.0 0.0
New York -0.2 -0.2 -0.2 -0.2 -0.2 -0.1
North Carolina 0.0 0.0 -0.1 0.4 0.0 0.3
North Dakota 0.0 0.0 0.0 0.1 0.1 0.1

98




2023 EGU Ozone Season 2026 EGU Ozone Season
NOx Emissions NOx Emissions
Less More Less More
Final — | Stringent | Stringent Final — Stringent— | Stringent —

State Baseline | — Baseline | — Baseline Baseline Baseline Baseline
Ohio -0.2 -0.2 -0.2 -1.5 -1.5 -1.5
Oklahoma -1.4 -1.4 -1.4 -2.2 -1.3 -4.4
Oregon 0.0 0.0 0.0 0.0 0.0 0.0
Pennsylvania 0.0 -0.1 0.0 0.1 -0.1 0.0
Rhode Island 0.0 0.0 0.0 0.0 0.0 0.0
South Carolina 0.0 0.0 0.0 0.2 0.1 0.0
South Dakota 0.0 0.0 0.0 0.0 0.0 0.0
Tennessee 0.0 0.0 0.0 0.0 -0.1 0.6
Texas -1.2 -1.2 -1.2 -1.1 -1.3 -14.3
Utah -1.5 -1.5 -1.5 -4.8 -0.1 -5.9
Vermont 0.0 0.0 0.0 0.0 0.0 0.0
Virginia 0.0 0.0 0.0 0.2 0.0 -0.2
Washington 0.0 0.0 0.0 0.0 0.0 0.0
West Virginia 1.2 1.2 13 -1.7 1.0 -2.9
Wisconsin -0.4 -0.4 -0.4 0.1 0.0 0.0
Wyoming 0.0 0.0 0.0 0.5 -0.5 0.8
Tribal Lands 0.0 0.0 0.0 -1.3 0.0 -1.3
Nationwide -9.9 -9.8 -10.0 -31.8 -9.9 -56.0

Table 3-2. Impact on Non-EGU Ozone Season NOx Emissions of each Regulatory Control
Alternative in 2026 (1,000 tons)

2026 Non-EGU Ozone Season
NOx Emissions
Less More

Policy — Stringent | Stringent

State Baseline | — Baseline | — Baseline
Alabama 0.0 0.0 0.0
Arizona 0.0 0.0 0.0
Arkansas -1.6 -0.5 -1.7
California -1.6 -1.5 -4.5
Colorado 0.0 0.0 0.0
Connecticut 0.0 0.0 0.0
Delaware 0.0 0.0 0.0
District of Columbia 0.0 0.0 0.0
Florida 0.0 0.0 0.0
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2026 Non-EGU Ozone Season

NOx Emissions

Less More
Policy — Stringent | Stringent

State Baseline | — Baseline | — Baseline
Georgia 0.0 0.0 0.0
Idaho 0.0 0.0 0.0
Illinois -2.4 -0.8 -3.1
Indiana -2.0 -1.4 -3.5
lowa 0.0 0.0 0.0
Kansas 0.0 0.0 0.0
Kentucky -3.0 -0.7 -3.5
Louisiana -8.5 -2.2 -9.2
Maine 0.0 0.0 0.0
Maryland -0.1 -0.1 -1.1
Massachusetts 0.0 0.0 0.0
Michigan -3.2 -0.8 -5.4
Minnesota 0.0 0.0 0.0
Mississippi -2.9 -0.6 -3.1
Missouri -2.1 -0.6 -4.8
Montana 0.0 0.0 0.0
Nebraska 0.0 0.0 0.0
Nevada 0.0 0.0 0.0
New Hampshire 0.0 0.0 0.0
New Jersey -0.2 -0.2 -0.3
New Mexico 0.0 0.0 0.0
New York -1.0 -0.7 -1.5
North Carolina 0.0 0.0 0.0
North Dakota 0.0 0.0 0.0
Ohio -3.4 -1.1 -4.3
Oklahoma -7.7 -2.4 -9.3
Oregon 0.0 0.0 0.0
Pennsylvania -2.3 -1.7 -4.7
Rhode Island 0.0 0.0 0.0
South Carolina 0.0 0.0 0.0
South Dakota 0.0 0.0 0.0
Tennessee 0.0 0.0 0.0
Texas -6.6 -2.7 -14.1
Utah -0.4 -0.1 -1.0
Vermont 0.0 0.0 0.0
Virginia -1.8 -0.8 -2.2
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2026 Non-EGU Ozone Season

NOx Emissions

Less More
Policy — | Stringent | Stringent
State Baseline | — Baseline | — Baseline
Washington 0.0 0.0 0.0
West Virginia -2.0 -0.5 -2.5
Wisconsin 0.0 0.0 0.0
Wyoming 0.0 0.0 0.0
Tribal Lands 0.0 0.0 0.0
Nationwide -52.9 -19.4 -79.7

2023 Final Rule Baseline

Figure 3-2. 2023 Baseline AS-MO3 Concentrations (ppb)
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2026 Final Rule Baseline

70.0

65.0

60.0

155.0

150.0

145.0

40.0

35.0

30.0

25.0

20.0

Figure 3-3. 2026 Baseline AS-MO3 Concentration (ppb)

The estimated impacts on AS-MO3 between the baseline and each of the regulatory
control alternatives for 2023 and 2026 are presented in Figure 3-4 through Figure 3-15. The ppb
differences shown in Figures 3-4 through 3-15 are calculated as the regulatory control alternative
minus the baseline (i.e., negative values indicate reductions in pollutant concentrations). Note
that the scale for the impacts of the more stringent alternative in 2026, as shown in Figure 3-15,
is larger than the scale used to display the impacts for the less stringent alternative and final rule

alternatives in Figures 3-13 and 3-14, respectively.

The spatial patterns of the impacts of emissions reductions are a result of (1) the location
of EGU and non-EGU sources with reduced ozone season NOx emissions between the baseline
and the corresponding regulatory control alternatives and (2) the physical or chemical processing
that the model simulates in the atmosphere. In this respect, ozone reductions are greatest in
proximity to the affected sources with regional impacts in areas further downwind from these
sources. Increases in 0zone concentrations in parts of West Virginia seen in the 2023 regulatory
control alternatives reflect the increase in ozone season EGU NOx emissions in this state, as
indicated in Table 3-1.
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2023 Final Rule EGU Less Stringent Scenario - Baseline
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Figure 3-4. Reduction in AS-MO3 (ppb): 2023 Less Stringent EGU-only Alternative

vs the 2023 Baseline (scale: + 0.5 ppb)
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Figure 3-5. Reduction in AS-MO3 (ppb): 2023 Final Rule EGU-only Alternative vs

the 2023 Baseline (scale: + 0.5 ppb)
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Figure 3-6. Reduction in AS-MO3 (ppb): 2023 More Stringent EGU-only Alternative vs the
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2026 Final Rule EGU Less Stringent Scenario - Baseline
247 1.00
0.80
198 t 410.60
k]
0.40
&S {o.20
{o.00
99 0.20
0.40
s0 0.60
0.80
: ) . -1.00
80 159 239 318 397
Min=-0.514 at (211,104), Max = 0.174 at (310,131)

Figure 3-7. Reduction in AS-MO3 (ppb): 2026 Less Stringent EGU-only Alternative vs the

2026 Baseline (scale: + 1.0 ppb)
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2026 Final Rule EGU Policy Scenario - Baseline
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Figure 3-8. Reduction in AS-MO3 (ppb): 2026 Final Rule EGU-only Alternative vs the 2026
Baseline (scale: + 1.0 ppb)
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Figure 3-9. Reduction in AS-MO3 (ppb): 2026 More Stringent EGU-only Alternative
vs the 2026 Baseline (scale: + 1.0 ppb)
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2026 Final Rule NonEGU Less Stringent Scenario - Baseline
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Figure 3-10. Reduction in AS-MO3 (ppb): 2026 Less Stringent non-EGU-only Alternative
vs the 2026 Baseline (scale: + 1.0 ppb)
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Figure 3-11. Reduction in AS-MO3 (ppb): 2026 Final Rule non-EGU-only Alternative vs
the 2026 Baseline (scale: + 1.0 ppb)
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2026 Final Rule NonEGU More Stringent Scenario - Baseline

247

1.00
0.80
198 0.60
{0.a0
149 {o0.20
{0.00
99 {-0.20
{-0.a0
=5 -0.60
-0.80
5 '» -1.00

1 80 159 239 318 397

Min=-1.479 at {251,60), Max = 0.00E+0 at (1,1)

Figure 3-12. Reduction in AS-MO3 (ppb): 2026 More Stringent non-EGU-only Alternative
vs the 2026 Baseline (scale: + 1.0 ppb)
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Figure 3-13. Reduction in AS-MO3 (ppb): 2026 Less Stringent EGU+non-EGU Alterative
vs the 2026 Baseline (scale: + 1.0 ppb)
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Figure 3-14. Reduction in AS-MO3 (ppb): 2026 Final Rule EGU+non-EGU
Alternative vs the 2026 Baseline (scale: + 1.0 ppb)
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Figure 3-15. Reduction in AS-MO3 (ppb): 2026 More Stringent EGU+non-EGU
Alternative vs the 2026 Baseline (scale: + 2.0 ppb)
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3.2.2 Spatial Distribution of PM2s Impacts

In contrast to ozone, PM2 s is comprised of both primary and secondary components.
Secondary PM2 s species sulfate and nitrate often exhibit relatively smooth regional patterns
without large local gradients while primary PM2.s components often have heterogenous spatial
patterns with largest gradients near emissions sources. The spatial field of 2026 baseline annual
PM2s is provided in Figure 3-16. Both secondary and primary PM2 s contribute to the spatial
pattern of 2026 baseline annual PM2 s as illustrated by the extensive areas of elevated
concentrations over much of the East that are comprised of secondary PM..s component species.
In addition, relatively high concentrations are mainly evident in urban areas and in close
proximity to major point sources. These “hot spots” generally reflect the impact of primary PM
emissions. Locally high concentrations are also evident in parts of the Northwest as a result of
wood stove emissions during the cooler months of the year (Hadley, 2021). High PM2s
concentrations are also evident in California’s Central Valley mainly comprised of particulate

nitrate and sulfate (Hasheminassab, 2014).

The impacts of the regulatory control alternatives for EGUs in 2026 on annual EGU
NOx, SO, and PM2 s emissions by state are provided in Table 3-3. Note that negative values in
Table 3-3 denote a reduction in emissions and positive values denote an increase in emissions. In
Figures 3-17 through 3-19 we present the changes in annual average PM2 s concentrations
between the 2026 baseline and the three EGU regulatory control alternatives. The spatial patterns
of changes in annual average PM2 s are a result of (1) of the spatial distribution of EGU sources
that are predicted to have changes in emissions in the control alternatives compared to the
baseline and (2) of the physical or chemical processing that the model simulates in the
atmosphere. The emissions data in Table 3-3 show that the reductions in SO, emissions expected
to result from the final rule and more stringent alternative are much larger than emissions
reductions of NOx or PM2s. Geographically, the SO2 emissions reductions are most notable in
Arkansas and Louisiana. In addition, there are relatively large reductions in SO2 emissions in
Kentucky, Michigan, and Texas. The spatial pattern of reductions in annual average PM. s
concentrations, as shown in Figures 3-17 through 3-19, are consistent with the location of SO>
emissions reductions. The largest reductions in PM2 s are found in and downwind of the states

with the largest reductions in emissions.

109



Table 3-3. Impact on EGU Annual NOx, SO2, and PM2s Emissions of each Regulatory
Control Alternative for EGUs in 2026 (1,000 tons)?

Less Stringent —

More Stringent —

Final Rule — Baseline Baseline Baseline
State NOx | SO2 | PM;s NOx | SO2 PM_ s NOx | SO2 | PMas
Alabama -0.2 -0.2 0.0 -0.1 -0.1 0.0 -1.1 -1.3 -0.1
Arizona -0.5 -0.8 0.0 0.1 0.1 0.0 0.8 1.4 0.0
Arkansas -0.6 -15.8 -0.3 -0.6 -0.1 0.0 -6.8 -19.7 -0.2
California 0.0 0.0 0.0 0.0 0.0 0.0 0.3 0.0 -0.1
Colorado 0.0 0.0 0.0 0.0 0.0 0.0 0.0 -0.1 0.0
Connecticut 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Delaware 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
District of
Columbia 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Florida 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Georgia 0.0 0.1 0.0 -0.1 0.0 0.0 1.4 1.4 0.1
Idaho 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Illinois 0.1 0.1 0.1 0.0 0.0 0.0 1.1 2.4 0.1
Indiana -0.8 -1.9 -0.1 -1.1 -2.8 -0.2 1.0 1.3 0.2
lowa -0.1 0.1 0.0 -0.1 -0.1 0.0 0.1 0.0 0.0
Kansas -0.1 0.1 0.0 0.0 0.0 0.0 1.6 0.6 0.3
Kentucky 0.0 5.7 0.0 -0.3 8.5 0.0 -115 | -22.7 -0.3
Louisiana -2.7 -15.3 -0.4 -2.6 -9.5 -0.3 -3.0 -15.7 -0.4
Maine 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Maryland 0.0 -0.1 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Massachusetts 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Michigan 0.0 -3.0 -0.2 0.1 0.0 0.0 -8.1 -19.4 -0.8
Minnesota -1.9 -0.3 0.0 -1.9 -0.2 0.0 -1.7 -0.2 0.0
Mississippi -0.1 -0.1 0.0 0.0 -0.1 0.0 0.2 0.3 0.1
Missouri 0.1 -2.6 -0.2 0.1 0.0 0.0 -7.2 -1.7 -0.4
Montana 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Nebraska 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Nevada 0.0 0.0 0.0 0.0 0.0 0.0 0.1 0.0 0.0
New
Hampshire 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
New Jersey 0.0 0.0 0.0 0.0 0.0 0.0 0.1 0.0 0.0
New Mexico 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
New York 0.0 0.0 0.0 -0.1 0.0 0.0 0.1 0.0 0.0
North
Carolina 0.0 0.3 0.0 0.0 0.0 0.0 0.3 -1.4 0.0
North Dakota 0.6 0.9 0.0 0.4 0.6 0.0 1.0 1.3 0.1
Ohio 2.1 -2.5 -0.3 2.1 -2.2 -0.2 2.1 -2.3 -0.2
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Less Stringent — More Stringent —
Final Rule — Baseline Baseline Baseline

State NOXx SO2 PM,s NOx SO2 PM;s NOx SO2 PM;5s
Oklahoma -2.1 2.0 0.0 -2.3 3.4 0.0 -4.8 2.3 0.0
Oregon -0.1 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Pennsylvania 0.4 0.2 0.2 -0.1 -0.2 0.0 1.5 15 0.5
Rhode Island 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
South

Carolina 0.0 -0.1 0.0 0.0 0.0 0.0 0.0 -0.2 0.0
South Dakota 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Tennessee -0.1 0.0 0.0 -0.1 -0.1 0.0 2.2 2.9 0.6
Texas 0.1 -1.2 0.0 -0.1 -2.0 0.0 -17.3 | -45.2 -0.6
Utah 0.0 -3.0 -0.1 0.0 -0.7 0.0 -12.9 0.8 0.0
Vermont 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
Virginia 0.0 0.0 0.1 0.0 0.0 0.1 0.1 0.0 -0.1
Washington 0.0 0.0 0.0 0.0 0.0 0.0 0.2 0.0 0.0
West Virginia 3.0 -1.8 -0.2 3.0 0.0 0.0 -7.4 -5.9 -0.8
Wisconsin 0.0 0.1 0.0 0.0 0.0 0.0 0.1 0.0 0.0
Wyoming 0.9 1.6 0.0 -1.1 -1.3 0.0 1.6 2.6 0.0
Tribal Data 0.0 -0.4 -0.2 0.0 0.0 0.0 -3.0 -0.9 -0.5
Nationwide -6.2 -37.7 -1.5 -8.9 -6.8 -0.7 -73.0 | -118.1 | -2.3

2 The imposition of the final rule results in changes in regional electricity flows, resulting in changes in net imports.
As a result, some states (even those not subject to the rule) may see changes in emissions as a result of generation
shifting.
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Figure 3-16. 2026 Baseline Annual Average PM2s Concentrations (pug/m®)
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Figure 3-17. Reduction in annual average PM2s (ug/m?): 2026 Less Stringent EGU-only

Alternative vs the 2026 Baseline (scale: + 0.2 pg/m?3)
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Figure 3-18. Reduction in Annual Average PM2s (ug/m?®): 2026 Final Rule EGU-only
Alternative vs the 2026 Baseline (scale: + 0.2 pg/m?3)
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2026 Final Rule Annual PM2.5 More Stringent Scenario - Baseline
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Alternative vs the 2026 Baseline (scale: + 0.2 pg/m?)
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3.3 Uncertainties and Limitations
One limitation of the scaling methodology for creating ozone and PM2 s surfaces

associated with the baseline and regulatory control alternatives described above is that it treats
air quality changes from the tagged sources as linear and additive. It therefore does not account
for nonlinear atmospheric chemistry and does not account for interactions between emissions of
different pollutants and between emissions from different tagged sources. This is consistent with
how air quality estimations have been treated in past regulatory analyses (U.S. EPA 2012; 2019;
2020b). We note that air quality is calculated in the same manner for the baseline and the
regulatory control alternatives, so any uncertainty associated with these assumptions is carried
through both sets of scenarios in the same manner and is thus not expected to impact the air
quality differences between scenarios. In addition, emissions changes between baseline and the
regulatory control alternatives are relatively small compared to modeled 2026 emissions that
form the basis of the source apportionment approach described in Section 3.1. Previous studies

have shown that air pollutant concentrations generally respond linearly to small emissions

113



changes of up to 30 percent (Dunker et al., 2002; Cohan et al., 2005; Napelenok et al., 2006; Koo
et al., 2007; Zavala et al., 2009; Cohan and Napelenok, 2011) and that linear scaling from source
apportionment can do a reasonable job of representing impacts of 100 percent of emissions from
individual sources (Baker and Kelly 2014). Therefore, while simplistic, it is reasonable to expect
that the emissions concentration differences between the baseline and regulatory control
alternatives can be adequately represented using this methodology and any uncertainty should be
weighed against the speed in which this method may be used to account for spatial differences in
the effect of EGU emissions on ozone concentrations.

A second limitation is that the source apportionment contributions represent the spatial
and temporal distribution of the emissions from each source tag as they occur in the 2026
modeled case. Thus, the contribution modeling results do not allow us to represent any changes
to “within tag” spatial distributions. As a result, the method does not account for any changes of
spatial patterns that would result from changes in the relative magnitude of sources within a

source tag in the scenarios investigated here.

In addition, the 2023 and 2026 CAMx-modeled concentrations themselves have some
uncertainty. While all models have some level of inherent uncertainty in their formulation and
inputs, the base-year 2016 model outputs have been evaluated against ambient measurements
and have been shown to adequately reproduce spatially and temporally varying ozone
concentrations (U.S. EPA, 2022a; U.S. EPA, 2022b).

The regulatory control alternatives lead to decreased concentrations of ozone, the extent
to which varies by location, relative to the baseline. However, the analysis does not account for
how interaction with NAAQS compliance would affect the benefits and costs of the regulatory
control alternatives, which introduces uncertainty in the benefits and costs of the alternatives. To
the extent the Transport FIP for the 2015 ozone NAAQS will decrease NOx and consequentially
0zone concentrations, these changes may affect compliance with existing NAAQS standards and
subsequently affect the actual benefits and costs of the rule. In areas not projected to attain the
2015 ozone NAAQS without further emissions reductions from the baseline, states may be able
to avoid applying some emissions control measures to reduce emissions from local sources as a

result of this rule. If compliance behavior with the 2015 ozone NAAQS were accounted for in
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the baseline in this RIA there may be additional social benefits from reduced compliance costs,
while the level and spatial pattern of changes in ozone concentrations, and their associated health
and ecological benefits, would differ. The directional effect on the benefits, costs, and net-

benefits of this source of uncertainty is ambiguous.

Similarly, the regulatory control alternatives may project decreases in o0zone
concentrations in areas attaining the NAAQS in the baseline. In practice, these potential changes
in concentrations may influence NAAQS compliance plans in these areas, which in turn would
further influence concentrations and the cost of complying with the NAAQS. However, such
behavior will be mitigated by NAAQS requirements such as Prevention of Significant
Deterioration (PSD) requirements. This RIA does not account for how interaction with NAAQS

compliance would affect the benefits and costs of the regulatory control alternatives.
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APPENDIX 3A: IMPACTS ON OZONE DESIGN VALUES OF THE FINAL RULE IN
2026

In this appendix we provide the estimated impacts on projected 2026 ozone design values
that are expected to result from the combined EGU and non-EGU final rule analyzed in this RIA.
As described in Chapter 1, the regulatory control alternatives include the final rule along with
alternatives that reflect less stringent and more stringent controls on EGUs and non-EGUs.
Because of timing constraints, we were only able to perform full-scale photochemical air quality
modeling to quantify the ozone impacts for the 2026 final rule.

3A.1 Projected Impacts on Ozone Design Values

The “ppb” impacts in 2026 from the final rule control case are provided in Table 3A-1 for
those monitoring sites that are identified as nonattainment or maintenance-only receptors in 2026
and/or in 2023, based on air quality modeling and monitored data. Table 3A-2 provides the same
information for the additional violating monitor-based maintenance-only receptors in 2023.62

For the final rule control case, the largest reductions in ozone design values at the
receptors in Tables 3A-1 and 3A-2 are predicted to occur in the Houston-Galveston-Brazoria,
Texas area. In this area the reductions from the final rule case range from 0.7 to 0.9 ppb. At most
of the receptors in both the Dallas/Ft Worth and the New York/Coastal Connecticut areas the
reductions in ozone range from 0.4 to 0.5 ppb. At receptors in Indiana, Michigan, and Wisconsin
near the shoreline of Lake Michigan, ozone is projected to decline by 0.3 to 0.4 ppb, but by as
much as 0.5 ppb at the receptor in Muskegon, MI. Lesser reductions of 0.1 ppb are predicted in
the urban and near-urban receptors in Chicago. In the West, ozone reductions just under 0.2 ppb
are predicted at receptors in Denver with slightly greater reductions, just above 0.2 ppb, at
receptors in Salt Lake City. At receptors in Phoenix, California, El Paso/Las Cruces, and
southeast New Mexico the reductions in ozone are predicted to be less than 0.1 ppb. The
geographical variations of the impacts on design values are generally consistent with the spatial
fields in Figure 3-14, which shows the impact on AS-MO3 of the final rule case EGU+non-EGU
NOx reductions in 2026. Table 3A-3 provides the impacts on EGU+non-EGU ozone season NOx

52 The approaches for identifying modeling-based and violating monitor-based receptors are described in the
preamble for this final rule.
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emissions that result from the emissions controls modeled in the final rule case. Note that
negative values in Table 3A-3 denote a reduction in emissions whereas positive values denote an
increase in emissions. The impacts on emissions are rank ordered by the amount of emissions
reduction (i.e., negative values are at the top). That is, in Table 3A-3 the states with the largest
NOx emissions reductions in the final rule case are at the top of the list. Examining the emissions
data in Table 3A-3 together with the ppb impacts in Table 3A-1 and 3A-2 indicate that the
largest reductions in receptor design values are projected to occur near and downwind of the
states with the largest reductions in ozone season EGU+non-EGU NOx emissions.

Table 3A-1. Ozone Impacts at Projected Nonattainment and Maintenance-Only Receptors
(ppb) for the Final Rule Modeled Control Case in 2026

Site ID State County Final Rule Case
40278011 | Arizona Yuma -0.06
60650016 | California Riverside -0.06
60651016 | California Riverside -0.08
80350004 | Colorado Douglas -0.17
80590006 | Colorado Jefferson -0.14
80590011 | Colorado Jefferson -0.11
80690011 | Colorado Larimer -0.24
90010017 | Connecticut Fairfield -0.38
90013007 | Connecticut Fairfield -0.45
90019003 | Connecticut Fairfield -0.46
90099002 | Connecticut New Haven -0.43
170310001 | HHinois Cook -0.08
170314201 | Illinois Cook -0.09
170317002 | Hlinois Cook -0.11
350130021 | New Mexico Dona Ana -0.02
350130022 | New Mexico Dona Ana -0.03
350151005 | New Mexico Eddy -0.02
350250008 | New Mexico Lea -0.02
480391004 | Texas Brazoria -0.82
481210034 | Texas Denton -0.42
481410037 | Texas El Paso -0.03
481671034 | Texas Galveston -0.92
482010024 | Texas Harris -0.68
482010055 | Texas Harris -0.75
482011034 | Texas Harris -0.72
482011035 | Texas Harris -0.70
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Site ID State County Final Rule Case
490110004 | Utah Davis -0.22
490353006 | Utah Salt Lake -0.22
490353013 | Utah Salt Lake -0.15
550590019 | Wisconsin Kenosha -0.21
551010020 | Wisconsin Racine -0.22
551170006 | Wisconsin Sheboygan -0.30

Table 3A-2. Ozone Impacts at Violating-Monitor Maintenance-Only Receptors (ppb) for
the Final Rule Modeled Control Case in 2026

Site ID State County Final Rule Case
40070010 | Arizona Gila -0.07
40130019 | Arizona Maricopa -0.04
40131003 | Arizona Maricopa -0.05
40131004 | Arizona Maricopa -0.05
40131010 | Arizona Maricopa -0.05
40132001 | Arizona Maricopa -0.04
40132005 | Arizona Maricopa -0.06
40133002 | Arizona Maricopa -0.04
40134004 | Arizona Maricopa -0.05
40134005 | Arizona Maricopa -0.04
40134008 | Arizona Maricopa -0.05
40134010 | Arizona Maricopa -0.06
40137020 | Arizona Maricopa -0.04
40137021 | Arizona Maricopa -0.06
40137022 | Arizona Maricopa -0.05
40137024 | Arizona Maricopa -0.04
40139702 | Arizona Maricopa -0.05
40139704 | Arizona Maricopa -0.06
40139997 | Arizona Maricopa -0.04
40218001 | Arizona Pinal -0.03
80013001 | Colorado Adams -0.13
80050002 | Colorado Arapahoe -0.18
80310002 | Colorado Denver -0.13
80310026 | Colorado Denver -0.13
90079007 | Connecticut Middlesex -0.49
90110124 | Connecticut New London -0.41
170310032 | Illinois Cook -0.10
170311601 | lllinois Cook -0.10
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Site ID State County Final Rule Case
181270024 | Indiana Porter -0.23
260050003 | Michigan Allegan -0.39
261210039 | Michigan Muskegon -0.50
320030043 | Nevada Clark -0.15
350011012 | New Mexico Bernalillo -0.04
350130008 | New Mexico Dona Ana -0.02
361030002 | New York Suffolk -0.39
390850003 | Ohio Lake -0.70
480290052 | Texas Bexar -0.28
480850005 | Texas Collin -0.48
481130075 | Texas Dallas -0.45
481211032 | Texas Denton -041
482010051 | Texas Harris -0.69
482010416 | Texas Harris -0.73
484390075 | Texas Tarrant -0.30
484391002 | Texas Tarrant -0.38
484392003 | Texas Tarrant -0.38
484393009 | Texas Tarrant -0.32
490571003 | Utah Weber -0.27
550590025 | Wisconsin Kenosha -0.22
550890008 | Wisconsin Ozaukee -0.24

Table 3A-3. Impact on EGU and Non-EGU Ozone Season NOx Emissions by State in the
2026 Modeled Control Case (1,000 tons)

State Final - Baseline
Louisiana -12.6
Oklahoma -9.9
Texas -7.7
Arkansas -7.3
Missouri -6.9
Michigan -5.3
Kentucky -5.3
Utah -5.2
Ohio -4.9
West Virginia -3.7
Indiana -3.1
Mississippi -3.0
Pennsylvania -2.1
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State Final - Baseline
Illinois -2.1
California -1.7
Virginia -1.6
Tribal -1.3
Minnesota -1.2
New York -1.2
New Jersey -0.3
Arizona -0.3
Alabama -0.2
Maryland -0.1
Nevada 0.0
Rhode Island 0.0
Florida 0.0
Maine 0.0
Oregon 0.0
Vermont 0.0
District of Columbia 0.0
Washington 0.0
Montana 0.0
Delaware 0.0
Massachusetts 0.0
New Hampshire 0.0
New Mexico 0.0
Connecticut 0.0
Tennessee 0.0
South Dakota 0.0
Georgia 0.0
Nebraska 0.1
Idaho 0.1
Colorado 0.1
North Dakota 0.1
Wisconsin 0.1
South Carolina 0.2
lowa 0.3
North Carolina 0.4
Kansas 0.4
Wyoming 0.5
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CHAPTER 4: COST, EMISSIONS, AND ENERGY IMPACTS

Overview

This chapter reports the compliance costs, emissions, and energy analyses performed for
the Federal Good Neighbor Plan Addressing Regional Ozone Transport for the 2015 Ozone
National Ambient Air Quality Standards (Transport FIP for the 2015 ozone NAAQS). The EPA
used the Integrated Planning Model (IPM)®2 to conduct the electric generating units (EGU)
analysis discussed in this chapter and information from the Control Measures Database
(CMDB)® and the 2019 emissions inventory to conduct analysis for non-electric generating units
(non-EGUs) for 2026. As explained in detail below, this chapter presents analysis for three
regulatory control alternatives that differ in the level of EGU nitrogen oxides (NOx) ozone
season emissions budgets in the 22 states subject to this action beginning in 2023. These
regulatory control alternatives impose different budget levels for EGUs. The different budget
levels are calculated assuming the application of different NOx mitigation technologies. The
analysis for EGUs in the chapter does not include effects from certain provisions of the Inflation
Reduction Act (IRA) of 2022 in the baseline. The effects of accounting for the IRA on the power
sector costs, emission reductions and other impacts of this final rule are provided in a sensitivity
analysis presented in Appendix 4A. The chapter also presents three regulatory control
alternatives for non-EGUs that differ in the control technologies assumed to be adopted for

compliance.

The chapter is organized as follows: following a summary of the regulatory control
alternatives analyzed and a summary of the EPA’s methodologies, we present estimates of
compliance costs for EGUSs, as well as estimated impacts on emissions, generation, capacity, fuel
use, fuel price, and retail electricity price for a few years. We then present a summary of the
results of the non-EGU assessment for 2026. Section 4.6 of this chapter describes the

relationship between the compliance cost estimates and social costs.

8 Information on IPM can be found at the following link: https://www.epa.gov/airmarkets/power-sector-modeling.
84 More information about the Control Strategy Tool (CoST) and the control measures database (CMDB) can be
found at the following link: https://www.epa.gov/economic-and-cost-analysis-air-pollution-regulations/cost-
analysis-modelstools-air-pollution.
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4.1 Regulatory Control Alternatives

This rule establishes NOx emissions budgets requiring fossil fuel-fired electric generating
units (EGUs) in 22 states to participate in an allowance-based ozone season (May 1 through
September 30) trading program beginning in 2023. The EGUs covered by the FIPs and subject to
the budget are fossil-fired EGUs with >25-megawatt (MW) capacity. For details on the
derivation of these budgets, please see Section V.C. of the preamble.

The FIP requirements establish ozone season NOx emissions budgets for EGUs in 22
states (Alabama, Arkansas, Illinois, Indiana, Kentucky, Louisiana, Maryland, Michigan,
Minnesota, Mississippi, Missouri, Nevada, New Jersey, New York, Ohio, Oklahoma,
Pennsylvania, Texas, Utah, Virginia, West Virginia, and Wisconsin) and require EGUs in these
states to participate in a revised version of the Cross-State Air Pollution Rule (CSAPR) NOx
Ozone Season Group 3 Trading Program that was previously established in the Revised CSAPR
Update.% The EPA is amending existing FIPs for 12 states currently participating in the CSAPR
NOx Ozone Season Group 3 Trading Program (lllinois, Indiana, Kentucky, Louisiana, Maryland,
Michigan, New Jersey, New York, Ohio, Pennsylvania, Virginia, and West Virginia) to replace
their existing emissions budgets established in the Revised CSAPR Update (with respect to the
2008 ozone NAAQS) with new emissions budgets. For seven states currently covered by the
CSAPR NOx Ozone Season Group 2 Trading Program under SIPs or FIPs, the EPA is issuing
new FIPs for two states (Alabama and Missouri) and amending existing FIPs for five states
(Arkansas, Mississippi, Oklahoma, Texas, and Wisconsin) to transition EGU sources in these
states from the Group 2 program to the revised Group 3 trading program, beginning with the
2023 ozone season. The EPA is issuing new FIPs for three states not currently covered by any
CSAPR NOx ozone season trading program: Minnesota, Nevada, and Utah.

In this rule, we introduce additional features to the allowance-based trading program
approach for EGUs, including dynamic adjustments of the emissions budgets over time and a
backstop daily emission rate for most coal-fired units, along with an adjustment to the total size
of the allowance bank, which is 21 percent of the sum of the state emissions budgets for the

8 As explained in Section V.C.1 of the preamble, the EPA is making a finding that EGU sources within the State of
California are sufficiently controlled such that no further emissions reductions are needed from them to eliminate
significant contribution to downwind states.
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current control period until 2030 (at which point it declines to 10.5%), that were not included in
previous CSAPR NOx 0zone season trading programs. These enhancements will help maintain
control stringency over time and improve emissions performance at individual units, offering an
extra measure of assurance that existing pollution controls will be operated during the ozone
season. This analysis incorporates the daily emission rate requirement for units with existing
controls by forcing operation of these controls in the ozone season for affected sources starting in

the 2023 run year (although the rule would not impose some of these limits until 2024).

The additional EGU emissions reductions®® beginning in 2026 are based on the feasibility
of control installation for EGUs in 19 states (19-state region) that remain linked to downwind
nonattainment and maintenance receptors in 2026.%” Starting in 2030, consistent with the
structure of the final rule, this analysis imposes the backstop emission rate for certain larger coal-
fired units that do not already have SCR installed, which forces these units identified as having
SCR retrofit potential to either install new SCR retrofits, find other means of compliance, or
retire.®® The analysis does not explicitly capture the dynamic budget adjustments over time in the
modeling, but the forced operation of controls during the ozone season over the forecast period
(even in the absence of binding mass limits) approximates this feature of the program design.5°

For details of the controls modeled for each of the regulatory control alternatives please see

% The model was not explicitly constrained to limit the bank to 21% of the sum of state budgets in the first period
and 10.5% thereafter. However, the model solve was reviewed to ensure that any allowances withdrawn from the
bank did not violate this threshold. If this condition had been violated (which did not occur for these runs), the
model would have been re-run with an additional limit incorporated.

57 For EGUSs, the 19 states linked in 2026 include Arkansas, Illinois, Indiana, Kentucky, Louisiana, Maryland,
Michigan, Mississippi, Missouri, Nevada, New Jersey, New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah,
Virginia, and West Virginia. The EPA evaluated the EGU sources within the state of California and found there
were no covered coal steam sources greater than 100 MW that would have emissions reduction potential according
to the EPA’s assumed EGU SCR retrofit mitigation technologies.

% The rule assumes SCR retrofit potential starting in 2026, and this is reflected in the 2026/27 state emission
budgets. The daily backstop emission rate does not apply for large coal units that do not already have SCR controls
until the second ozone season after they install the control or by 2030 at the latest. The EPA’s IPM model run years
are 2025, 2028 and 2030. The SCR compliance behavior is generally expected to occur no later than 2030.
Therefore, the EPA models this daily backstop emission rate in 2030 (when choosing between model run year 2025
and 2028) while imposing 2026 and 2027 SCR-retrofit-related emission reductions reflected in those control
periods’ emission budgets in the model run-year 2025 to model compliance cost in the first years by which the
technology may be put into place for some units. (In this case, we are treating 2025 as sufficiently reflective of
conditions in 2026 to be usable for this RIA analysis.)

% In years in which the dynamic budgets are implemented, the budgets would be calculated based on historical heat
input data and assuming optimization of existing controls as well as installation of the controls required by the rule.
While the modeling does not include lower budgets in response to modeled declines in heat input, forcing existing
controls to operate in an environment of fluctuating future heat input approximates the underlying behavior and
captures the associated costs.
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Table 4-2 below.

This rule also includes NOx emissions limitations with an initial compliance date of 2026

applicable to certain non-EGU stationary sources in 20 states: Arkansas, California, Illinois,

Indiana, Kentucky, Louisiana, Maryland, Michigan, Mississippi, Missouri, Nevada, New Jersey,

New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah, Virginia, and West Virginia. Error! R

eference source not found. presents the industries, emissions unit types, form of emissions

limit, and NOx emissions limitations for the final rule. For the less and more stringent

alternatives, specific emission limits are not identified, and certain control technologies are

assumed for compliance with emissions limits that would be more or less stringent than the final

rule.

Table 4-1. Summary of Non-EGU Industries, Emissions Unit Types, Form of Final
Emissions Limits, and Final Emissions Limits

Industry

Emissions
Unit Type

Form of Final
Emissions Limits

Final Emissions Limits

Pipeline Transportation of
Natural Gas

Reciprocating
Internal

Grams per horsepower
per hours (g/hp-hr)

Four Stroke Rich Burn: 1.0 g/hp-
hr

Combustion Four Stroke Lean Burn: 1.5 g/hp-
Engines hr
Two Stroke Lean Burn: 3.0 g/hp-
hr
Cement and Concrete Product  Kilns Pounds per ton (Ibs/ton) Long Wet: 4.0 Ib/ton
Manufacturing of clinker Long Dry: 3.0 Ib/ton
Preheater: 3.8 Ib/ton
Precalciner: 2.3 Ib/ton
Preheater/Precalciner: 2.8 Ib/ton
Iron and Steel Mills and Reheat Ibs NOx per/ton of steel Test and set limit based on
Ferroalloy Manufacturing Furnaces and Ibs/mmBtu? installation of Low-NOx Burners
Glass and Glass Product Furnaces Ibs/ton glass produced Container Glass Furnace: 4.0
Manufacturing Ib/ton
Pressed/Blown Glass Furnace:
4.0 Ib/ton
Fiberglass Furnace: 4.0 Ib/ton
Flat Glass Furnace: 9.2 Ib/ton
Iron and Steel Mills and Boilers Ibs/mmBtu? Coal: 0.20 Ib/mmBtu
Ferroalloy Manufacturing Residual Qil: 0.20 Ib/mmBtu
Metal Ore Mining Distillate Oil: 0.12 Ib/mmBtu
Basic Chemical Manufacturing Natural Gas: 0.08 Ib/mmBtu
Petroleum and Coal Products
Manufacturing
Pulp, Paper, and Paperboard
Mills
Solid Waste Combustors and Combustors ppmvd on a 24-hour 110 ppmvd on a 24-hour

Incinerators

or
Incinerators

averaging period and
ppmvd on a 30-day
averaging period

averaging period
105 ppmvd on a 30-day
averaging period

aHeat input limit.
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This regulatory impact analysis (RIA) evaluates the benefits, costs and certain impacts of
compliance with three regulatory control alternatives: the Transport FIP for the 2015 ozone
NAAQS, a less-stringent alternative, and a more-stringent alternative. Table 4-2 below presents
the less stringent alternatives, final rule requirements, and more stringent alternatives for EGUs
and non-EGUs. For the purposes of summarizing the results of the benefits and costs of these
alternatives, the less stringent alternative for EGUs is presented with the less stringent alternative
for non-EGUs. However, the cost, emissions, and energy impacts for the EGU and non-EGU
alternatives are evaluated separately.

Table 4-2. Regulatory Control Alternatives for EGUs and Non-EGUs

Regulatqry Control NOx Controls Implemented for EGUs within IPM? ?
Alternative

1) 2023 onwards: Fully operate existing selective catalytic reduction (SCRs)
during ozone season
2) 2023 onwards: Fully operate existing selective non-catalytic reduction
Less Stringent Alternative (SNCRs) during ozone season
3) In 2023 install state-of-the-art combustion controls®
4) In 2030 model run year, impose backstop emission rate on coal units greater
than 100 MW within the 19-state region that lack SCR controls.

(All Controls above and)
5) In 2025 model run year, impose Engineering Analysis derived emissions
budgets that assume installation of SCR controls on coal units greater than
100 MW within the 19-state region that lack SCR controls.

Final Rule

(Controls 1 — 5 above and)
6) In 2025 model run year, impose backstop emission rate on coal units greater
than 100 MW within the 19-state region that lack SCR controls, forcing units
to retrofit or retire.

More Stringent Alternative

Regulatory Control NOx Emissions Limits for Non-EGUs — Emissions Unit Types, Industries,
Alternative and Controls Assumed for Compliance

1) Reciprocating internal combustion engines in Pipeline Transportation of
Natural Gas — Adjust Air-to-Fuel Ratio

2) Kilns in Cement and Cement Product Manufacturing — install SNCR

3) Reheat furnaces in Iron and Steel Mills and Ferroalloy Manufacturing —
install Low NOx burners (LNB)

Less Stringent Alternative 4) Furnaces in Glass and Glass Product Manufacturing — install LNB

5) Boilersin Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SNCR

6) Combustors or Incinerators in Solid Waste Combustors and Incinerators —
install Advanced NSCR (ANSCR) or LN™ and SNCR®

(Controls 2, 3, 4, and 6 above, plus changes in assumed controls noted below)

7) Reciprocating internal combustion engines in Pipeline Transportation of
Natural Gas — depending on engine type, install Layered Combustion, non-
selective catalytic reduction (NSCR), or SCR

8) Boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore
Mining, Basic Chemical Manufacturing, Petroleum and Coal Products
Manufacturing, and Pulp, Paper, and Paperboard Mills — install SCR (coal- or
oil-fired) or LNB and FGR (natural gas-fired only)

Final Rule
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(Controls 3, 6, 7 above, plus changes in assumed controls noted below)
9) Kilns in Cement and Cement Product Manufacturing — install SCR
10) Furnaces in Glass and Glass Product Manufacturing — install SCR
More Stringent Alternative ~ 11) Boilers in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore

Mining, Basic Chemical Manufacturing, Petroleum and Coal Products

Manufacturing, and Pulp, Paper, and Paperboard Mills — install SCR (natural

gas-fired only)
2 |PM uses model years to represent the full planning horizon being modeled. By mapping multiple calendar years to
a run year, the model size is kept manageable. For this analysis, IPM maps the calendar year 2023 to run year 2023,
calendar years 2024-2026 to run year 2025 and calendar years 2027-2029 to run year 2028. For model details, please
see Chapter 2 of the IPM documentation.
® NOx mass budgets are imposed in all run years in IPM (2023-2050) consistent with the measures highlighted in
this table.
¢ The final rule implementation allows for the reduction associated with state-of-the-art combustion controls to occur
by 2024. It is captured in 2023 in this analysis to fully assess the impact of the mitigation measures occuring prior to
2026.
9 For the 19 states with EGU obligations that are linked in 2026 the EPA is determining that the selected EGU
control stringency also includes emissions reductions commensurate with the retrofit of SCR at coal steam-fired
units of 100 MW or greater capacity (excepting circulating fluidized bed units (CFB)), new SNCR on coal-fired
units of less than 100 MW capacity and on CFBs of any capacity size, and SCR on oil/gas units greater than 100
MW that have historically emitted at least 150 tons of NOx per ozone season. The EPA evaluated the EGU sources
within the state of California and found there were no covered coal steam sources greater than 100 MW that would
have emissions reduction potential according to the EPA’s assumed EGU SCR retrofit mitigation technologies. The
19 states are: Arkansas, lllinois, Indiana, Kentucky, Louisiana, Maryland, Michigan, Mississippi, Missouri, Nevada,
New Jersey, New York, Ohio, Oklahoma, Pennsylvania, Texas, Utah, Virginia, and West Virginia.
¢ Covanta has developed a proprietary low NOx combustion system (LN™) that involves staging of combustion air.
The system is a trademarked system and Covanta has received a patent for the technology.

4.1.1 EGU Regulatory Control Alternatives Analyzed

The illustrative emission budgets in this RIA represent EGU NOx 0zone season emission
budgets for each state in 2023 and in 2026.7° This RIA analyzes the Transport FIP for the 2015
ozone NAAQS emission budgets, as well as a more and a less stringent alternative to the
Transport FIP for the 2015 ozone NAAQS. The more and less stringent alternatives differ from
the final rule in that they set different NOx ozone season emission budgets for the affected EGUs
and different dates for compliance with the backstop emission rate. All three scenarios use
emission budgets that were developed using uniform control stringency represented by $900 per
ton of NOx (2016$) in 2023 (i.e., optimizing existing controls and installation of state-of-the-art
combustion controls). The final rule and more stringent alternative use emission budgets that

were developed using a uniform control stringency represented by $11,000 per ton of NOx

0 Mapping each year in the analysis time period to a representative model run year enables IPM to perform multiple
year analyses while keeping the model size manageable. IPM considers the costs in all years in the planning horizon
while reporting results only for model run years. Run year 2023 is mapped to calendar year 2023, while run year
2025 is mapped to 2024-26, run year 2028 is mapped to 2027-29, run year 2030 is mapped to 2030-31, run year
2035 is mapped to 2032-37, run year 2040 is mapped to 2038-42, while run year 2045 is mapped to 2043-47.
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(2016%) in 2025 (i.e., installation of SCR and SNCR post-combustion controls), while the less
stringent alternative uses emissions budgets that were developed using a uniform control
stringency represented by $11,000 per ton of NOx (2016%) in 2030. The final rule and less-
stringent alternative defer the backstop emission rate to the 2030 run year, while the more
stringent alternative imposes the backstop emission rate in the 2025 run year (reflective of
imposition in the 2026 calendar year). The backstop emission rate is imposed by the relevant run
year (2025 or 2030 depending on alternative) on all coal units within the 19-state region that are
greater than 100 MW and lack SCR controls (excepting circulating fluidized bed (CFB) units).

The state emission budgets in this RIA are illustrative for several reasons. First, they
reflect an estimate of the future budget based on the EPA’s preset budget methodology.
However, as described in the preamble, the implemented state budget may be either the preset
budget or the dynamic budget starting in 2026. As noted above, other parameters are used to
capture the dynamic budget impacts in this modeling, as the future heat input needed to derive
that budget number is not yet known. Second, the budgets are illustrative as the utilized 2023
preset budgets reflect full implementation of existing control optimization and upgrade to state-
of-the-art combustion control potential. However, the final rule state emission budgets and
implementation allows the limited number of reductions related to state-of-the-art combustion
control to be realized up through 2024. Finally, the illustrative budgets in this RIA were derived
using draft results from the EPA’s data and engineering analysis up through October 2022. The
preset budgets reflected in the final rule are slightly different in some cases due to new data or
comment incorporation that occurred between October of 2022 and January 2023. The Agency
conducted additional sensitivity analysis using IPM demonstrating that the substituting in the
final preset state emission budgets instead of the illustrative ones modeled made no significant
difference in the cost implications described in the body of the RIA. The analysis is provided in

the docket for this rulemaking.

The three illustrative regulatory control alternatives presented in this RIA provide a
reasonable approximation of the impacts of the rule, as well as an evaluation of the relative
impacts of two regulatory alternatives. Table 4-3. reports the illustrative EGU NOx 0zone season
emission budgets that are evaluated in this RIA for the 2023 — 2030 IPM run years. As described

above, starting in 2023, IPM is constrained to disallow emissions from affected EGUs in the 22
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states to exceed the sum of emissions budgets but for the ability to use banked allowances from
previous years for compliance. For individual states, IPM is constrained to disallow emissions
from exceeding 121% of the state emission budget (the assurance levels). In the IPM modeling
of these RIA alternatives, no further reductions in budgets occur after 2030, and budgets remain
in place for future years.”* These budgets are imposed in addition to the control measures

outlined in Table 4-2.

Table 4-3. Illustrative NOx Ozone Season Emission Budgets (Tons) Evaluated by IPM Run
Year

Region Final Ru';?::ﬁ?gg(/z Stringent Less Stringent Alternative

2023 2025 2028 2030 2023 2025 2028 2030

Alabama 6,595 6236 6236 4,610 6,595 6236 6236 4,610
Arkansas 8927  403L 4031 3582 8927 8700 8700 3,582
lllinois 7474 5363 4555 4,050 7474 6415 4985 4,050
Indiana 12,440 8633 8633 6,307 12,440 9,658 9,658 6,307
Kentucky 13204 7,862 7,862 7,679 13204 12515 12515 7,679
Louisiana 9311 3864 2,969 2,969 9311 9089 6,684 2,969
Maryland 1206 592 592 592 1206 592 592 592
Michigan 10275 5997 5997 5,601 10275 8626 8626 5691
Minnesota 5504 2905 2,905 1,663 5504 2905 2,905 1,663
Mississippi 5024 1859 1527 1527 5024 4763 2817 1,527
Missouri 12508 7,329 7,329 6,770 12,508 11,063 11,063 6,770
Nevada 2391 1051 1,051 818 2391 1051 1051 818
New Jersey 768 768 768 768 768 768 768 768
New York 3858 3333 3333 3333 3858 3,858 3858 3,333
Ohio 9,134 7,953 6934 6,399 9,134 7953 6934 6,399
Oklahoma 10271 3842 3842 3842 10271 9044 9044 3,842
Pennsylvania 8,918 7,146 7,146 4,816 8,918 8,691 8,691 4,816
Texas 40294 22,964 22,407 21,631 40,294 36173 34,678 21,631
Utah 15755 2,604 2,604 2,604 15755 9,934 9934 2,604
Virginia 3065 2373 2373 1,951 3065 2756 2,756 1,951
West Virginia 13306 9,678 9,678 9,678 13,306 11,958 11,958 9,678
Wisconsin 6,295 3,407 3407 3407 6,295 3407 3407 3,407
ér%?sr;%?]tgjuggaeﬁ 206,616 119,789 116,178 104,685 | | 206,616 176,153 167,860 104,685

"1 In 2030 onwards, dynamic budgets may cause the budgets to decrease. While the EPA does not model this
feature, the assumption of continued optimization of existing controls approximates compliance behavior and
associated costs that would result from dynamic budgets.
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Note that EGUs have flexibility in determining how they will comply with the allowance trading
program. As discussed below, the way that they comply may differ from the methods forecast in
the modeling for this RIA. See Section 4.3 for further discussion of the modeling approach used

in the analysis presented below.

4.1.2 Non-EGU Regulatory Control Alternatives Analyzed

As discussed in Section 1.B. of the preamble and Sections 4.4 and 4.5 below, we used the
list of emissions units estimated to be captured by the applicability criteria, the assumed control
technologies that would meet the emissions limits, and information on control efficiencies and
default cost per ton values from the control measures database (CMDB), to estimate NOx
emissions reductions and costs for the year 2026. We estimated emissions reductions using the
actual emissions from the 2019 emissions inventory. The EPA did not estimate emissions
reductions of SOz, PM.5, CO> and other pollutants that may be associated with controls on non-
EGU emissions units. For details about the non-EGU assessment and the steps taken to estimate
emissions units, emissions reductions, and costs, see the memorandum titled Summary of Final
Rule Applicability Criteria and Emissions Limits for Non-EGU Emissions Units, Assumed
Control Technologies for Meeting the Final Emissions Limits, and Estimated Emissions Units,

Emissions Reductions, and Costs available in the docket.”?

The rule imposes emissions limits on each of the emission unit types identified in Table
4-1. The less stringent alternative assumes less stringent control technologies for the
reciprocating internal combustion engines in Pipeline Transportation of Natural Gas and boilers
in Iron and Steel Mills and Ferroalloy Manufacturing, Metal Ore Mining, Basic Chemical
Manufacturing, Petroleum and Coal Products Manufacturing, and Pulp, Paper, and Paperboard
Mills relative to the final rule. The more stringent alternative assumes more stringent control
technologies for the kilns in Cement and Concrete Products Manufacturing, the furnaces in Glass
and Glass Products Manufacturing, and the natural gas-fired boilers in Iron and Steel Mills and
Ferroalloy Manufacturing, Metal Ore Mining, Basic Chemical Manufacturing, Petroleum and
Coal Products Manufacturing, and Pulp, Paper, and Paperboard Mills relative to the final rule.

Table 4-4 below provides a summary of the 2019 ozone season emissions for non-EGUs for the

72 https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668
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20 states subject to the FIP in 2026, along with the estimated ozone season reductions for the

final rule and the less and more stringent alternatives.

Table 4-4. Ozone Season NOx Emissions and Emissions Reductions for the Final Rule and
the Less and More Stringent Alternatives for Non-EGUs

2019 Ozone Final Rule: Less Stringent:  More Stringent:
Season Ozone Season Ozone Season Ozone Season NOx

State Emissions? NOx Reductions  NOx Reductions Reductions®
AR 8,790 1,546 457 1,690
CA 16,562 1,600 1,432 4,346
IL 15,821 2,311 751 2,991
IN 16,673 1,976 1,352 3,428
KY 10,134 2,665 583 3,120
LA 40,954 7,142 1,869 7,687
MD 2,818 157 147 1,145
Ml 20,576 2,985 760 5,087
MO 11,237 2,065 579 4,716
MS 9,763 2,499 507 2,650
NJ 2,078 242 242 258
NV 2,544 0 0 0
NY 5,363 958 726 1,447
OH 18,000 3,105 1,031 4,006
OK 26,786 4,388 1,376 5,276
PA 14,919 2,184 1,656 4,550
TX 61,099 4,691 1,880 9,963
uT 4,232 252 52 615
VA 7,757 2,200 978 2,652
WV 6,318 1,649 408 2,100
Totals 302,425 44,616 16,786 67,728

2 The 2019 ozone season emissions are calculated as 5/12 of the annual emissions from the following two emissions
inventory files: nonegu_SmokeFlatFile_2019NEI_POINT_20210721 controlupdate_13sep2021_v0 and
oilgas_SmokeFlatFile_2019NEI_POINT_20210721_controlupdate_13sep2021_vO0.

b Note that for some industries the more stringent alternative reflects assumed technologies (and estimated emissions
reductions) that are not widely demonstrated in practice in the U.S.

4.2 Power Sector Modeling Framework

IPM is a state-of-the-art, peer-reviewed, dynamic linear programming model that can be
used to project power sector behavior under future business-as-usual conditions and to examine
prospective air pollution control policies throughout the contiguous United States for the entire
electric power system. The EPA used IPM to project likely future electricity market conditions
with and without the Transport FIP for the 2015 ozone NAAQS.

132



IPM, developed by ICF, is a multi-regional, dynamic, deterministic linear programming
model of the contiguous U.S. electric power sector. It provides estimates of least cost capacity
expansion, electricity dispatch, and emissions control strategies while meeting energy demand
and environmental, transmission, dispatch, and reliability constraints. Due to lack of lead time,
the EPA does not allow IPM to build certain new capital investments such as new, unplanned
natural gas or renewable capacity or new SCR or SNCR through the 2023 run year in response to
the state emission budgets (i.e., retrofits, retirements or builds additional to those selected in the
baseline are not allowed in 2023). The compliance analysis of the final rule and alternatives
assumes new combustion controls in the 2023 analysis year (although the rule would require
these in 2024). After 2023, this limit is relaxed, and the model is no longer prevented from

undertaking these capital investments.

The EPA has used IPM for almost three decades to better understand power sector
behavior under future business-as-usual conditions and to evaluate the economic and emissions
impacts of prospective environmental policies. The model is designed to reflect electricity
markets as accurately as possible. The EPA uses the best available information from utilities,
industry experts, gas and coal market experts, financial institutions, and government statistics as
the basis for the detailed power sector modeling in IPM. The model documentation provides
additional information on the assumptions discussed here as well as all other model assumptions

and inputs.”™

The model incorporates a detailed representation of the fossil-fuel supply system that is
used to estimate equilibrium fuel prices. The model uses natural gas fuel supply curves and
regional gas delivery costs (basis differentials) to simulate the fuel price associated with a given
level of gas consumption within the system. These inputs are derived using ICF’s Gas Market

Model (GMM), a supply/demand equilibrium model of the North American gas market.”*

78 Detailed information and documentation of EPA’s Baseline run using IPM (v6), including all the underlying
assumptions, data sources, and architecture parameters can be found on EPA’s website at:
https://www.epa.gov/airmarkets/documentation-epas-power-sector-modeling-platform-v6-summer-2021-reference-
case.

4 See Chapter 8 of EPA’s Baseline run using IPM v6 documentation, available at:
https://www.epa.gov/airmarkets/documentation-epas-power-sector-modeling-platform-v6-summer-2021-reference-
case.
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IPM also endogenously models the partial equilibrium of coal supply and EGU coal
demand levels throughout the contiguous U.S., taking into account assumed non-power sector
demand and imports/exports. IPM reflects 36 coal supply regions, 14 coal grades, and the coal
transport network, which consists of over four thousand linkages representing rail, barge, and
truck, and conveyer linkages. The coal supply curves in IPM were developed during a thorough
bottom-up, mine-by-mine approach that depicts the coal choices and associated supply costs that
power plants would face if selecting that coal over the modeling time horizon. The IPM
documentation outlines the methods and data used to quantify the economically recoverable coal

reserves, characterize their cost, and build the 36 coal regions’ supply curves.”

To estimate the annualized costs of additional capital investments in the power sector, the
EPA uses a conventional and widely accepted approach that applies a capital recovery factor
(CRF) multiplier to capital investments and adds that to the annual incremental operating
expenses. The CRF is derived from estimates of the power sector’s cost of capital (i.e., private
discount rate), the amount of insurance coverage required, local property taxes, and the life of
capital.”® It is important to note that there is no single CRF factor applied in the model; rather,
the CRF varies across technologies, book life of the capital investments, and regions in the

model in order to better simulate power sector decision-making.

The EPA has used IPM extensively over the past three decades to analyze options for
reducing power sector emissions. Previously, the model has been used to estimate the costs,
emission changes, and power sector impacts for the Clean Air Interstate Rule (U.S. EPA, 2005),
the Cross-State Air Pollution Rule (U.S. EPA, 2011), the Mercury and Air Toxics Standards
(U.S. EPA, 2011a), the Clean Power Plan for Existing Power Plants (U.S. EPA, 2015), the
Carbon Pollution Standards for New Power Plants (U.S. EPA, 2015a), the Cross-State Air
Pollution Rule Update (U.S. EPA, 2016), the Affordable Clean Energy Rule (U.S. EPA, 2019),
the Clean Power Plan Repeal (U.S. EPA, 2019), and the Revised Cross-State Air Pollution
Update Rule (U.S. EPA, 2021). The EPA has also used IPM to estimate the air pollution

5 See Chapter 7 of the IPM v6 documentation. The documentation for EPA's power sector modeling platform v6 -
summer 2021 reference case consists of a comprehensive document for the Summer 2021 release of IPM v. 6.20 and
is available at: https://www.epa.gov/airmarkets/documentation-epas-power-sector-modeling-platform-v6-summer-
2021-reference-case.

76 See Chapter 10 of the documentation for EPA's power sector modeling platform v6 - summer 2021 reference case,
available at: https://www.epa.gov/airmarkets/documentation-epas-power-sector-modeling-platform-v6-summer-
2021-reference-case
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reductions and power sector impacts of water and waste regulations affecting EGUs, including
Cooling Water Intakes (316(b)) Rule (U.S. EPA, 2014), Disposal of Coal Combustion Residuals
from Electric Utilities (U.S. EPA, 2015b), Steam Electric Effluent Limitation Guidelines (ELG)
(U.S. EPA, 2015c), and Steam Electric Reconsideration Rule (U.S. EPA, 2020).

The model and the EPA’s input assumptions undergo periodic formal peer review. The
rulemaking process also provides opportunity for expert review and comment by a variety of
stakeholders, including owners and operators of capacity in the electricity sector that is
represented by the model, public interest groups, and other developers of U.S. electricity sector
models. The feedback that the Agency receives provides a highly detailed review of key input
assumptions, model representation, and modeling results. IPM has received extensive review by
energy and environmental modeling experts in a variety of contexts. For example, in October
2014 U.S. EPA commissioned a peer review’’ of EPA Baseline run version 5.13 using the
Integrated Planning Model. Additionally, and in the late 1990s, the Science Advisory Board
reviewed IPM as part of the CAA Amendments Section 812 prospective studies.’® The Agency
has also used the model in a number of comparative modeling exercises sponsored by Stanford
University’s Energy Modeling Forum over the past 20 years. IPM has also been employed by
states (e.g., for the Regional Greenhouse Gas Initiative, the Western Regional Air Partnership,
Ozone Transport Assessment Group), other Federal and state agencies, environmental groups,
and industry.

4.3 The EPA’s Power Sector Modeling of the Baseline run and Three Regulatory Control
Alternatives

The IPM “baseline run” for any regulatory impact analysis is a business-as-usual scenario
that represents expected behavior in the electricity sector under market and regulatory conditions
in the absence of a regulatory action. As such, an IPM baseline run represents an element of the

baseline for this RIA.” The EPA frequently updates the IPM baseline run to reflect the latest

7 See Response and Peer Review Report EPA Baseline run Version 5.13 Using IPM, available at:
https://www.epa.gov/airmarkets/response-and-peer-review-report-epa-base-case-version-513-using-ipm.

8 http://www2.epa.gov/clean-air-act-overview/benefits-and-costs-clean-air-act

" As described in Chapter 5 of EPA’s Guidelines for Preparing Economic Analyses, the baseline “should
incorporate assumptions about exogenous changes in the economy that may affect relevant benefits and costs (e.g.,
changes in demographics, economic activity, consumer preferences, and technology), industry compliance rates,
other regulations promulgated by EPA or other government entities, and behavioral responses to the proposed rule
by firms and the public.” (USEPA, 2010).
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available electricity demand forecasts from the U.S. Energy Information Administration (EIA) as
well as expected costs and availability of new and existing generating resources, fuels, emission

control technologies, and regulatory requirements.

4.3.1 The EPA’s IPM Baseline run v.6.20

For our analysis of the final Transport FIP for the 2015 ozone NAAQS, the EPA used an
updated version of the Summer 2021 release of IPM version 6.20 to provide power sector
emissions data for air quality modeling, as well as a companion updated database of EGU units
(the National Electricity Energy Data System, or NEEDS, Summer 2022%°) that is used in the
EPA’s modeling applications of IPM. The IPM Baseline run includes the CSAPR, CSAPR
Update, and the Revised CSAPR Update, as well as the Mercury and Air Toxics Standards. The
Baseline run also includes the 2015 Effluent Limitation Guidelines (ELG) and the 2015 Coal
Combustion Residuals (CCR), and the finalized 2020 ELG and CCR rules.’! While finalized in
December 2021, the impacts of the 2023 and Later Model Year Light-Duty Vehicle GHG
Emissions Standards are not captured in the baseline; the rule includes requirements for model
years 2023 through 2026. The impacts of the Proposed Standards of Performance for New,
Reconstructed, and Modified Sources and Emissions Guidelines for Existing Sources: Oil and
Natural Gas Sector Climate Review are also not captured in the baseline.®? Additionally, the
model was also updated to account for current elevated input fuel pricing, with natural gas prices
in the 2023 and 2025 run years hardwired based on futures prices,® and coal prices escalated in
the 2023 run year. The model runs for the main RIA analysis do not capture the impacts of the
Inflation Reduction Act (IRA). Appendix 4A includes a representation of key IRA provisions in
the baseline and under a scenario that includes the final rule as modeled here, along with the
associated costs and emission reductions. The analysis of power sector cost and impacts

presented in this chapter is based on a single IPM Baseline run, and represents incremental

8 https://www.epa.gov/airmarkets/national-electric-energy-data-system-needs-v6.20

8 For a full list of modeled policy parameters, please see:
https://www.epa.gov/airmarkets/documentation-epas-power-sector-modeling-platform-v6-summer-2021-reference-
case

82 Available at: https://www.federalregister.gov/documents/2021/11/15/2021-24202/standards-of-performance-for-
new-reconstructed-and-modified-sources-and-emissions-guidelines-for

832023 and 2025 Henry Hub gas prices were exogenously input based on the average of the daily values of the
NYMEX Natural Gas Henry Hub Annual Strip over the 5/09/22 — 6/21/22 period, which reflected the most recent
set of values available at the time of this analysis. Hence the price of natural gas in these run years is derived based
on futures pricing and not a solved for output. Subsequent years reflect fundamentals-based pricing.
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impacts projected solely as a result of compliance with the emissions budgets presented in Table

4-3. above and the backstop emission rate.

4.3.2 Methodology for Evaluating the Regulatory Control Alternatives

To estimate the costs, benefits, and economic and energy market impacts of the Transport
FIP for the 2015 ozone NAAQS, the EPA conducted quantitative analysis of the three regulatory
control alternatives: the Transport FIP for the 2015 ozone NAAQS emission budgets and a more
and a less stringent alternative. Details about these regulatory control alternatives, including
state-specific EGU NOx ozone-season emissions budgets for each alternative as analyzed in this

RIA, are provided above in Section 4.1.

Before undertaking power sector analysis to evaluate compliance with the regulatory
control alternatives, the EPA first considered available EGU NOx mitigation strategies that could
be implemented for the 2023 ozone season. The EPA considered all widely-used EGU NOx
control strategies: optimizing® NOx removal by existing operational selective catalytic reduction
(SCRs) and turning on and optimizing existing idled SCRs; optimizing existing idled selective
non-catalytic reduction (SNCRs); installation of (or upgrading to) state-of-the-art NOx
combustion controls; and installing new SCRs and SNCRs. The EPA determined that affected
EGUs within the 22 states could implement the NOx mitigation strategies based on optimization
of existing controls for the 2023 ozone season.®® (The final rule does not phase in reductions
associated with upgraded combustion controls until 2024, but the modeling for this RIA assumes
this control strategy in the 2023 run year.) After assessing the available NOx mitigation methods,
this RIA projects the system-wide least-cost strategies for complying with the annual budgets
and the backstop emission rate. Least-cost compliance may lead to the application of different
control strategies at a given source compared to the particular control measure assumed for that
source in the analysis used to calculate the budgets, which is in keeping with the cost-saving

compliance flexibility afforded by this allowance trading program.

Within IPM, units are assigned NOx emission rates based on historical data. To account

for changes in emission rates based on the seasonal operation of controls, each unit is assigned

8 Optimization of controls refers to the process of fully operating controls in order to meet the “widely achievable
emission rate” as outlined in the EGU NOx Mitigation Strategies Final Rule TSD.

8 The analysis assumes that SNCR and SCR optimization and state-of-the-art combustion control installation is
available starting in 2023 and is adopted by all units identified by the Engineering Analysis. This compliance choice
is an exogenous input into IPM.
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four modes of operation. When the model is run, IPM selects the appropriate mode for each
season based on historical data (i.e., how the unit operated in the past), whether the unit is
subject to any seasonal or annual NOx reduction requirements, and whether the unit installs any
additional controls.2® The rule’s emission control requirements for EGUs only apply during the

program’s ozone season (May 1 through September 30).

Many of these mitigation strategies are captured within IPM. However, due to limitations
on model size, IPMv.6.20 does not have the ability to endogenously determine whether to
operate existing EGU post-combustion NOx controls (i.e., SCR or SNCR), optimize existing
SCRs and SNCRs, and install combustion controls in response to a regulatory emissions
requirement.®” The treatment of these controls in the analyses are described in turn. The
operating status of existing post-combustion NOx controls at a particular EGU in a model
scenario is determined by the model user. In order to evaluate compliance with the regulatory
alternatives, the EPA determined outside of IPM the operation of existing controls that are idle in
the baseline that would be expected for compliance with each of the evaluated regulatory
alternatives and for which model years they can feasibly be applied. The EPA considers a unit to
have optimized use of an SCR if emissions rates are equal to (or below) the “widely achievable”
rate of 0.08 Ibs/MMBtu for coal steam units, 0.03 lbs/MMBtu for oil/gas and combustion turbine
units, and 0.012 Ib/MMBtu for combined cycle units.88 Within IPM, units with partially
operating or idled SCRs are defined as SCR-equipped units with 0zone season NOx emission
rates exceeding the optimized rates in the baseline run. These units had their emission rates
lowered to the applicable “widely achievable” optimized emissions rate. These control options
(optimizing partially operating SCR controls or turning on idled SCR controls) are achievable in
2023 and have a uniform control cost of $900 per ton (20163) for coal units that partially operate
their controls and $1,600 per ton (2016$) for coal units that have idled their controls, and $900
per ton (2016%) for the other identified sources. As explained below in Section 4.3.3, the costs
associated with this measure are accounted for outside of the model, and no further adjustments

were made inside the model to the variable and fixed operating cost of these units or to their

8 For details on the emission rate assumptions within the model, please refer to chapter 3 of the IPM documentation
available at: https://www.epa.gov/system/files/documents/2021-09/epa-platform-v6-summer-2021-reference-case-
09-11-21-v6.pdf.

87 EGUs with idled SCR or SNCR in the Baseline run represent a small percentage (less than 10 percent) of the EGU
fleet that is equipped with NOx post-combustion controls.

8 For details on the derivation of this standard, please see preamble Section VI.B.1.
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modeled heat rates. Under the proposed rule, 261 units are projected to fully run existing SCR
controls in 2023 and in each year thereafter until the year the unit retires or at the end of the

model period.

The EPA considers a unit to have optimized use of an SNCR if NOx emissions rates are
equal to or less than the mode 2 rate from the NEEDS database (Summer 2021). As described in
Chapter 3 of the EPA’s power sector IPM Modeling Documentation, these backstop NOx mode
rates are calculated from historical data and reflect operation of existing post-combustion
controls. Mode 2 for SNCR-controlled coal units is intended to reflect the operation of that unit’s
post-combustion control based on prior years when that unit operated its control. Hence any units
with existing SNCRs with NOx emission rates greater than their mode 2 rates in the 22-state
region had their rates lowered to their mode 2 rates. These control options are achievable in 2023
and have a uniform control cost of $1,800 per ton (2016$). As explained below in Section 4.3.3,
the costs associated with this measure are accounted for outside of the model, and no further
adjustments were made inside the model to the variable and fixed operating cost of these units.
Under this rule, 44 units are projected to fully run existing SNCR controls in 2023 and in each
year thereafter until the year the unit retires or at the end of the model period.

Finally, unit combustion control configurations listed in NEEDS were compared against
Table 3-14 in the documentation for the EPA Power Sector Modeling Platform v.6.20 Summer
2021 Reference Case, which lists state-of-the-art combustion control configurations based on
unit firing type. This allowed the EPA to identify units that would receive state-of-the-art
combustion control upgrades in IPM. The EPA then followed the procedure in the EGU NOXx
Mitigation Strategies Final Rule TSD to calculate each of these unit’s new NOx emission rate.
These upgrades were assumed to occur in the 2023 run year (though the rule does not reflect
them until 2024) and have a uniform control cost of $1,600 per ton (20163). As explained below
in Section 4.3.3, the costs associated with this measure are accounted for outside of the model,
and no further adjustments were made inside the model to the variable and fixed operating cost
of these units. Under this rule, nine units are projected to install state-of-the-art combustion
controls in 2023 and operate them in each year thereafter until the year the unit retires or at the
end of the model period. The book-life of the new combustion controls is assumed to be 15
years, hence the stream of costs from 2023-45 fully captures the cost of any incremental controls

under the rule. The EGU NOx mitigation strategies that are assumed to operate or are available
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to reduce NOx in response to each of the regulatory control alternatives are shown in Table 4-2
above; more information about the estimated costs of these controls can be found in the EGU
NOx Mitigation Strategies Final Rule TSD.

Under the final rule 8 GW of SCR installations are projected. Under the more stringent
alternative 15 GW of SCR installations are projected. Under the less stringent alternative 8 GW
of new SCR installations are projected. The book-life of the new SCRs is assumed to be 15
years, hence the stream of costs from 2023-45 fully captures the cost of any incremental controls
under the rule. Under the final rule and less stringent alternative an incremental 13 GW of coal
(63 units) retirements are projected by 2030. Under the more stringent alternative 8 GW of coal
retirements are projected by 2030. The associated costs of retirement are fully captured within

the total costs of this rule presented in the RIA.

In addition to the limitation on ozone season NOx emissions required by the EGU
emissions budgets for the 22 states and the backstop emission rate, there are four important
features of the allowance trading program represented in the model that may influence the level
and location of NOx emissions from affected EGUs, including: the ability of affected EGUs to
buy and sell NOx ozone season allowances from one another for compliance purposes; the
ability of affected EGUs to bank NOx ozone season allowances for future use; the effect of limits
on the total ozone season NOx emissions from affected EGUSs in each state required by the
assurance provisions; and the treatment of banked pre-2023 vintage NOx 0zone season
allowances issued under the Revised CSAPR Update now being revised under this rule. Each of
these features of the ozone season allowance trading program is described below. The analysis
does not explicitly capture the dynamic budget adjustments over time, but the forced operation of
controls during the ozone season over the forecast period (even in the absence of binding mass
limits) approximates this feature of the program design.

Affected EGUs are expected to choose the least-cost method of complying with the
requirements of the allowance trading program, and the distribution of ozone season NOx
emissions across affected EGUs is generally governed by this cost-minimizing behavior in the
analysis. The total ozone season NOx emissions from affected EGUSs in this analysis are limited
to the amount allowed by the sum of the NOx budgets across the 22 states, the starting bank of

allowances, and any additional allowances that are banked for future use. The number of banked
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allowances is influenced by the determination of whether (i) existing controls that are idle in the
baseline run are turned on, (ii) it is less costly to abate 0zone season NOx emissions in a current
0zone season than to abate emissions in a later ozone season, and (iii) the restriction on the total
size of the bank, which is 21 percent of the sum of the state emissions budgets for the current
control period until 2030 (at which point it declines to 10.5%). Affected EGUs are expected to
bank NOx ozone season allowances in the 2023 ozone season for use in a later ozone season.
The model starts with an assumed bank level in 2023 (described below) and endogenously
determines the bank in each subsequent year.

The rule allows pre-2023 vintage NOx o0zone season allowances to be used for
compliance with this rule. The sources that would be participants in a revised Group 3 Trading
Program under this rule are transitioning from several different starting points — with some
sources already in the Group 3 Trading Program under its current regulations, some sources
coming from the Group 2 Trading Program, and some sources not currently participating in any
seasonal NOx trading program. As described in Section VI.B.12 of the preamble, the EPA is
transitioning provisions that differ across the sets of potentially affected sources based on the
sources’ different starting points. Based on the EPA’s expectation of the size of the NOx
allowance bank after the one-time conversion carried out pursuant to the terms of this rule, the
treatment of these banked allowances is represented in the modeling as an additional 43,389 tons
of NOx allowances, the equivalent of one year of the variability limit associated with the
emission budgets, that may be used by affected EGUs during the 2023 ozone season or in later
ozone seasons under the Transport FIP for the 2015 ozone NAAQS and the more and less

stringent alternatives.

While there are no explicit limits on the exchange of allowances between affected EGUs
and on the banking of 2023 and future-year vintage NOx ozone season allowances, the assurance
provisions limit the amount of seasonal NOx emissions by affected EGUs in each of the 22
states. The assurance level limits affected EGU emissions over an ozone season to the state’s
NOx 0zone season emissions budget plus an increment equal to 21 percent of each state’s
emissions budget. This increment is called the variability limit. See Section V1.B.5 of the
preamble for a discussion of the purpose of the assurance provision and further detail about how
the variability limits and assurance levels are determined. If a state exceeds its assurance level in

a given year, sources within that state are assessed a 3-to-1 allowance surrender penalty on the
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excess tons. Section VI.B.5 of the preamble also explains how the EPA then determines which
EGUs are subject to this surrender requirement. In the modeling, the assurance provisions are
represented by a limit on the total ozone season NOx emissions that may be emitted by affected
EGUs in each state, and thus the modeling does not permit affected EGUs to collectively emit

beyond their respective state’s assurance levels and thus incur penalties.

4.3.3 Methodology for Estimating Compliance Costs

This section describes the EPA’s approach to quantify estimated compliance costs in the
power sector associated with the three illustrative regulatory control alternatives. These
compliance costs include estimates projected directly by the model as well as calculations
performed outside of the model that use IPM model inputs and methods. The model projections
capture the costs associated with shifting generation to lower-NOx emitting EGUs. As discussed
in the previous subsection, the costs of increasing the use and optimizing the performance of
existing and operating SCRs and SNCRs,% and for installing or upgrading NOx combustion
controls, were estimated outside of the model. The costs for these three NOx mitigation
strategies are calculated based on IPM emissions projections and use the same NOx control cost
equations used in IPM. Therefore, this estimate is consistent with modeled projections and

provides the best available quantification of the costs of these NOx mitigation strategies.

The following steps summarize the EPA’s methodology for estimating the component of
compliance costs that are calculated outside of the model for the final rule alternative in 2023.

Similar calculations are performed for every year in the forecast horizon®:

(1) In the model projections, identify all EGUs in the 22 states that can adopt the following

NOx mitigation strategies (described in previous subsection):

e Fully operating existing SCRs
e Fully operating existing SNCRs

e Installing state-of-the-art combustion controls

(2) Estimate the total NOx reductions that are attributable to each of these strategies:

8 This includes optimizing the performance of SCRs that were not operating.
% For more information on the derivation of costs and useful life of combustion controls, please see EGU NOx
Mitigation Strategies Final Rule TSD.
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e Fully operating existing SCRs at coal steam, oil/gas steam, combined cycle, and
combustion turbine units: 5,314 tons

e Fully operating existing SNCRs: 1,192 tons

e Installing state-of-the-art combustion controls: 6,288 tons

(3) Estimate the average cost (in 2016$) associated with each of these strategies:®*

e Fully operating existing SCRs at coal steam units, oil/gas steam, combined
cycle, and combustion turbine units: $900/ton
e Fully operating existing SNCRs: $1,800/ton
e Installing state-of-the-art combustion controls: $1,600/ton
(4) Multiply (2) by (3) to estimate the total cost associated with each of these strategies.

Table 4-5 summarizes the results of this methodology for the final rule alternative in 2023.

Table 4-5. Summary of Methodology for Calculating Compliance Costs Estimated Outside
of IPM for the Transport FIP for the 2015 Ozone NAAQS, 2023 (20163)

NOx Ozone
Season

Emissions Average Cost Total Cost
NOx Mitigation Strategy (tons) ($/ton) (SMM)
Optimize existing SCRs at coal steam, oil/gas,
combined cycle, and combustion turbine units 5,341 900
Optimize existing SNCRs 1,192 1,800
Installing state- of-the-art combustion controls 2,251 1,600

The EPA exogenously updated the emissions rates for the identified EGUs within the 22
states consistent with the set of controls determined for 2023-2025 within IPM. The model was
updated to incorporate the emissions budgets identified for each case, and the first-year bank
adjustment as outlined in Section 4.3.2. The backstop emission rate was also imposed on affected
uncontrolled units as outlined in Table 4-2, either in 2025 (in the more stringent alternative) or in
2030 (in the final rule and less stringent alternatives), which forced units to choose to either

retrofit or retire in either of those years, respectively.

The change in the reported power system production cost between the rule alternative
model run and the baseline run was used to capture the cost of generation shifting and the cost of

%1 See EGU NOx Mitigation Strategies Proposed Rule TSD for derivation of cost-per-ton estimates for fully
operating SCRs and upgrading to state-of-the-art combustion controls.
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new SCR installations. The total costs of compliance with the regulatory control alternatives are
estimated as the sum of the costs that are modeled within IPM and the costs that are calculated

outside the model.
4.4 Estimating Emissions Units, Emissions Reductions, and Costs for Non-EGUs

For non-EGUs, the EPA developed an analytical framework to facilitate decisions about
industries and emission unit types for inclusion in a proposed Transport FIP for the 2015 ozone
NAAQS transport obligations. A February 28, 2022 memorandum, titled Screening Assessment
of Potential Emissions Reductions, Air Quality Impacts, and Costs from Non-EGU Emissions
Units for 2026, documents the analytical framework used to identify industries and emission unit
types included in the proposed FIP.% To further evaluate the industries and emissions unit types
identified and to establish the proposed emissions limits, the EPA reviewed Reasonably
Available Control Technology (RACT) rules, New Source Performance Standards (NSPS) rules,
National Emissions Standards for Hazardous Air Pollutants (NESHAP) rules, existing technical
studies, rules in approved state implementation plan (SIP) submittals, consent decrees, and
permit limits. That evaluation is detailed in the Non-EGU Sectors Technical Support Document
(TSD) prepared for the proposed FIP.%® The EPA is retaining the industries and many of the
emissions unit types included in the proposal in this final action. Below is a summary of the
adjustments and additions to the emissions requirements and limitations the EPA made between

the proposed FIP and this final rule.

e For Pipeline Transportation of Natural Gas, the EPA is finalizing the same emissions
limits as proposed; however, the EPA is adjusting the applicability criteria to exclude
emergency engines. Further, to allow for the industry to install controls on the engines
with the largest potential for emissions reductions at cost-effective thresholds, the final
regulations allow for the use of facility-wide emissions averaging for engines in the
industry.

e For Cement and Concrete Product Manufacturing, in the final rule the EPA has removed

the daily source cap limit, which could have resulted in an artificially restrictive NOx

92 The memorandum is available in the docket here: https://www.regulations.gov/document/EPA-HQ-OAR-2021-
0668-0150.
% The TSD is available in the docket here: https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668-0145.
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emissions limit for affected cement kilns due to lower operating periods resulting from to
the COVID-19 pandemic.

e For Iron and Steel and Ferroalloy Manufacturing, the EPA is only finalizing a test-and-set
requirement for reheat furnaces premised on the installation of low-NOx burners. By not
finalizing the other proposed emissions limits that were likely to require the installation
of SCR, the EPA has addressed the various concerns regarding the feasibility and cost-
effectiveness of installation of the other proposed controls at other unit types at these
facilities.

e For Glass and Glass Product Manufacturing, the EPA is finalizing alternative standards
that apply during startup, shutdown, and idling conditions.

e For boilers in Iron and Steel and Ferroalloy Manufacturing, Metal Ore Mining, Basic
Chemical Manufacturing, Petroleum and Coal Products Manufacturing, and Pulp, Paper,
and Paperboard Mills, the EPA is finalizing a low-use exemption to eliminate the need to
install controls on low-use boilers that would have resulted in relatively small reductions.

e For municipal waste combustors in Solid Waste Combustors and Incinerators, the EPA is

finalizing emissions limits, summarized in Table 4-1.

In the final rule, the EPA is requiring that controls be installed and operational by the
2026 ozone season, except where an individual source qualifies for a limited extension of time to
comply based on a specific demonstration of necessity. Where an individual source submits a
satisfactory demonstration that an extension of time to comply beyond 2026 is necessary, the
EPA may grant an extension of up to one year for that source to fully implement the controls,
after which the source may request and the EPA may grant an additional extension of up to two
additional years for full compliance, where specific criteria are met. The EPA’s evaluation of
timing issues associated with this rule are further discussed in Section VI.A of the preamble.
Because it is not possible to currently know which sources or how many may seek or be granted
an extension of time to comply with the emissions limits, we assume in the RIA that all covered

non-EGUs comply with the rule beginning in 2026.

With the exception of Solid Waste Combustors and Incinerators for each industry and
emissions unit type, using a 2019 inventory prepared from the emissions inventory system (EIS)

the EPA first estimated a list of emissions units captured by the applicability criteria for the final
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rule. For Solid Waste Combustors and Incinerators, the EPA estimated the list for MWCs using
the 2019 inventory and the NEEDS-v6-summer-2021-reference-case workbook.** Based on the
review of RACT, NSPS, NESHAP rules, as well as SIPs, consent decrees, and permits, we also

assumed certain control technologies could meet the final emissions limits.

Using the list of emissions units estimated to be captured by the applicability criteria, the
assumed control technologies that would meet the emissions limits (see Table 4-18 below), and
information on control efficiencies and default cost/ton values from the CMDB®, the EPA
estimated NOx emissions reductions and costs for the year 2026. For the final rule the EPA did
not run the Control Strategy Tool (CoST) to estimate emissions reductions and costs and
programmed the assessment using R.%® The EPA did not estimate emissions reductions of SO,
PM25, CO2 and other pollutants that may be associated with controls on non-EGU emissions
units. We estimated emissions reductions using the actual emissions from the 2019 emissions
inventory. In the assessment, we matched emissions units by Source Classification Code (SCC)
from the inventory to the applicable control technologies in the CMDB. We modified SCC codes
as necessary to match control technologies to inventory records. For additional details about the
steps taken to estimate emissions units, emissions reductions, and costs, see the memorandum
titled Summary of Final Rule Applicability Criteria and Emissions Limits for Non-EGU
Emissions Units, Assumed Control Technologies for Meeting the Final Emissions Limits, and

Estimated Emissions Units, Emissions Reductions, and Costs available in the docket.%’

The estimates using the 2019 inventory and information from the CMDB identify proxies
for emissions units, as well as emissions reductions, and costs associated with the assumed
control technologies that would meet the final emissions limits. Emissions units subject to the
final rule emissions limits may be different than those estimated in this assessment; the estimated
emissions reductions from and costs to meet the final rule emissions limits may be different than

those estimated in this assessment. The reported total costs do not include the costs of

% Available here: https://www.epa.gov/power-sector-modeling/national-electric-energy-data-system-needs-v6.

% More information about the Control Strategy Tool (CoST) and the control measures database (CMDB) can be
found at the following link: https://www.epa.gov/economic-and-cost-analysis-air-pollution-regulations/cost-
analysis-modelstools-air-pollution.

% R is a free software environment for statistical computing and graphics. Additional information is available here:
https://www.r-project.org/. The R code that processed the data to estimate the emissions reductions and costs is
available upon request.

7 https://www.regulations.gov/document/EPA-HQ-OAR-2021-0668
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monitoring, recordkeeping, reporting, or testing. The EPA submitted an information collection
request (ICR) to OMB associated with the monitoring, calibrating, recordkeeping, reporting, and
testing activities required for non-EGU emissions units -- ICR for the Final Rule, Federal Good
Neighbor Plan Addressing Regional Ozone Transport for the 2015 Primary Ozone National
Ambient Air Quality Standard: Transport Obligations for non-Electric Generating Units, EPA
ICR No. 2705.01. The ICR is summarized in Section X.B.2 of the final rule preamble. The EPA
estimates monitoring, recordkeeping, reporting, and testing costs of approximately $3.8 million
per year on average for the first three years. These costs are not reflected in the cost estimates in

Error! Reference source not found. and Table 4-20 below.
4.5 Estimated Impacts of the Regulatory Control Alternatives
4.5.1 Emissions Reduction Assessment for EGUs

As indicated in Chapter 1, the EGU NOx emissions reductions are presented in this RIA
from 2023 through 2042 and are based on IPM projections. As outlined in Section 4.3.2 IPM is
operating existing and newly installed controls seasonally based on historical operation patterns
and seasonal and annual emission constraints within the model. Table 4-6 presents the estimated
reduction in power sector NOx emissions resulting from compliance with the evaluated
regulatory control alternatives (i.e., emissions budgets) in the 22 states, as well as the impact on
other states. The emission reductions follow an expected pattern: the less stringent alternative
produces smaller emissions reductions than the final rule emissions budgets, and the more

stringent alternative results in more NOx emissions reductions.
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Table 4-6. EGU Ozone Season NOx Emissions and Emissions Changes for the Baseline run
and the Regulatory Control Alternatives from 2023 - 2045%

Ozone Season NOx Total Emissions Change from Baseline run
(thousand tons)
Baseline . Less- More- . Less- More-
run Final Rule Strlnger_1t Strmgent Final Rule Strlnger_1t Strlngerjt
Alternative Alternative Alternative Alternative
22 States 230 220 220 220 -10 -10 -10
2023  Other States 143 143 143 143 0 0 0
Nationwide 373 363 363 363 -10 -10 -10
22 States 203 181 193 168 -22 -10 -35
2024  Other States 128 129 128 130 1 0 2
Nationwide 331 310 321 298 -21 -10 -33
22 States 176 143 167 116 -34 -9 -60
2025  Other States 113 115 113 117 2 0 4
Nationwide 289 258 279 233 -32 -10 -56
22 States 167 140 159 114 -27 -8 -53
2026  Other States 107 109 107 110 2 0 3
Nationwide 274 248 266 224 -25 -8 -49
22 States 157 137 151 111 -20 -6 -46
2027  Other States 101 103 101 104 2 0 3
Nationwide 258 239 252 215 -19 -6 -43
22 States 147 134 143 109 -14 -4 -39
2028  Other States 95 96 95 97 2 0 3
Nationwide 242 230 238 206 -12 -4 -36
22 States 137 101 102 103 -36 -35 -33
2030  Other States 91 93 94 94 2 3 3
Nationwide 228 194 195 197 -34 -33 -31
22 States 132 101 101 103 -30 -30 -29
2035  Other States 88 89 89 90 1 1 2
Nationwide 220 190 190 193 -29 -30 -27
22 States 119 89 89 91 -30 -30 -29
2040  Other States 79 79 79 79 0 0 0
Nationwide 198 169 168 170 -30 -30 -29
22 States 102 80 80 80 -22 -22 -22
2045  Other States 76 76 76 76 0 0 0
Nationwide 178 156 156 156 -22 -22 -22

Within the compliance modeling, in addition to compliance with the mass budgets,

emissions reductions are also driven by the assumption that units fully operate their controls

% This analysis is limited to the geographically contiguous lower 48 states.
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during the ozone season. For units with existing controls, this is reflected in the achievement of
the “widely achievable” rate as outlined in Section 4.3.2. For units that lack existing SCR
controls, this is reflected in the decision to install new controls (which must be operated in the
ozone season) or retire. The final rule and more stringent alternative feature identical
Engineering Analysis derived budgets based on installation of SCRs in the 2025 run year in the
19-state region. However, the final rule alternative defers the backstop emission rate until the
2030 run year for units without SCRs, while the more stringent alternative assumes the backstop
emission rate is imposed in the 2025 run year. The less stringent alternative imposes Engineering
Analysis derived budgets based on installation of SCRs in the 2030 run year in the 19-state

region, and the backstop emission rate taking effect in the 2030 run year.

Hence emission reductions are lower under the less stringent alternative compared to the
final rule through 2030 (since the mass budget is less stringent). The more stringent alternative
features the backstop emission rate in effect in the 2025 run year, for which the model is set up to
constrain affected EGUs to retrofit or retire in the 2025 run year, driving higher abatement (and
more SCR retrofits) than the final rule before 2030. However, in 2030, the modeling of the final
rule and less stringent alternatives estimates more retirements relative to the more stringent
alternative. The more stringent alternative extends the operating life of plants that chose to
retrofit in 2025 rather than retire and therefore, in 2030 onwards, emissions reductions for the
final rule and less stringent alternative are slightly greater, since budgets are the same and the
backstop emission rate is also in effect in both scenarios. For details on the EGU emissions

controls assumed in each of the regulatory control alternatives, please see Table 4-2.

The results of the EPA’s analysis show that, with respect to compliance with the EGU
NOx emission budgets in 2023, maximizing the use of existing operating SCRs provides the
largest amount of ozone season NOx emission reductions (54 percent, affecting 261 units),
installing state-of-the-art combustion controls provides the next highest levels of ozone season
reductions (22 percent, affecting 9 units), while optimizing existing SNCRs (12 percent,
affecting 44 units) and generation shifting (11 percent) make up the remaining ozone season
NOx reductions. (Although the budgets are not set using generation shifting, the IPM modeling
for the RIA allows generation shifting as a compliance strategy and thus some reductions

associated with generation shifting are observed in this analysis.) Based on this analysis of how
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EGUs are expected to comply with the Transport FIP for the 2015 ozone NAAQS, none of the
Group 3 states are projected to exceed their variability limits, nor use a substantial number of

allowances from the starting bank during the 2023-2042 period.*

In addition to the ozone season NOx reductions, there will also be reductions of other air
emissions associated with EGUs burning fossil fuels (i.e., co-pollutants) that result from
compliance strategies to reduce seasonal NOx emissions. These other emissions include the
annual total changes in emissions of NOx, SOz, CO2, and direct PM2.s emissions changes. The

emissions reductions are presented in Table 4-7.

9 As shown in Error! Reference source not found. in 2023 and 2025 seasonal NOx emissions from affected EGUs i
n the Group 3 states are projected to emit at levels equal to or below the aggregated state budgets, and therefore (i)
will not bank additional allowances, or (ii) on net, not use any banked allowances available at the end of the
previous year or, in the case of 2023, from the starting bank.
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Table 4-7. EGU Annual Emissions and Emissions Changes for NOx, SOz, PMzs, and CO2
for the Regulatory Control Alternatives for 2023-2045

Annual NOx Total Emissions Change from Baseline run
(thousand tons)
Baseline Less- More- Less- More-
run Final Rule  Stringent Stringent | Final Rule  Stringent Stringent
Alternative Alternative Alternative Alternative

22 States 561 546 546 546 15 -15 15
2023 Other 328 329 329 329 0 0 0

States

Nationwide 889 874 875 874 15 -15 15

22 States 491 464 476 429 26 -15 62
2024 Other 286 287 286 201 1 0 5

States

Nationwide 777 752 762 720 25 -15 57

22 States 420 383 406 312 -38 -14 -108
2025  Other 244 246 243 253 2 1 9

States

Nationwide 664 629 649 566 -35 -15 -99

22 States 398 367 386 301 31 12 -96
2026  Other 232 234 231 240 2 1 8

States

Nationwide 630 601 617 541 -29 -12 -88

22 States 375 351 366 290 24 -9 -85
2027  Other 220 222 220 227 2 0 7

States

Nationwide 595 573 586 517 -22 -9 -78

22 States 353 336 346 279 17 7 73
2028  Other 208 210 209 214 1 0 5

States

Nationwide 561 545 554 493 -16 -7 -68

22 States 324 261 262 270 -64 -62 54
2030 Other 208 210 211 212 1 3 4

States

Nationwide 533 471 473 482 -62 -59 -50

22 States 304 254 254 259 -49 -49 -44
2035  Other 197 201 201 201 3 3 4

States

Nationwide 501 455 455 460 -46 -46 -41

22 States 267 221 221 225 -46 -46 -41
2040  Other 173 174 174 174 1 1 1

States

Nationwide 440 395 395 400 -45 -45 -40

22 States 218 195 195 197 23 23 22
2045  Other 160 160 160 160 0 1 0

States

Nationwide 378 355 356 357 23 22 21
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Annual SOz
(thousand tons)

Total Emissions

Change from Baseline run

Baseline Less- More- Less- More-
run Final Rule  Stringent Stringent | Final Rule  Stringent Stringent
Alternative Alternative Alternative Alternative

22 States 916 915 913 915 -1 -3 -1
2023 Other 279 279 279 279 0 0 0

States

Nationwide 1195 1194 1192 1194 1 3 1

22 States 787 766 782 723 21 -5 -64
2024 ~ Other 239 240 239 243 1 0 4

States

Nationwide 1025 1006 1021 966 19 5 59

22 States 657 617 651 531 -40 -6 -127
2025 Other 199 201 108 207 2 1 8

States

Nationwide 856 818 849 738 -38 -7 -118

22 States 574 543 569 463 .31 -5 -111
2026 Other 181 183 181 188 2 0 7

States

Nationwide 755 726 750 651 -29 -5 -104

22 States 491 469 487 395 22 4 -96
2027 Other 163 164 163 168 1 0 5

States

Nationwide 654 633 650 563 -21 -4 91

22 States 408 395 405 327 -13 -3 -80
2028  Other 145 145 146 149 0 0 4

States

Nationwide 553 540 551 476 -13 -2 =77

22 States 385 289 283 330 -95 -102 54
2030 Other 147 150 151 151 2 4 3

States

Nationwide 532 439 434 481 -93 -98 -51

22 States 366 342 344 349 24 22 -16
2035  Other 135 138 138 137 3 3 2

States

Nationwide 501 480 482 486 21 -19 .15

22 States 305 279 279 204 -26 -26 -12
2040  Other 126 127 127 127 1 1 1

States

Nationwide 432 406 406 420 .25 -25 11

22 States 220 206 206 214 .15 -14 -6
2045  Other 128 128 128 128 0 0 0

States

Nationwide 349 334 334 342 .15 -15 7
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Annual PM2s
(thousand tons)

Total Emissions

Change from Baseline run

Baseline Less- More- Less- More-
run Final Rule  Stringent Stringent | Final Rule  Stringent Stringent
Alternative Alternative Alternative Alternative

22 States 63 63 63 63 0 0 0
2023 Other 40 40 40 40 0 0 0

States

Nationwide 103 103 103 103 0 0 0

22 States 57 56 56 55 -1 0 -2
2024 Other 36 36 36 37 0 0 1

States

Nationwide 93 92 93 92 1 0 1

22 States 51 49 50 47 -2 -1 -3
2025 Other 33 33 33 34 0 0 1

States

Nationwide 84 82 83 81 -2 -1 -2

22 States 49 48 49 46 1 0 3
2026 Other 33 33 33 34 0 0 1

States

Nationwide 82 81 81 80 -1 0 -2

22 States 48 47 48 46 -1 0 -2
2027 Other 32 32 32 33 0 0 1

States

Nationwide 80 80 80 79 -1 0 -2

22 States 47 46 47 45 0 0 -2
2028  Other 32 32 32 33 0 0 1

States

Nationwide 79 78 79 77 0 0 -1

22 States 45 43 43 44 -2 -2 0
2030 Other 32 32 32 32 0 0 0

States

Nationwide 76 75 75 76 -1 -1 0

22 States 46 44 44 45 -2 -2 -1
2035  Other 30 30 30 30 0 0 0

States

Nationwide 75 74 74 75 1 1 0

22 States 44 43 43 44 -2 -2 0
2040  Other 28 28 28 28 0 0 0

States

Nationwide 73 71 71 72 -2 -2 0

22 States 42 42 42 42 0 0 0
2045  Other 28 28 28 28 0 0 0

States

Nationwide 70 70 70 70 0 0 0
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Annual CO2
(million short tons)

Total Emissions

Change from Baseline run

Baseline Less- More- Less- More-
run Final Rule  Stringent Stringent | Final Rule  Stringent Stringent
Alternative Alternative Alternative Alternative

22 States 1033 1032 1032 1032 0 0 0
2023 Other 591 592 592 591 0 0 0

States

Nationwide 1624 1624 1624 1624 0 0 0

22 States 947 935 943 919 -12 -4 -28
2024 Other 539 541 540 548 2 0 8

States

Nationwide 1487 1476 1483 1467 -10 4 20

22 States 862 838 854 806 24 -8 56
2025 Other 488 491 488 504 3 0 17

States

Nationwide 1350 1329 1342 1310 21 -8 -40

22 States 844 826 839 796 -18 6 -48
2026  Other 477 480 477 492 3 0 15

States

Nationwide 1322 1306 1316 1288 .16 6 .34

22 States 827 814 823 786 -13 -3 -41
2027 Other 467 469 467 480 2 0 13

States

Nationwide 1294 1284 1290 1266 -10 -3 -28

22 States 809 803 808 776 7 1 -33
2028  Other 457 459 457 468 2 0 12

States

Nationwide 1266 1261 1265 1244 -5 -1 22

22 States 784 753 755 769 -31 -29 -16
2030 Other 450 455 456 458 5 6 7

States

Nationwide 1235 1209 1211 1227 -26 23 -8

22 States 792 774 774 781 -19 -18 -12
2035  Other 436 438 438 439 2 3 3

States

Nationwide 1228 1212 1213 1220 .16 -15 -8

22 States 727 706 706 716 21 21 11
2040  Other 411 411 412 412 1 1 1

States

Nationwide 1138 1117 1117 1128 -20 -20 -10

22 States 670 662 662 666 -9 -9 4
2045  Other 400 400 400 400 0 0 0

States

Nationwide 1070 1061 1062 1066 -9 -8 -4
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4.5.2 Compliance Cost Assessment for EGUs

The estimates of the changes in the cost of supplying electricity for the regulatory control
alternatives are presented in Table 4-8.1% Since the final rule does not result in any additional
recordkeeping, monitoring or reporting requirements, the costs associated with compliance,
monitoring, recordkeeping, and reporting requirements are not included within the estimates in
this table.

Table 4-8. National Power Sector Compliance Cost Estimates (millions of 2016$) for the
Regulatory Control Alternatives

More- Less-
Final Rule Stringent Stringent
Alternative Alternative

2023-2027 (Annualized) 14 677 -19
2023-2045 (Annualized) 449 645 446
2023 (Annual) 57 49 56
2024 (Annual) -5 835 -35
2025 (Annual) -5 835 -35
2026 (Annual) -5 835 -35
2027 (Annual) 24 762 -47
2030 (Annual) 705 835 772
2035 (Annual) 817 592 847
2045 (Annual) 182 251 168

“2023-2027 (Annualized)” reflects total estimated annual compliance costs levelized over the period 2023 through
2027 and discounted using a 3.76 real discount rate.'%* This does not include compliance costs beyond 2027. “2023-
2045 (Annualized)” reflects total estimated annual compliance costs levelized over the period 2023 through 2045
and discounted using a 3.76 real discount rate. This does not include compliance costs beyond 2045. 2023
(Annual)” through “2045 (Annual)” costs reflect annual estimates in each of those years.1%?

There are several notable aspects of the results presented in Table 4-8. One notable result is
that the estimated annual compliance costs for the final rule and less stringent alternative are
negative (i.e., a cost reduction) in 2023 through 2026, although this regulatory control alternative
reduces NOx emissions by 40 thousand tons as shown in Table 4-6. While seemingly

counterintuitive, estimating negative compliance costs in a single year is possible given the

100 Reported yearly costs reflect costs incurred in IPM run year mapped to respective calendar year. For details,
please see Chapter 2 of the IPM documentation.

101 This table reports compliance costs consistent with expected electricity sector economic conditions. An NPV of
costs was calculated using a 3.76% real discount rate consistent with the rate used in IPM’s objective function for
cost-minimization. The NPV of costs was then used to calculate the levelized annual value over a 5-year period
(2023-2027) and a 23-year period (2023-2045) using the 3.76% rate as well. Tables ES-15 and 8-7 report the NPV
of the annual stream of costs from 2023-2042 using 3% and 7% consistent with OMB guidance.

102 Cost estimates include financing charges on capital expenditures that would reflect a transfer and would not
typically be considered part of total social costs.
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assumption of perfect foresight. IPM’s objective function is to minimize the discounted net
present value (NPV) of a stream of annual total cost of generation over a multi-decadal time
period.®® The specific reason for why costs are negative in these years for these two alternatives
follows.

Under the final rule and more stringent alternative budgets assume SCR/SNCR
optimization, state-of-the-art combustion control and SCR installations are selected by the 2025
run year. Under the less stringent alternative, budgets assume SCR/SNCR optimization, state-of-
the-art combustion control by the 2025 run year, but SCR installation is not assumed until the
2030 run year. Under the final rule and the less stringent alternative, the backstop emission rate
is imposed in the 2030 run year, while under the more stringent alternative, the backstop
emission rate is imposed in the 2025 run year. In the case of the final rule and less stringent
alternative, we see two waves of incremental coal retirement relative to the baseline — roughly 2
GW are retired in the 2025 run year (responding to tightening budgets), and an incremental 12
GW of retirements in the 2030 run year (responding to the backstop emission rate). In the case of
the more stringent alternative, we see a single wave of an incremental 12 GW relative to the
baseline in 2025.

The first wave of coal retirements reflects units that face challenging near-term conditions
in the baseline but would have been more economically valuable later in the baseline forecast
period, when demand growth and other firm retirements would improve their competitive
position. Hence early retirement of this capacity in the final rule and less stringent alternative
results in slightly lower near-term costs, but higher longer-term costs, and a point estimate of
negative costs in a single year.%* In the 2030 run year, the imposition of the backstop emission
rate under the final rule and the less stringent alternative results in a greater amount of coal
retirement reflective of projected economic preferences of unit owners/operators searching for

least-cost compliance strategies. Under the more stringent alternative, the backstop emission rate

103 For more information, please see Chapter 2 of the IPM documentation.

104 As a sensitivity, the EPA re-calculated costs assuming annual costs cannot be negative. This resulted in
annualized 2023-42 costs under the final rule increasing from $448.6 million to $449.5 million (less than 1%) and
did not change the conclusions of this RIA.
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is imposed in 2025, which results in a single wave of coal retirements and higher costs

throughout the forecast period.

Under the final rule, operating existing SCR and SNCR controls and upgrading to state-of-
the-art combustion controls provides a large share of the total emissions reductions in 2023. The
model is constrained in 2023 to builds and retrofits that occurred in the baseline and features
higher natural gas and coal prices reflecting near term trends. This means there is less flexibility
to respond to the mass budgets, and costs are higher in 2023 than in 2025 and 2028, when fuel
prices return to fundamentals and builds are not constrained to baseline levels. The imposition of
the deferred backstop emission rate in 2030 results in retrofit/retirement decisions being made in
that year as least-cost compliance strategies and fleet turnover as a result. Hence costs rise in
2030, and projected costs for the final rule peak in 2035 at $817 million (2016$) and annualized
costs for the 2023-2045 period are $449 million (2016%). To put these costs into context, the
incremental 2035 projected cost constitutes 0.6 percent of total projected baseline system

production costs.

Under the more stringent alternative, while budgets are unchanged from the final rule, the
backstop emission rate is imposed in the 2025 run year. In the model, affected units are required
to retrofit/retire sooner, and costs peak in 2025 at $835 million as a result. The annualized costs
over the 2023-2045 period are $645 million.

Under the less stringent alternative, the backstop emission rate is imposed in the 2030 run
year consistent with the final rule, but mass budgets in the 2025 and 2028 run years are less
stringent since they are based on Engineering Analysis that does not assume installation of new
SCRs. Hence costs are lower in the 2025 and 2028 run years, before converging to final rule
levels in 2030 and beyond. Costs peak in 2035 at $772 million as a result. The annualized costs
over the 2023-2045 period are $446 million.

In addition to evaluating annual compliance cost impacts, the EPA believes that a full
understanding of these three regulatory control alternatives benefits from an evaluation of
annualized costs over the 2023-2027 timeframe. Starting with the estimated annual cost time

series, it is possible to estimate the net present value of that stream, and then estimate a levelized
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annual cost associated with compliance with each regulatory control alternative.% For this
analysis we first calculated the NPV of the stream of costs from 2023 through 2027 using a
3.76 percent discount rate. In this cost annualization we use a 3.76 percent discount rate, which is
consistent with the rate used in IPM’s objective function for minimizing the NPV of the stream
of total costs of electricity generation. This discount rate is meant to capture the observed
equilibrium market rate at which investors are willing to sacrifice present consumption for future
consumption and is based on a Weighted Average Cost of Capital (WACC).1°" After calculating
the NPV of the cost streams, the same 3.76 percent discount rate and 2023-2027 time period are
used to calculate the levelized annual (i.e., annualized) cost estimates shown in Table 4-8.1% The
same approach was used to develop the annualized cost estimates for the 2023-2045 timeframe.
Additionally, note that the 2023-2027 and 2023-2045 equivalent annualized compliance cost
estimates have the expected relationship to each other; the annualized costs are lowest for the

less stringent alternative, and highest for the more stringent alternative.

4.5.3 Impacts on Fuel Use, Prices and Generation Mix

The Transport FIP for the 2015 ozone NAAQS is expected to result in significant NOx
emissions reductions. It is also expected to have some impacts to the economics of the power
sector. While these impacts are relatively small in percentage terms, consideration of these
potential impacts is an important component of assessing the relative impact of the regulatory
control alternatives. In this section we discuss the estimated changes in fuel use, fuel prices,
generation by fuel type, capacity by fuel type, and retail electricity prices for the 2023, 2025 and
2030 IPM model run years.

Table 4-9 and Table 4-10 present the percentage changes in national coal and natural gas
usage by EGUs in the 2023, 2025, and 2030 run years. These fuel use estimates reflect a modest

105 The XNPV() function in Microsoft Excel 2013 was used to calculate the NPV of the variable stream of costs, and
the PMT () function in Microsoft Excel 2013 is used to calculate the level annualized cost from the estimated NPV.
106 Consistent with the relationship between IPM run years and calendar years, EPA assigned 2023 compliance cost
estimates to both 2022 and 2023 in the calculation of NPV, and 2025 compliance cost to 2024 and 2025. For more
information, see Chapter 7 of the IPM Documentation.

107 The IPM Baseline run documentation (Section 10.4.1 Introduction to Discount Rate Calculations) states “The
real discount rate for all expenditures (capital, fuel, variable operations and maintenance, and fixed operations and
maintenance costs) in the EPA Platform v6 is 3.76%.”

108 The PMT() function in Microsoft Excel 2013 is used to calculate the level annualized cost from the estimated
NPV.
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shift to natural gas and renewables from coal in 2025 as a result of tightening budgets. In the

2025 run year, coal consumption reductions under the more stringent alternative are driven by

increasing coal EGU retirements and reduced coal dispatch as a result of tightening budgets and

the need to install SCR controls or retire uncontrolled units as shown in Table 4-14. To put these

reductions into context, under the Baseline, power sector coal consumption is projected to

decrease from 603 million tons in 2023 to 417 million tons in 2025 (15 percent annually),

whereas under the final rule coal consumption is projected to decrease from 603 million tons in
2023 to 402 million tons in 2025 (17 percent annually). Between 2015 and 2020, annual coal

consumption in the electric power sector fell between 8 and 19 percent annually.%®

Under the more stringent alternative, the model projects a higher ratio of SCR retrofits to

retirements, and the bulk of these changes occur in the 2025 run year as compared to the final

rule and less stringent alternative when the majority of retirements and retrofits are projected to

occur in 2030. This in turn results in higher costs in run year 2025 under the more stringent

alternative, but comparatively lower costs in run year 2030. Under the less stringent alternative

and final rule, cost impacts are projected to be lower in 2025 and higher in 2030. This in turn

drives the differential impacts seen in the retail rate impacts.

Table 4-9. 2023, 2025 and 2030 Projected U.S. Power Sector Coal Use for the Baseline and
the Regulatory Control Alternatives

Million Tons Percent Change from Baseline
_ _ L_ess- More- Final L_ess- More-
Year Baseline Final Rule Stringent Stringent Rule Stringent Stringent

Alt. Alt. Alt. Alt.
Appalachia 121 121 121 121 0% 0% 0%
Interior 96 96 96 96 0% 0% 0%
Waste Coal 2023 4 4 4 4 0% 0% 0%
West 382 382 382 382 0% 0% 0%
Total 603 603 603 603 0% 0% 0%
Appalachia 80 79 79 77 -2% -2% -4%
Interior 76 75 76 71 -1% 0% -1%
Waste Coal 2025 4 4 4 4 0% 0% 0%
West 257 244 254 231 -5% -1% -10%
Total 417 402 412 382 -4% -1% -8%

109 US EIA Monthly Energy Review, Table 6.2, January 2022.
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Appalachia
Interior
Waste Coal

West
Total

2030

49 47 47 48 -4% -3% -2%
51 49 49 52 -3% -3% 2%
4 4 4 4 0% 0% 0%
170 154 155 160 -10% -9% -6%
274 254 256 265 -1% -1% -4%

Table 4-10. 2023, 2025 and 2030 Projected U.S. Power Sector Natural Gas Use for the
Baseline and the Regulatory Control Alternatives

Trillion Cubic Feet

Percent Change from Baseline

Final Less- More- Less" \ore-Stringent

Year Baseline Rule Stringent Stringent | Final Rule Stringent %AIt
Alt. Alt. Alt. '

2023 7.7 7.7 7.7 7.7 0% 0% 0%
2025 9.2 94 9.3 9.6 2% 0% 4%
2030 12.2 12.4 12.4 12.4 1% 1% 1%

Table 4-11 and

Table 4-12 present the projected coal and natural gas prices in 2023, 2025 and 2030, as

well as the percent change from the baseline run projected due to the regulatory control

alternatives. These minor impacts in 2023 are consistent with the small changes in fuel use

summarized above. The projected impacts in 2025 are larger in absolute value and consistent

with tightening budgets.

Table 4-11. 2023, 2025 and 2030 Projected Minemouth and Power Sector Delivered Coal
Price (2016$) for the Baseline and the Regulatory Control Alternatives

$/MMBtu Percent Change from Baseline
_ Final _ Less- _l\/lore— Final _ Less- More-
Baseline Rule Strmg(_ant Strmggnt Rule Strlng(_ant Strmgt_ent
Alternative Alternative Alternative Alternative
Minemouth 2023 1.6 1.6 1.6 1.6 0% 0% 0%
Delivered 2.2 2.2 2.2 2.2 0% 0% 0%
Minemouth 2025 1.1 1.1 1.1 1.2 0% 0% 1%
Delivered 1.7 1.7 1.7 1.7 -1% 0% -1%
Minemouth 2030 1.1 1.2 1.2 1.2 1% 1% 1%
Delivered 1.6 1.6 1.6 1.6 -2% -2% -1%
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Table 4-12. 2023, 2025 and 2030 Projected Henry Hub and Power Sector Delivered
Natural Gas Price (2016$) for the Baseline and the Regulatory Control Alternatives

$/MMBtu Percent Change from Baseline
. Final Less- More- Final Less- More-
Baseline Rule Strlnggnt Strlnggnt Rule Strlngt_ent Strlnggnt
Alternative  Alternative Alternative  Alternative
Henry Hub 4.8 4.8 4.8 4.8 0% 0% 0%
Delivered 2023 4.9 4.9 4.9 4.9 0% 0% 0%
Henry Hub 2005 3.4 3.4 3.4 3.4 0% 0% 0%
Delivered 35 35 35 3.5 0% 0% 0%
Henry Hub 2.7 2.7 2.7 2.7 0% 1% 0%
Delivered 2030 2.8 2.8 2.8 2.8 0% 1% 0%

Table 4-13 presents the projected percentage changes in the amount of electricity

generation in 2023, 2025 and 2030 by fuel type. Consistent with the fuel use projections and

emissions trends above, the EPA projects an overall shift from coal to gas and renewables. The

projected impacts grow in 2025 reflecting the tightening budgets and are most pronounced in

2030 reflecting the imposition of the deferred backstop emission rate in the final rule.

Table 4-13. 2023, 2025 and 20230 Projected U.S. Generation by Fuel Type for the Baseline
and the Regulatory Control Alternatives

Generation (TWh)

Percent Change from Baseline

Final Less- More- Final Less- More-

Year Baseline Rule Stringent Stringent Rule Stringent Stringent

Alternative Alternative Alternative Alternative

Coal 1,133 1,133 1,133 1,133 0% 0% 0%
Natural Gas 1,090 1,090 1,090 1,090 0% 0% 0%
Nuclear 775 775 775 775 0% 0% 0%
Hydro 2023 289 289 289 289 0% 0% 0%
Non-Hydro RE 756 756 756 756 0% 0% 0%
Qil/Gas Steam 27 27 27 27 0% 0% 0%
Other 33 33 33 33 0% 0% 0%
Grand Total 4,103 4,103 4,103 4,103 0% 0% 0%
Coal 793 765 784 737 -4% -1% -1%
Natural Gas 2005 1,311 1,332 1,314 1,356 2% 0% 3%
Nuclear 724 724 724 724 0% 0% 0%
Hydro 294 295 295 295 0% 0% 0%
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Generation (TWh) Percent Change from Baseline
. Final Less- More- Final Less- More-
Year Baseline Rule Strlnggnt Strmggnt Rule Strlnggnt Strlnggnt
Alternative Alternative Alternative Alternative
Non-Hydro RE 995 1,002 1,000 1,006 1% 1% 1%
Oil/Gas Steam 18 18 18 19 -1% -2% 2%
Other 32 32 32 32 0% 0% 0%
Grand Total 4,167 4,168 4,168 4,168 0% 0% 0%
Coal 523 489 492 507 -1% -6% -3%
Natural Gas 1,691 1,710 1,709 1,708 1% 1% 1%
Nuclear 611 614 613 603 1% 0% -1%
Hydro 2030 300 300 300 301 0% 0% 0%
Non-Hydro RE 1,111 1,122 1,121 1,116 1% 1% 0%
Oil/Gas Steam 22 22 22 23 0% 0% 4%
Other 32 32 32 32 0% 0% 0%
Grand Total 4,289 4,288 4,288 4,289 0% 0% 0%

Note: In this table, “Non-Hydro RE” includes biomass, geothermal, landfill gas, solar, and wind.

Table 4-14 presents the projected percentage changes in the amount of generating capacity

in 2023, 2025 and 2030 by primary fuel type. As explained above, the baseline run was

constrained to disallow endogenous retirement in 2023 to reflect near term limits. The policy
scenarios were limited to add no more capacity economically than was added under the baseline
in 2023 (also reflecting near term limits). These restrictions were removed in all subsequent run
years. As a result, none of the regulatory control alternatives are expected to have a net impact
on overall capacity by primary fuel type in 2023. By 2030 the rule is projected to result in an
additional 14 GW of coal retirements nationwide relative to the baseline, reflecting utilities
making least-cost decisions on how to achieve efficient compliance with the rule while
maintaining sufficient generating capacity to ensure grid reliability.!*° This constitutes a
reduction of 13 percent of national coal capacity, partially reflecting some earlier retirement that
would otherwise have occurred later in the forecast period in the baseline. Under the baseline
run, total coal retirements between 2023 and 2030 are projected to be 74 GW (or 10.6 GW
annually). Under the final rule, total coal retirements between 2023 and 2030 are projected to be

110 For further discussion of how the rule is anticipated to integrate into the ongoing power sector transition while
not impacting resource adequacy or grid reliability, see Section VI1.B of the preamble, and the Reliability
Assessment TSD included in the docket.
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89 GW (or 12.7 GW annually). This is compared to an average recent historical retirement rate
of 11 GW per year from 2015 — 2020.!

Additionally, the rule is projected to incentivize an incremental 8 GW of SCR retrofit at
coal plants. The rule is also projected to result in an incremental 3 GW of renewable capacity
additions in 2025 (primarily consisting of solar capacity builds). These builds reflect early
action, i.e., builds that would otherwise have occurred later in the forecast period. By 2035-40

total solar capacity equilibrates between the baseline and final rule alternatives.

111 See EIA’s Today in Energy: https://www.eia.gov/todayinenergy/detail php?id=50838.
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Table 4-14. 2023, 2025 and 2030 Projected U.S. Capacity by Fuel Type for the Baseline run
and the Regulatory Control Alternatives

Capacity (GW) Percent Change from Baseline run

Baseline Final oS More Final - More

Year run Rule Stringent  Stringent Rule Stringent  Stringent

Alt Alt Alt Alt
Coal 187 187 187 187 0% 0% 0%
Natural Gas 441 441 441 441 0% 0% 0%
Nuclear 97 97 97 97 0% 0% 0%
Hydro 102 102 102 102 0% 0% 0%
Non-Hydro RE 2023 241 241 241 241 0% 0% 0%
Oil/Gas Steam 73 73 73 73 0% 0% 0%
Other 7 7 7 7 0% 0% 0%
Grand Total 1,148 1,148 1,148 1,148 0% 0% 0%
Coal 140 138 138 128 -1% -1% -9%
Natural Gas 436 436 436 439 0% 0% 1%
Nuclear 91 91 91 91 0% 0% 0%
Hydro 102 102 102 102 0% 0% 0%
Non-Hydro RE 2025 301 304 303 305 1% 1% 1%
Oil/Gas Steam 60 60 60 62 0% 1% 4%
Other 7 7 7 7 0% 0% 0%
Grand Total 1,135 1,137 1,136 1,133 0% 0% 0%
Coal 112 98 98 103 -13% -13% -8%
Natural Gas 468 477 477 474 2% 2% 1%
Nuclear 76 76 76 75 1% 0% -1%
Hydro 2030 103 103 103 103 0% 0% 0%
Non-Hydro RE 339 343 342 343 1% 1% 1%
Oil/Gas Steam 62 64 64 64 2% 3% 2%
Other 7 7 7 7 0% 0% 0%
Grand Total 1,168 1,168 1,167 1,168 0% 0% 0%

Note: In this table, “Non-Hydro RE” includes biomass, geothermal, landfill gas, solar, and wind

The EPA estimated the change in the retail price of electricity (2016%$) using the Retail

Price Model (RPM).12 The RPM was developed by ICF for the EPA and uses the IPM estimates

of changes in the cost of generating electricity to estimate the changes in average retail electricity

prices. The prices are average prices over consumer classes (i.e., consumer, commercial, and

industrial) and regions, weighted by the amount of electricity used by each class and in each

112 See documentation available at: https://www.epa.gov/airmarkets/retail-price-model
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region. The RPM combines the IPM annual cost estimates in each of the 64 IPM regions with
EIA electricity market data for each of the 25 electricity supply regions in the electricity market
module of the National Energy Modeling System (NEMS).113

Table 4-15,

113 See documentation available at:
https://www.eia.gov/outlooks/aeo/nems/documentation/electricity/pdf/m068(2020).pdf
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Table 4-16, and Table 4-17 present the projected percentage changes in the retail price of
electricity for the three regulatory control alternatives in 2023, 2025 and 2030, respectively.
Consistent with other projected impacts presented above, average retail electricity prices at both
the national and regional level are projected to be small in 2023. In 2025, the EPA estimates that
this rule will result in a less than 0.2 percent increase in national average retail electricity price,
or by about 0.19 mills/kWh. In 2030, the EPA estimates that this rule will result in a 0.9%
increase in national average retail electricity price, or by about 0.80 mills/KWh.
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Table 4-15. Average Retail Electricity Price by Region for the Baseline and the Regulatory
Control Alternatives, 2023

2023 Average Retail Electricity Price )
All Sector ) Percent Change from Baseline
(2016 mills/kWh)

: . Final Less- More- Final Less- More-

Region Baseline Rule Stringent  Stringent Rule Stringent  Stringent

Alt. Alt. Alt. Alt.
TRE 77.5 77.5 77.5 77.5 0% 0% 0%
FRCC 109.1 109.1 109.1 109.1 0% 0% 0%
MISW 98.4 98.4 98.4 98.4 0% 0% 0%
MISC 93.2 93.2 93.2 93.2 0% 0% 0%
MISE 89.8 89.8 89.8 89.8 0% 0% 0%
MISS 84.6 84.6 84.6 84.6 0% 0% 0%
ISNE 151.3 151.4 151.3 151.9 0% 0% 0%
NYCW 680.1 684.4 683.4 696.4 1% 0% 2%
NYUP 148.1 148.1 148.1 148.3 0% 0% 0%
PIME 140.4 141.4 141.2 144.4 1% 1% 2%
PIMW 93.2 93.2 93.2 93.3 0% 0% 0%
PIMC 79.8 79.8 79.8 79.9 0% 0% 0%
PIMD 73.9 73.9 73.8 74.0 0% 0% 0%
SRCA 97.6 97.5 97.5 97.6 0% 0% 0%
SRSE 104.4 104.4 104.4 104.4 0% 0% 0%
SRCE 76.3 76.3 76.3 76.3 0% 0% 0%
SPPS 79.9 79.9 79.9 80.0 0% 0% 0%
SPPC 103.0 103.0 103.0 103.0 0% 0% 0%
SPPN 63.6 63.6 63.6 63.6 0% 0% 0%
SRSG 103.3 103.3 103.3 103.3 0% 0% 0%
CANO 153.0 153.0 153.0 153.0 0% 0% 0%
CASO 186.3 186.3 186.3 186.3 0% 0% 0%
NWPP 72.7 72.7 72.7 72.7 0% 0% 0%
RMRG 96.0 96.0 96.0 96.0 0% 0% 0%
BASN 90.8 90.9 90.9 90.9 0% 0% 0%
NATIONAL  113.0 113.2 113.1 113.6 0% 0% 0%
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Table 4-16. Average Retail Electricity Price by Region for the Baseline and the Regulatory
Control Alternatives, 2025

2025 Average Retail Electricity Price )
All Sector ) Percent Change from Baseline
(2016 mills/kWh)

: . Final Less- More- Final Less- More-

Region Baseline Rule Stringent  Stringent Rule Stringent  Stringent

Alt. Alt. Alt. Alt.
TRE 71.6 72.7 72.5 83.9 2% 1% 16%
FRCC 98.1 98.1 98.1 98.1 0% 0% 0%
MISW 94.7 94.7 94.7 95.3 0% 0% 1%
MISC 87.6 87.5 87.4 89.8 0% 0% 3%
MISE 79.1 79.9 79.8 84.8 1% 1% 6%
MISS 77.6 77.9 77.6 79.4 0% 0% 2%
ISNE 134.7 134.8 134.8 1355 0% 0% 1%
NYCW 180.1 180.3 180.1 180.7 0% 0% 0%
NYUP 114.8 114.9 114.7 1154 0% 0% 1%
PIME 116.3 116.4 116.1 117.0 0% 0% 1%
PIMW 86.3 86.7 86.4 90.6 0% 0% 5%
PIMC 76.2 75.4 75.6 83.0 -1% -1% 10%
PIMD 67.2 67.5 67.3 71.4 0% 0% 6%
SRCA 92.3 92.3 92.3 92.3 0% 0% 0%
SRSE 95.4 95.4 95.4 95.0 0% 0% 0%
SRCE 69.8 69.7 69.7 70.4 0% 0% 1%
SPPS 76.7 77.1 76.8 79.4 0% 0% 3%
SPPC 100.2 100.5 100.4 102.6 0% 0% 2%
SPPN 63.0 62.7 62.9 61.6 0% 0% -2%
SRSG 99.5 99.5 99.5 99.5 0% 0% 0%
CANO 152.1 152.1 152.1 152.7 0% 0% 0%
CASO 186.6 186.5 186.6 187.1 0% 0% 0%
NWPP 72.2 72.2 72.2 724 0% 0% 0%
RMRG 90.8 90.9 90.8 91.0 0% 0% 0%
BASN 89.0 89.1 89.0 90.3 0% 0% 1%
NATIONAL 95.6 95.7 95.6 98.0 0% 0% 2%
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Table 4-17. Average Retail Electricity Price by Region for the Baseline and the Regulatory
Control Alternatives, 2030

2030 Average Retail Electricity Price )
All Sector ) Percent Change from Baseline
(2016 mills/kWh)

: . Final Less- More- Final Less- More-

Region Baseline Rule Stringent  Stringent Rule Stringent  Stringent

Alt. Alt. Alt. Alt.
TRE 79.2 83.0 83.1 78.4 5% 5% -6%
FRCC 925 925 92.6 925 0% 0% 0%
MISW 90.6 90.6 90.7 90.6 0% 0% 0%
MISC 86.0 86.6 86.6 86.9 1% 1% 0%
MISE 102.1 102.0 102.1 102.0 0% 0% 0%
MISS 75.8 77.1 77.1 76.3 2% 2% -1%
ISNE 144.6 145.2 145.2 145.8 0% 0% 0%
NYCW 190.3 192.1 192.2 194.1 1% 1% 1%
NYUP 117.0 118.7 118.9 120.4 2% 2% 1%
PIME 106.2 107.8 107.9 105.3 2% 2% -2%
PIMW 91.9 925 925 92.0 1% 1% -1%
PIMC 81.2 81.3 81.4 81.3 0% 0% 0%
PIMD 75.7 76.8 76.9 76.7 1% 2% 0%
SRCA 89.0 89.0 89.0 89.0 0% 0% 0%
SRSE 88.4 88.4 88.4 88.4 0% 0% 0%
SRCE 67.2 67.6 67.6 67.6 1% 1% 0%
SPPS 77.3 77.9 78.0 78.2 1% 1% 0%
SPPC 914 92.2 92.3 91.8 1% 1% -1%
SPPN 63.3 63.0 63.0 63.2 -1% -1% 0%
SRSG 91.6 91.5 914 91.7 0% 0% 0%
CANO 166.5 167.4 167.4 166.3 1% 1% -1%
CASO 198.3 198.5 198.5 198.2 0% 0% 0%
NWPP 72.6 725 72.5 72.5 0% 0% 0%
RMRG 85.3 85.5 85.6 85.3 0% 0% 0%
BASN 86.4 87.3 87.3 87.6 1% 1% 0%
NATIONAL 96.1 96.9 97.0 96.3 1% 1% -1%
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Figure 4-1. Electricity Market Module Regions
Source: EIA (http://www.eia.gov/forecasts/aeo/pdf/nerc_map.pdf)

4.5.4 Emissions Reductions and Compliance Cost Assessment for Non-EGUs for 2026

As stated in Section 4.4, using the list of emissions units estimated to be captured by the
applicability criteria, the assumed control technologies that would meet the emissions limits, and
information on control efficiencies and default cost/ton values from the CMDB, the EPA
estimated NOx emissions reductions and costs for the year 2026. We estimated emissions
reductions using the actual emissions from the 2019 emissions inventory. The EPA did not
estimate emissions reductions of SO2, PM2s, CO- and other pollutants that may be associated
with controls on non-EGU emissions units. Table 4-18 summarizes the industries, emissions unit
types, control technologies, and number of emissions units estimated to be subject to the rule.
The rule alternative includes an estimated 1,228 non-EGU emissions units. Table 4-19
summarizes the industries, emissions unit types, assumed control technologies, estimated annual
total annual costs (2016$), and estimated ozone season emissions reductions for the rule. Table
4-20 summarizes the industries, emissions unit types, assumed control technologies, and
estimated average annual costs (2016$). Lastly, Table 4-21 below summarizes the estimated
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reductions and estimated annual total and average annual costs (2016$) for the less and more

stringent alternatives.

Because the Transport FIP for the 2015 ozone NAAQS includes ozone season emissions
limits for the non-EGU emissions units and because we do not know if all affected sources will
run controls year-round or only during ozone season, we include estimates of ozone season NOXx
emissions reductions and not annual estimates in Table Table 4-19 and Table 4-21. Note that
some of the EGU controls are assumed to run year-round. Also, because the Transport FIP for
the 2015 ozone NAAQS includes emissions limits, and the non-EGU assessment does not
account for growth in the affected industries and capital turnover over time, the reductions are

estimated to be the same each year over the period from 2026 to 2042.

For additional 2026 non-EGU assessment results -- including (i) by state and (ii) by state
and industry, estimated emissions reductions and costs, see the memorandum in the docket titled
Summary of Final Rule Applicability Criteria and Emissions Limits for Non-EGU Emissions
Units, Assumed Control Technologies for Meeting the Final Emissions Limits, and Estimated

Emissions Units, Emissions Reductions, and Costs.

Table 4-18. Non-EGU Industries, Emissions Unit Types, Assumed Control Technologies
that Meet Final Emissions Limits, Estimated Number of Control Installations

Estimated
Number of
Assumed Control Units Per
Technologies that Meet Final Assumed
Industry/Industries Emissions Unit Type Emissions Limits Control
Reciprocating Internal NSCR or Layered Combustion
Pipeline Transportation of Natural Gas ~ Combustion Engines (Reciprocating) 323
Layered Combustion (2-cycle
Lean Burn) 394
SCR (4-cycle Lean Burn) 158
NSCR (4-cycle Rich Burn) 30
Cement and Concrete Product
Manufacturing Kiln SNCR 16
Iron and Steel Mills and Ferroalloy
Manufacturing Reheat Furnaces LNB 19
Glass and Glass Product Manufacturing  Furnaces LNB 61
Iron and Steel Mills and Ferroalloy LNB + FGR (Gas, No Coal or
Manufacturing Boilers Oil) 151
Metal Ore Mining SCR (Any Coal, Any Qil) 15

Basic Chemical Manufacturing
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Estimated

Number of

Assumed Control Units Per
Technologies that Meet Final Assumed

Industry/Industries Emissions Unit Type Emissions Limits Control

Petroleum and Coal Products

Manufacturing

Pulp, Paper, and Paperboard Mills

Solid Waste Combustors and

Incinerators® Combustors or Incinerators ANSCR 57
LN™ and SNCR 4

Total 1,228

aTwelve MWCs have existing controls, and we estimated these units will use more reagent in those controls to meet the final

emissions limits.

Table 4-19. Non-EGU Industries, Emissions Unit Types, Assumed Control Technologies,

Estimated Total Annual Costs (20163$), Estimated Ozone Season NOx Emissions

Reductions in 2026

Annual Ozone
Assumed Control Costs Season
Emissions Unit Technologies that Meet (million Emissions
Industry/Industries Type Final Emissions Limits 20163%) Reductions
Reciprocating NSCR or Layered
Internal Combustion ~ Combustion, Layered
Pipeline Transportation of Natural Gas Engine Combustion, SCR, NSCR 385 32,247
Cement and Concrete Product
Manufacturing Kiln SNCR 10.1 2,573
Iron and Steel Mills and Ferroalloy
Manufacturing Reheat Furnaces LNB 3.58 408
Glass and Glass Product Manufacturing Furnaces LNB 7.05 3,129
Iron and Steel Mills and Ferroalloy
Manufacturing Boilers SCR, LNB + FGR 8.84 440
Metal Ore Mining 0.621 18
Basic Chemical Manufacturing 49.7 1,748
Petroleum and Coal Products
Manufacturing 5.13 147
Pulp, Paper, and Paperboard Mills 62.3 1,836
Combustors or
Solid Waste Combustors and Incinerators  Incinerators ANSCR or LN™ and SNCR 38.9 2,071
Totals 572 44,616
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Table 4-20. Summary of Non-EGU Industries, Emissions Unit Types, Assumed Control
Technologies, Estimated Average Cost/Ton (2016$)

Average
Assumed Control Technologies Cost/Ton
that Meet Final Emissions Values
Industry/Industries Emissions Unit Type Limits (2016%)
NSCR or Layered Combustion,
Reciprocating Internal Layered Combustion, SCR,
Pipeline Transportation of Natural Gas Combustion Engine NSCR 4,981
Cement and Concrete Product
Manufacturing Kiln SNCR 1,632
Iron and Steel Mills and Ferroalloy
Manufacturing Reheat Furnaces LNB 3,656
Glass and Glass Product Manufacturing Furnaces LNB 939
Iron and Steel Mills and Ferroalloy
Manufacturing Boilers SCRor LNB + FGR 8,369
Metal Ore Mining 14,595
Basic Chemical Manufacturing 11,845
Petroleum and Coal Products
Manufacturing 14,582
Pulp, Paper, and Paperboard Mills 14,134
Solid Waste Combustors and Incinerators ~ Combustors or Incinerators ANSCR or LN™ and SNCR? 7,836
Overall Average Cost/Ton 5,339

4 Covanta has developed a proprietary low NOx combustion system (LNTM) that involves staging of combustion
air. The system is a trademarked system and Covanta has received a patent for the technology.

Table 4-21. Estimated Emissions Reductions for 2026-2042 (ozone season tons) and
Estimated Annual Total Costs for the Less and More Stringent Alternatives

Ozone Season NOx Annual Total Cost (million 2016%)
Alternative Emissions Reductions (Average Annual Cost/Ton)
Less Stringent Alternative 16,786 $144 ($3,573)
More Stringent Alternative 67,958 $1,280 ($7,852)

4.5.5 Total Emissions Reductions and Compliance Costs for EGUs and Non-EGUs

For select years between 2023 and 2042, Table 4-22 below summarizes the total
estimated emissions reductions and undiscounted compliance costs for EGUs and non-EGUs for
the final rule and the less and more stringent alternatives. For a complete stream of undiscounted

cost values, please see Chapter 8, Table 8-6.

Table 4-23 below summarizes the present value (PV) and equivalent annualized value
(EAV) of the total national compliance cost estimates for EGUs and non-EGUSs for the final rule
and the less and more stringent alternatives. We present the PV of the costs over the twenty-year
period 2023 to 2042. We also present the EAV, which represents a flow of constant annual

173



values that, had they occurred in each year from 2023 to 2042, would yield a sum equivalent to

the PV. The EAV represents the value of a typical cost for each year of the analysis.

Table 4-22. Total Estimated NOx Emissions Reductions (ozone season, thousand tons) and
Compliance Costs (million 2016$), 2023-2042

. Less More . Less More

EISI? Stringen_t Stringen_t I;'JT:II Stringen_t Stringen_t
Alternative Alternative Alternative Alternative
Emissions Reductions Compliance Costs

(ozone season, thousand tons) (million 20163$)

2023 EGUs 10 10 10 57 56 49
Non-EGUs - - - - - -
Total 10 10 10 o7 56 49

2026 EGUs 27 8 53 ®) (35) 840
Non-EGUs 45 17 68 570 140 1,300
Total 72 25 121 570 110 2,100

2027 EGUs 20 6 46 24 (47) 760
Non-EGUs 45 17 68 570 140 1,300
Total 65 23 114 600 97 2,000

2030 EGUs 36 35 33 710 770 840
Non-EGUs 45 17 68 570 140 1,300
Total 81 52 101 1,300 920 2,100

2035 EGUs 30 30 29 820 850 590
Non-EGUs 45 17 68 570 140 1,300
Total 75 47 97 1,400 990 1,900

2042 EGUs 30 30 29 820 830 600
Non-EGUs 45 17 68 570 140 1,300
Total 75 47 97 1,400 970 1,900
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Table 4-23. Total National Compliance Cost Estimates (millions of 2016$) for the Final
Rule and the Less and More Stringent Alternatives

Final Rule Less Stringent More Stringent
Alternative Alternative
3 Percent 7 Percent 3 Percent 7 Percent 3 Percent 7 Percent

Present Value $6,800 $3,900 $6,800 $3,900 $9,500 $6,500
EGU 2023-2042
Present Value $6,700 $4,300 $1,700 $1,100 $15,000 $9,500
Non-EGU 2023-2042
Present Value 13,000 8,200 8,500 5,000 24,000 16,000
Total 2023-2042 $13, %, %8, %5, $24, $16,
EGU
Equivalent Annualized $460 $370 $460 $370 $640 $620
Value
Non-EGU
Equivalent Annualized $450 $400 $110 $100 $1,000 $900
Value
Total
Equivalent Annualized $910 $770 $570 $470 $1,600 $1,500
Value

Note: Values have been rounded to two significant figures
4.6 Social Costs

As discussed in the EPA’s Guidelines for Preparing Economic Analyses, social costs are
the total economic burden of a regulatory action (U.S. EPA, 2010). This burden is the sum of all
opportunity costs incurred due to the regulatory action, where an opportunity cost is the value
lost to society of any goods and services that will not be produced and consumed because of
reallocating some resources towards pollution mitigation. Estimates of social costs may be
compared to the social benefits expected because of a regulation to assess its net impact on

society.

The social costs of this regulatory action will not necessarily be equal to the expenditures
by the electricity sector and other affected industries to comply with the final rule. Nonetheless,
here we use total national compliance costs for EGUs and non-EGUSs as a proxy for social
costs. Table above presents the total annual estimated compliance costs for EGUs for 2023 and
EGUs and non-EGUs for 2026-2042.

The compliance cost estimates for EGUs in the rule and more or less stringent regulatory

control alternatives presented above are the change in expenditures by the electricity generating
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sector required by the power sector for compliance under each alternative. The change in the
expenditures required by the power sector to achieve and maintain compliance reflect the
changes in electricity production costs resulting from application of NOx control strategies
necessary to comply with the emissions budgets and the backstop emission rate. The production

cost changes include changes in fuel expenditures.

Ultimately, depending on the market structure and the demand and supply price
elasticities for electricity, some compliance costs may be borne by electricity consumers through
higher electricity prices. Furthermore, the share of compliance costs ultimately borne by owners
of electricity generating capacity and other capital may be borne unevenly, with some firms
becoming more profitable as a result of the regulation. These asset owners and electricity
consumers include U.S. citizens and residents as well as non-residents (e.g., foreign owners of
electricity-consuming commercial enterprises). For additional discussion of impacts on fuel use

and electricity prices, see Section 4.5.3 above.

The compliance cost estimates for non-EGUSs in the rule and more or less stringent
regulatory control alternatives are the change in expenditures by the industries required for
compliance under each alternative. The change in the expenditures required by the industries to
maintain compliance reflect the changes in production costs resulting from application of NOx
control technologies or measures. As in the power sector, ultimately, depending on market
structure and the demand and supply price elasticities for these industrial products, some part of
the compliance costs may be borne by consumers through higher prices, and these costs are

distributed among U.S. citizens and residents and foreign asset owners.

For non-EGUs the estimated compliance costs in Table 4-22 are derived using the control
measures database, and for EGUs the estimated compliance costs are generated using the
Integrated Planning Model (IPM). IPM solves for the least-cost approach to meet new regulatory
requirements in the electricity sector with highly detailed information on electricity generation
and air pollution control technologies and primary energy sector market conditions (coal and
natural gas) while meeting fixed electricity demands, regulatory requirements, and other
constraints. However, potential effects outside of the electricity, coal and natural gas sectors are

not evaluated within IPM.
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Changes in production in a directly regulated sector may have indirect effects on a
myriad of other markets when output from that sector — for this rule electricity and certain
industrial products - is used as an input in the production of many other goods. It may also affect
upstream industries that supply goods and services to the sector, along with labor and capital
markets, as these suppliers alter production processes in response to changes in factor prices. In
addition, households may change their demand for particular goods and services due to changes

in the price of electricity and other final goods prices.

When new regulatory requirements are expected to result in effects outside of regulated
and closely related sectors, a key challenge is determining whether they are of sufficient
magnitude to warrant explicit evaluation (Hahn and Hird 1990). It is not possible to estimate the
magnitude and direction of these potential effects outside of the regulated sector(s) without an
economy-wide modeling approach. For example, studies of air pollution regulations for the
power sector have found that the social costs and benefits may be greater or lower than when
secondary market impacts are considered, and that the direction of the estimates may depend on
the form of the regulation (e.g., Goulder et al. 1999, Williams 2002, Goulder et al. 2016).

Economy-wide models - and, more specifically, computable general equilibrium (CGE)
models - are analytical tools that can be used to evaluate the broad impacts of a regulatory action.
A CGE-based approach to cost estimation concurrently considers the effect of a regulation across
all sectors in the economy. It is structured around the assumption that, for some discrete period
of time, an economy can be characterized by a set of equilibrium conditions in which supply
equals demand in all markets. When the imposition of a regulation alters conditions in one
market, a general equilibrium approach will determine a new set of prices for all markets that
will return the economy to equilibrium. These prices in turn determine the outputs and
consumption of goods and services in the new equilibrium. In addition, a new set of prices and
demands for the factors of production (labor, capital, and land), the returns to which compose the
income of businesses and households, will be determined in general equilibrium. The social cost
of the regulation can then be estimated by comparing the value of variables in the pre-regulation

“baseline” equilibrium with those in the post-regulation, simulated equilibrium.

In 2015, the EPA established a Science Advisory Board (SAB) panel to consider the

technical merits and challenges of using economy-wide models to evaluate costs, benefits, and
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economic impacts in regulatory development. In its final report (U.S. EPA 2017), the SAB
recommended that the EPA begin to integrate CGE modeling into regulatory analysis to offer a
more comprehensive assessment of the effects of air regulations. The SAB noted that CGE
models can provide insight into the likely social costs of a regulation even when they do not
include a characterization of the likely social benefits of the regulation. CGE models may also

offer insights into the ways costs are distributed across regions, sectors, or households.

The SAB also noted that the case for using CGE models to evaluate a regulation’s effects
IS strongest when the costs of compliance are expected to be large in magnitude and the sector
has strong linkages to the rest of the economy. The report also noted that the extent to which
CGE models add value to the analysis depends on data availability. CGE models provide
aggregated representations of the entire economy and are designed to capture substitution
possibilities between production, consumption, and trade; interactions between economic
sectors; and interactions between a policy shock and pre-existing distortions, such as taxes.

However, one also needs to adequately represent a regulation in the model to estimate its effects.

In response to the SAB’s recommendations, the EPA built a new CGE model called
SAGE. A second SAB panel performed a peer review of SAGE, and the reviewed concluded in
2020.1* While the EPA now has a peer reviewed CGE model for analyzing the potential
economy-wide effects of regulations, we have not used the model in the RIA for this rule due to
the expedited rulemaking timeline. However, the EPA continues to be committed to the use of
CGE models to evaluate the economy-wide effects of its regulations.

4.7 Limitations

The EPA’s modeling is based on expert judgment of various input assumptions for
variables whose outcomes are uncertain. As a general matter, the Agency reviews the best
available information from engineering studies of air pollution controls and new capacity
construction costs to support a reasonable modeling framework for analyzing the cost, emission
changes, and other impacts of regulatory actions for EGUs. The annualized cost of the rule for
EGUs, as quantified here, is the EPA’s best assessment of the cost of implementing the rule for

114 See U.S. EPA (2020). The model peer review and other SAB reports can be downloaded at:
https://sab.epa.gov/ords/sab/f?p=100:12:15036376991605:::12::
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the power sector. These costs are generated from rigorous economic modeling of changes in the

power sector due to implementation of the rule.

The IPM-projected annualized cost estimates of private compliance costs provided in this
analysis are meant to show the increase in production (generating) costs to the power sector in
response to the rule. To estimate these annualized costs, as discussed earlier in this chapter, the
EPA uses a conventional and widely accepted approach that applies a capital recovery factor
(CRF) multiplier to capital investments and adds that to the annual incremental operating
expenses to calculate annual costs. The CRF is derived from estimates of the cost of capital
(private discount rate), the amount of insurance coverage required, local property taxes, and the
life of capital. The private compliance costs presented earlier are the EPA’s best estimate of the

direct private compliance costs of the rule.

In addition, there are several key areas of uncertainty related to the electric power sector

that are worth noting, including:

e Electric demand: The analysis includes an assumption for future electric demand. To the
extent electric demand is higher and lower, it may increase/decrease the projected future
composition of the fleet.

e Natural gas supply and demand: The recent run up in fuel costs is reflected through an
increase in natural gas price inputs for 2023 and 2025 model run years, and coal price
inputs in the 2023 model run year. Large increases in supply over the last few years, and
relatively low prices, are represented in the analysis for subsequent run years. To the
extent prices are higher or lower, it would influence the use of natural gas for electricity
generation and overall competitiveness of other EGUs (e.g., coal and nuclear units).

e Longer-term planning by utilities: Many utilities have announced long-term clean energy
and/or climate commitments, with a phasing out of large amounts of coal capacity by
2030 and continuing through 2050. These announcements, some of which are not legally
binding, are not necessarily reflected in the baseline, and may alter the amount of coal
capacity projected in the baseline that would be covered under this rule.

e Inflation Reduction Act (IRA): The IRA was passed in August of 2022, at which time the

modeling in support of this rule was in an advanced stage and timing considerations did
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not allow for incorporation of the effects of this legislation. In order to illustrate the
impact of the IRA on this rulemaking, the EPA included a baseline that incorporates key
provisions of the IRA as well as imposing the final rule as modeled in this RIA on that
baseline. The results from these scenarios are compared with the non-IRA scenarios and
provided in Appendix 4A. The analysis quantifies total costs and emission changes but

does not quantify the benefits associated with these emission changes.

These are key uncertainties that may affect the overall composition of electric power
generation fleet and could thus have an effect on the estimated costs and impacts of this action.
However, these uncertainties would affect the modeling of the baseline and illustrative policy
alternatives similarly, and therefore the impact on the incremental projections (reflecting the
potential costs/benefits of the illustrative final rule alternative) would be more limited and are not
likely to result in notable changes to the assessment of the Transport FIP for the 2015 ozone
NAAQS found in this chapter. While it is important to recognize these key areas of uncertainty,
they do not change the EPA’s overall confidence in the estimated impacts of the illustrative final
rule alternative presented in this chapter. The EPA continues to monitor industry developments
and makes appropriate updates to the modeling platforms in order to reflect the best and most

current data available.

The baseline includes modeling to capture the finalized 2020 Effluent Limitation
Guidelines (ELG), it also incorporates information provided by owners of affected facilities to
state permitting authorities in October 2021 that indicate their likely compliance pathway,
including retirement by 2028. Potential future incorporation of this information may result in
additional coal plant retirements relative to the baseline scenario, which would - all else equal -
reduce the modeled costs and benefits of the rule depending on the extent that these retirements
occur before compliance deadlines for this action. Similarly, the baseline accounts for the effect
of expected compliance methods for the 2020 CCR Rule. However, plants may adopt

compliance methods that are different than those represented in the baseline.

As discussed in section 4.3.2, IPM v.6.20 does not have the capacity to endogenously
determine whether to maximize the use of existing EGU post-combustion NOx controls (i.e.,

SCR), or install/upgrade combustion controls in response to a regulatory control requirement.
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These decisions were imposed exogenously on the model, as documented in section 4.3.2. While
the emissions projections reflect operation of these controls, the projected compliance costs were
supplemented with exogenously estimated costs of optimizing SCR operation, optimizing SNCR
operation, and installing/upgrading combustion controls (see section 4.3.3). As a result of this
modeling approach, the dispatch decisions made within the model do not take into consideration
the additional operating costs associated with these three types of compliance strategies (the
operating costs of the units on which these strategies are imposed do not reflect the additional
costs of these strategies). The effect of changes in facility and system-wide emissions from these
changes in operating costs are also not accounted for in the air quality modeling for the

regulatory alternatives described in Chapter 3.

The impacts of the Later Model Year Light-Duty Vehicle GHG Emissions Standards**® is
not captured in the baseline. This rule is projected to increase the total demand for electricity by
0.5% in 2030 and 1% in 2040 relative to 2020 levels.!!® This translates into a 0.4% increase in
electricity demand in 2030 and a 0.8% increase in electricity demand in 2040 relative to the
baseline electricity demand projections assumed in this analysis. The impact of the Proposed
Standards of Performance for New, Reconstructed, and Modified Sources and Emissions
Guidelines for Existing Sources: Qil and Natural Gas Sector Climate Review!!’ are also not
included in this analysis. Inclusion of these standards would likely increase the price of natural
gas modestly as a result of limitations on the usage of reciprocating internal combustion engines
in the pipeline transportation of natural gas. All else equal inclusion of these two programs

would likely result in a modest increase in the total cost of compliance for this rule.

Lastly, the EPA estimated the non-EGU emissions units subject to the final rule using the
2019 inventory from the emissions inventory system (EIS) and supplemented the information by
reviewing online permits for the estimated emissions units in the Cement and Concrete Product
Manufacturing, Glass and Glass Product Manufacturing, and Iron and Steel Mills and Ferroalloy

Manufacturing industries. Because the number of estimated emissions units for reciprocating

115 Available at: https://www.federalregister.gov/documents/2021/08/10/2021-16582/revised-2023-and-later-model-
year-light-duty-vehicle-greenhouse-gas-emissions-standards

116 Regulatory Impact Analysis available at: https://nepis.epa.gov/Exe/ZyPDF.cgi?Dockey=P10120NB.pdf

17 Available at: https://www.federalregister.gov/documents/2021/11/15/2021-24202/standards-of -performance-for-
new-reconstructed-and-modified-sources-and-emissions-guidelines-for
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internal combustion engines and boilers was larger, the EPA did a limited permit review for
those units. For boilers, the EPA also reviewed the database used in the July 2022 revised Boiler
MACT. Using the list of emissions units estimated to be captured by the applicability criteria, the
assumed control technologies that would meet the emissions limits, and information on control
efficiencies and default cost/ton values from the CMDB, the EPA estimated NOx emissions
reductions and costs for the year 2026. The estimates using the 2019 inventory and information
from the CMDB identify proxies for emissions reductions and costs associated with the assumed
control technologies that would meet the final emissions limits.!'8 The control cost estimates
assume an average level of retrofit difficulty for control applications, and do not include
monitoring, recordkeeping, reporting, or testing costs. It is not possible to determine whether this
approach leads to an overestimate or underestimate of the costs, NOx, and other pollutant
emissions changes, benefits, and other impacts, including the effect on downwind receptors, of
the rule and the analyzed alternatives. Between proposal and the final rule, based on comments
received and additional research about whether a unit already had an existing control, the EPA
updated the estimated emissions reductions and costs reflecting this information. For the final
rule, if the EPA was aware of the presence of a control, in many cases it then assumed that the
unit did not need additional control. And, if it was not aware of the presence of a control, it
assumed that a control was required, and the costs and benefits were accounted for based on this

approach.

We are not able to project potential changes in the number of existing and new units
resulting from industry growth or capital turnover, over time in the baseline. The effects of the
uncertainty in these changes on costs, emissions reductions and benefits of the final rule are
ambiguous. We are also not able to project whether the emissions limitations would require
further NOx emissions reductions at new units relative to what is required of them in the

baseline.

Also, we are not able to project whether non-EGU units will make operational changes for

compliance with the final rule and whether those changes will lead to changes in emissions other

118 The EPA did not run the Control Strategy Tool to estimate emissions reductions and costs and programmed the
assessment using R. R is a free software environment for statistical computing and graphics. Additional information
is available here: https://www.r-project.org/. The R code that processed the data to estimate the emissions reductions
and costs is available upon request.
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than NOx. For example, if the non-EGUs respond to this final rule by replacing an old unit with
a newer, more efficient unit, emissions of other pollutants from non-EGUs may also decrease.
Furthermore, certain non-EGUs may choose compliance approaches for the final rule that also
incidentally reduce NOx emissions outside of the ozone season, which would yield additional
benefits from reduced PM. s exposure. If ultimate compliance with this final rule incidentally
reduces NOx and other pollutants emissions outside of the ozone season, the benefits from non-

EGUEs, all else equal, are likely underestimated.
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APPENDIX 4A: INFLATION REDUCTION ACT EGU SENSITIVITY RUN RESULTS

In this appendix we describe the EGU compliance behavior, costs, and emissions
reductions that include adjustments made to the IPM baseline for the Inflation Reduction Act
(IRA) of 2022. The IRA includes significant additional new generation incentives targeting more
efficient and lower-emitting sources of generation that is likely to meaningfully affect the U.S.
generation mix in the future and increase the pace of new lower-emitting generation replacing
some of older higher-emitting generating capacity. This supplementary analysis quantifies the
incremental impacts of the Federal Good Neighbor Plan Addressing Regional Ozone Transport
for the 2015 Ozone National Ambient Air Quality Standards (Transport FIP for the 2015 ozone
NAAQS) under the alternative baseline characterization and compares impacts with the main
analysis described in Chapter 4. As described in Chapter 4, the model runs that inform air quality
do not include the IRA due to time limitations. However, for completeness this appendix seeks to
quantify the effect on the expected power sector outcomes of the final rule with this alternative

baseline.

4A.1 Modeling the IRA in IPM

This supplementary analysis incorporates several key aspects of the IRA that influence
EGU behavior in the IPM baseline. The analysis addresses aspects of the IRA to the extent
possible given overall timing limitations in the production of this RIA and uncertainties around
some of the final rule’s potential impacts. The main IPM model updates are included in Table
4A.1. No adjustments are made to electricity demand to reflect the impact of incremental
electrification, since this parameter is subject to a significant amount of uncertainty and is more

likely to drive results later in the forecasted period.
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Table 4A-1. IRA Provisions Modeled in IPM
PTC/ITC and Clean Energy Tax Credits
e Wage and apprenticeship requirements are assumed to be met.
e Extended to include stand-alone storage and new nuclear resources.
e All storage assumed to qualify for 10% bonus energy tax credit.
e All other technologies assumed to qualify for a prorated bonus energy tax credit based on the share of
energy community land area to total land area within an IPM zone.
e  Credits remain in place until later of 2032 or the year in which power sector emissions are 25% or less of
2021 historical levels (used as a proxy for 2022 emissions).

Capital Cost Step Adder Adjustment
e The short-term capital cost adder step widths for solar, wind, geothermal, hydro, and nuclear
technologies are relaxed to reflect the IRA’s impact on improvements to manufacturing capability. The
scalars are linearly interpolated in between 2023 and 2035. However, a scalar of 1.0 is also used for
2025 to reflect near term limitations.

45(q) Tax Credits for CCUS
e A CO; storage tax credit of $60/metric tonne for EOR sites and $85/metric tonne for non EOR sites is
provided to the CCS investments made in the 2030 and 2035 run years.

Other
¢ Nuclear endogenous retirements are disabled. Nuclear units are retired per a predetermined retirement
schedule. Exceptions are made if a specific unit’s age based on its license expiration date is greater than
60 years.
e Lower price steps are added to the 2045 and 2050 natural gas supply curves to reflect lower gas
consumption.

e The CO; financing uncertainty adder is removed from fossil builds.

Throughout the rest of this appendix, costs and emissions outcomes are provided for the
Baseline and final rule with and without the IRA active to provide a comparison between

compliance with the final rule under each baseline characterization.

4A.1.1 Compliance Cost Assessment for EGUs

The estimates of incremental costs of supplying electricity for the final rule with and
without IRA provisions are presented in Table 4A-2. Since the final rule generally does not result
in significant, additional recordkeeping, monitoring or reporting requirements for EGUs, the
costs associated with compliance, monitoring, recordkeeping, and reporting requirements are not

included within the estimates in this table.
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Table 4A-2. National Power Sector Compliance Cost Estimates (millions of 2016%) for the
Final Rule With and Without the IRA

Final Rule +

IRA Final Rule
2023-2027 (Annualized) 13 14
2023-2045 (Annualized) 196 449
2023 (Annual) 47 57
2024 (Annual) -17 -5
2025 (Annual) -17 -5
2026 (Annual) -17 -5
2027 (Annual) 67 24
2030 (Annual) 577 705
2035 (Annual) 297 817
2045 (Annual) 163 182

“2023-2027 (Annualized)” reflects total estimated annual compliance costs levelized over the period 2023 through
2027 and discounted using a 3.76 real discount rate.!*® This does not include compliance costs beyond 2027. “2023-
2045 (Annualized)” reflects total estimated annual compliance costs levelized over the period 2023 through 2045
and discounted using a 3.76 real discount rate. This does not include compliance costs beyond 2045. “2023
(Annual)” through “2045 (Annual)” costs reflect annual estimates in each of those years.*?

The impact of the IRA is to increase the economic competitiveness of lower emitting and
renewable technologies relative to the higher emitting technologies that this rule seeks to
regulate. Since the IRA incentives persist over the forecast period, we do not see the “rush to
build” that characterizes modeling of incentives that will expire in the near future. As such the
impact of the IRA is felt to a greater extent over the medium and longer term when the incentives
are further aided by sector cost declines and performance improvements assumed over time. As a
result, compliance costs are projected to be similar to the scenario without the IRA over the five-
year period (2023-27) but are less than half the costs over the 2023-2045 period ($449 million
2016$ without the IRA and $196 million 2016$ including the IRA). Moreover, the costs peak in
2030 at $577 million 2016$ with the IRA as compared to peaking in 2035 at $817 million 2016$
under the no IRA scenario.

119 This table reports compliance costs consistent with expected electricity sector economic conditions. An NPV of
costs was calculated using a 3.76% real discount rate consistent with the rate used in IPM’s objective function for
cost-minimization. The NPV of costs was then used to calculate the levelized annual value over a 5-year period
(2023-2027) and a 20-year period (2023-2042) using the 3.76% rate as well.

120 Cost estimates include financing charges on capital expenditures that would reflect a transfer and would not
typically be considered part of total social costs.
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4A.1.2 Emissions Reduction Assessment for EGUs

As indicated in Chapter 1, the NOx emissions reductions are presented in this RIA from
2023 through 2045 and are based on IPM projections. As outlined in Section 4.3.2 IPM is
operating existing and newly installed controls seasonally based on historical operation patterns
and seasonal and annual emission constraints within the model. Table 4A-3 presents the
estimated reduction in power sector NOx emissions resulting from compliance with the final rule
in the 22 states, as well as the impact on other states both with and without the IRA. The
emission reductions follow an expected pattern: near term NOx emissions reductions are similar
with and without the IRA in place, while longer-term reductions are lower in the presence of the
IRA, reflecting a lower emitting baseline as a result of the greater levels of clean energy
incentives modeled. Differences in emissions reductions after 2030 suggest that some units that
are projected to retire in 2030 due to the final rule reported in Chapter 4 have already been
retired due to the IRA by this point. Further, the EPA observes that the differences in estimated
costs and emissions reductions in the IRA sensitivity suggests that there would also be
differences in estimated health and climate benefits under this scenario, although the Agency did

not have time under this rulemaking schedule to quantify those differences.

Table 4A-3. EGU Ozone Season NOx Emissions and Emissions Changes (thousand tons)
for the Baseline run and Final Rule with and without IRA from 2023 - 2045

Ozone Season NOx Total Emissions Change from
(thousand tons) Baseline run
Tun i [B2lne Fl | o
IRA IRA

22 States 229 220 230 220 -10 -10

2023 Other States 144 144 143 143 0 0
Nationwide 373 363 373 363 -10 -10
22 States 201 182 203 181 -20 -22

2024 Other States 127 129 128 129 2 1
Nationwide 329 311 331 310 -18 -21
22 States 173 144 176 143 -30 -34

2025 Other States 111 114 113 115 3 2
Nationwide 284 258 289 258 -26 -32
22 States 158 135 167 140 -23 -27

2026 Other States 104 106 107 109 2 2
Nationwide 262 241 274 248 -20 -25
22 States 142 126 157 137 -16 -20
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Ozone Season NOx

Total Emissions

Change from

(thousand tons) Baseline run
Tnt puiee |Bolie T | i i
IRA IRA

2027 Other States 97 98 101 103 2 2
Nationwide 239 225 258 239 -15 -19
22 States 127 117 147 134 -10 -14

2028 Other States 90 90 95 96 1 2
Nationwide 217 208 242 230 -9 -12
22 States 110 82 137 101 -28 -36

2030 Other States 84 85 91 93 0 2
Nationwide 195 167 228 194 -28 -34
22 States 58 51 132 101 -8 -30

2035 Other States 50 50 88 89 -1 1
Nationwide 108 100 220 190 -8 -29
22 States 56 45 119 89 -11 -30

2040 Other States 38 38 79 79 0 0
Nationwide 94 84 198 169 -11 -30

22 States 46 41 102 80 -5 -22

2045 Other States 36 36 76 76 0 0
Nationwide 82 77 178 156 -5 -22

In addition to the ozone season NOx reductions, there will also be reductions of other air

emissions associated with EGUs burning fossil fuels (i.e., co-pollutants) that result from

compliance strategies to reduce seasonal NOx emissions. These other emissions include the

annual total changes in emissions of NOx, SOz, CO2, and direct PM2s emissions changes. The

emissions reductions are presented in Table 4A-4.

Table 4A-4. EGU Annual Emissions and Emissions Changes for Annual NOx, SOz, PMzs,
and CO:2 for the Baseline run and Final Rule with and without IRA from 2023 - 2045

Annual NOx
(thousand tons)

Total Emissions

Change from
Baseline run

Baseline Final Baseline Final With Without
run+  Rule+ run Rule IRA IRA
IRA IRA
22 States 560 545 561 546 -15 -15
2023 Other States 329 329 328 329 0 0
Nationwide 889 874 889 874 -15 -15
22 States 490 467 491 464 -23 -26
2024 Other States 284 286 286 287 2 1
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Nationwide 774 753 777 752 -21 -25
22 States 419 388 420 383 -31 -38
2025 Other States 239 243 244 246 4 2
Nationwide 659 631 664 629 -27 -35
22 States 381 357 398 367 -24 -31
2026 Other States 225 228 232 234 3 2
Nationwide 606 585 630 601 -21 -29
22 States 342 326 375 351 -17 -24
2027 Other States 211 213 220 222 2 2
Nationwide 553 539 595 573 -15 -22
22 States 304 295 353 336 -9 -17
2028 Other States 197 198 208 210 1 1
Nationwide 500 492 561 545 -8 -16
22 States 261 199 324 261 -63 -64
2030 Other States 186 187 208 210 1 1
Nationwide 447 386 533 471 -62 -62
22 States 131 110 304 254 -21 -49
2035 Other States 102 103 197 201 1 3
Nationwide 233 213 501 455 -20 -46
22 States 100 87 267 221 -13 -46
2040 Other States 80 80 173 174 0 1
Nationwide 180 167 440 395 -13 -45
22 States 82 79 218 195 -4 -23
2045 Other States 68 69 160 160 0 0
Nationwide 151 148 378 355 -3 -23
(thousand tong) Total Emissions Baseline run
ET o Ll e
IRA IRA

22 States 908 912 916 915 4 -1

2023 Other States 280 280 279 279 0 0
Nationwide 1188 1192 1195 1194 4 -1
22 States 778 765 787 766 -13 -21

2024 Other States 235 236 239 240 2 1
Nationwide 1012 1001 1025 1006 -11 -19
22 States 647 618 657 617 -29 -40

2025 Other States 189 192 199 201 3 2
Nationwide 837 810 856 818 -26 -38
22 States 540 520 574 543 -20 -31
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2026 Other States 169 172 181 183 2 2
Nationwide 710 692 755 726 -18 -29
22 States 433 423 491 469 -10 -22
2027 Other States 150 151 163 164 1 1
Nationwide 583 574 654 633 -9 -21
22 States 326 326 408 395 -1 -13
2028 Other States 130 130 145 145 0 0
Nationwide 456 455 553 540 -1 -13
22 States 247 158 385 289 -88 -95
2030 Other States 126 128 147 150 2 2
Nationwide 373 286 532 439 -87 -93
22 States 109 61 366 342 -47 -24
2035 Other States 49 50 135 138 1 3
Nationwide 157 111 501 480 -46 -21
22 States 64 44 305 279 -20 -26
2040 Other States 34 34 126 127 0 1
Nationwide 98 78 432 406 -20 -25
22 States 36 34 220 206 -2 -15
2045 Other States 22 22 128 128 0 0
Nationwide 58 56 349 334 -2 -15
o e o
Tant e |Bolie T | i i
IRA IRA

22 States 75 75 63 63 0 0

2023 Other States 47 47 40 40 0 0
Nationwide 122 122 103 103 0 0

22 States 67 66 57 56 -1 -1

2024 Other States 42 42 36 36 0 0
Nationwide 109 108 93 92 -1 -1

22 States 58 57 51 49 -2 -2

2025 Other States 37 37 33 33 0 0
Nationwide 96 94 84 82 -1 -2

22 States 55 54 49 48 -1 -1

2026 Other States 36 36 33 33 0 0
Nationwide 91 90 82 81 -1 -1

22 States 51 51 48 47 0 -1

2027 Other States 35 35 32 32 0 0
Nationwide 87 86 80 80 0 -1
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22 States 48 48 47 46 0 0
2028 Other States 34 34 32 32
Nationwide 82 82 79 78
22 States 45 39 45 43 -6 -2
2030 Other States 33 33 32 32 0 0
Nationwide 78 72 76 75 -5 -1
22 States 30 28 46 44 -2 -2
2035 Other States 21 21 30 30 0 0
Nationwide 51 49 75 74 -2 -1
22 States 26 25 44 43 -1 -2
2040 Other States 18 18 28 28 0 0
Nationwide 44 43 73 71 -1 -2
22 States 23 23 42 42 0 0
2045 Other States 17 17 28 28 0 0
Nationwide 40 40 70 70 0 0
(miﬁig?]us?wlocr:tqcf)ns) Total Emissions Cézg;?r?eﬂ;zw
Tantpuiee | Bole Fe | i i
IRA IRA
22 States 1030 1030 1033 1032 0 0
2023 Other States 592 592 591 592 0 0
Nationwide 1622 1622 1624 1624 0 0
22 States 950 941 947 935 -10 -12
2024 Other States 538 540 539 541 3 2
Nationwide 1488 1481 1487 1476 -7 -10
22 States 870 851 862 838 -19 -24
2025 Other States 483 488 488 491 5 3
Nationwide 1354 1340 1350 1329 -14 -21
22 States 825 813 844 826 -13 -18
2026 Other States 467 471 477 480 4 3
Nationwide 1292 1283 1322 1306 -9 -16
22 States 780 774 827 814 -7 -13
2027 Other States 450 454 467 469 3 2
Nationwide 1231 1227 1294 1284 -3 -10
22 States 735 735 809 803 -1 -7
2028 Other States 434 436 457 459 3 2
Nationwide 1169 1171 1266 1261 2 -5
22 States 660 611 784 753 -49 -31
2030 Other States 390 397 450 455 7 5
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Nationwide 1050 1008 1235 1209 -42 -26
22 States 416 397 792 774 -19 -19
2035 Other States 240 241 436 438 1 2
Nationwide 656 638 1228 1212 -18 -16
22 States 352 342 727 706 -11 -21
2040 Other States 211 211 411 411 0 1
Nationwide 563 553 1138 1117 -10 -20
22 States 330 327 670 662 -3 -9
2045 Other States 205 205 400 400 0 0
Nationwide 535 532 1070 1061 -3 -9

4A.1.3 Impacts on Fuel Use and Generation Mix

The Transport FIP for the 2015 ozone NAAQS is expected to result in significant NOx
emissions reductions. It is also expected to have some impacts to the power sector. While these
impacts are relatively small in percentage terms, consideration of these potential impacts is an
important component of assessing the relative impact of the regulatory control alternatives. In
this section we discuss the estimated changes in fuel use, fuel prices, generation by fuel type, and
capacity by fuel type for the 2023, 2025 and 2030 IPM model run years with and without the
IRA.

As outlined in Table 4A-5 coal consumption remains similar in 2023 between the two
baselines. In 2025 and beyond, the baseline with IRA results in lower coal consumption, with the
result that the reduction in total coal consumption is lower in the presence of the IRA than in its

absence. However, reductions still occur, demonstrating that the policy constraints are binding.

Table 4A-5. 2023, 2025 and 2030 Projected U.S. Power Sector Coal Use for the Baseline
and the Final Rule with and without IRA

Million Tons Percenég;ﬁ?]ge from
Year  Runs  Rules | BEeline Final | with o withou
IRA IRA

Appalachia 121 121 121 121 0% 0%
Interior 96 96 96 96 0% 0%
Waste Coal 2023 4 4 4 4 0% 0%
West 381 381 382 382 0% 0%
Total 602 602 603 603 0% 0%
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Million Tons

Percent Change from

Baseline
Year  Rune  Rules | Baline Final | with  withou
IRA IRA

Appalachia 75 74 80 79 -2% -2%
Interior 77 77 76 75 0% -1%
Waste Coal 2025 4 4 4 4 0% 0%
West 255 244 257 244 -4% -5%
Total 411 399 417 402 -3% -4%
Appalachia 32 31 49 47 -2% -4%
Interior 46 35 51 49 -24% -3%
Waste Coal 2030 4 4 4 4 0% 0%
West 133 112 170 154 -16% -10%
Total 214 182 274 254 -15% -T1%

As outlined in Table 4A-6 gas consumption remains similar in 2023 between the two

baselines. In 2025 gas consumption is elevated in the scenario with the IRA in place, reflecting

greater levels of coal retirements and lower financing costs for new gas technology. In 2030,

total gas consumption is lower in the IRA baseline since energy storage and renewables become

more cost competitive relative to fossil fuels, and nuclear retirements are lower. The reduced

coal dispatch due to the policy results in similar increases in gas consumption under both

baselines.

Table 4A-6. 2023, 2025 and 2030 Projected U.S. Power Sector Natural Gas Use for the
Baseline and the Final Rule with and without IRA

Trillion Cubic Feet

Percent Change
from Baseline

Year Rum:  Rulgs |B3lne Fimal | With  withou
IRA IRA

2023 1.7 1.7 7.7 7.7 0% 0%

2025 9.6 9.8 9.2 9.4 2% 2%

2030 114 115 12.2 124 1% 1%

As outlined in Table 4A-7 and Table 4A-8 coal and gas prices remain similar in 2023 and

2025 between the two baselines. Gas prices reflect the current elevated fuel price environment

through 2025, before returning to fundamentals by 2030. Coal prices reflect elevated levels in
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2023, before returning to fundamentals by 2025. The result is that through 2025 the two
baselines show similar price trends. By 2030, the gas prices in the IRA baseline are lower, since
total gas consumption has fallen, reflecting decreased nuclear retirements, increasing renewable
penetration, and falling coal dispatch. Increases in gas price as a result of the policy are similar
between the two cases.

Table 4A-7. 2023, 2025 and 2030 Projected Minemouth and Power Sector Delivered Coal
Price (2016$) for the Baseline and the Final Rule with and without IRA

$/MMBtu Percent Chqnge
from Baseline
Rt muiee [S3lne Fml | o

IRA IRA
Minemouth 2023 1.6 1.6 1.6 1.6 0% 0%
Delivered 2.2 2.2 2.2 2.2 0% 0%
Minemouth 2005 1.1 1.1 1.1 1.1 0% 0%
Delivered 1.7 1.7 1.7 1.7 -1% -1%
Minemouth 2030 1.1 1.1 1.1 1.2 2% 1%
Delivered 1.4 1.4 1.6 1.6 -1% -2%

Table 4A-8. 2023, 2025 and 2030 Projected Henry Hub and Power Sector Delivered
Natural Gas Price (2016$) for the Baseline and the Final Rule with and without IRA

Percent Change
$MMBtu from Baseling
Bszer:lze ;J?:L Baseline Final With Without

IRA IRA Run Rule IRA IRA

Henry Hub 2023 4.8 4.8 4.8 4.8 0% 0%
Delivered 4.9 4.9 4.9 4.9 0% 0%
Henry Hub 2005 34 34 34 34 0% 0%
Delivered 35 35 35 35 0% 0%
Henry Hub 2030 25 2.6 2.7 2.7 1% 0%
Delivered 2.6 2.6 2.8 2.8 1% 0%

As outlined in Table 4A-9 the generation mix remains similar between the two baselines in
2023. By 2025, gas generation rises relative to coal generation, and increases in nuclear
generation driven by reduced levels of nuclear retirement. Total non-hydro RE generation is
lower, reflecting the fact that in the absence of the IRA the Production Tax Credit (PTC) for
shore wind and the Investment Tax Credit (ITC) for solar PV builds are assumed to phase out

through 2025. This results in a ‘rush to build’ in order to take advantage of the tax credits before

195



they expire. Under the IRA scenario, the tax credits are both more valuable and extend
throughout the forecast period, as such renewable additions accelerate over the forecast period,
taking advantage of cost declines that occur later in the horizon. Hence gas generation peaks in
2025 and then declines over the rest of the forecast period under the IRA baseline, while gas

generation grows throughout the forecast period under the non-IRA baseline.

Tightening mass budgets in the 2025 run year (representing the 2026 compliance year in
the rule) lead to erosion of coal dispatch under the policy scenario under both cases. In 2030,
imposition of the deferred backstop emission rate results in higher levels of coal retirement,

driving coal generation lower under both scenarios.

Table 4A-9. 2023, 2025 and 20230 Projected U.S. Generation by Fuel Type for the Baseline
and the Final Rule with and without IRA

Generation (TWh) Pfercent Cha}nge
rom Baseline
Baseline Final . . . .
Year Run + Rule + Be;,(lejlr;ne FRISIaéI \IAIQX] Wllg]xm
IRA IRA
Coal 1,131 1,131 1,133 1,133 0% 0%
Natural Gas 1,091 1,091 1,090 1,090 0% 0%
Nuclear 775 775 775 775 0% 0%
Hydro 289 289 289 289 0% 0%
Non-HydroRE | 2923 757 757 756 756 0% 0%
Oil/Gas Steam 27 27 27 27 0% 0%
Other 33 33 33 33 0% 0%
Grand Total 4,103 4,103 4,103 4,103 0% 0%
Coal 777 755 793 765 -3% -4%
Natural Gas 1,376 1,397 1,311 1,332 1% 2%
Nuclear 747 747 724 724 0% 0%
Hydro 293 293 294 295 0% 0%
Non-Hydro RE 2025 910 912 995 1,002 0% 1%
Oil/Gas Steam 18 18 18 18 0% -1%
Other 32 32 32 32 0% 0%
Grand Total 4,154 4,154 4,167 4,168 0% 0%
Coal 397 347 523 489 -13% -1%
Natural Gas 1,635 1,653 1,691 1,710 1% 1%
Nuclear 725 725 611 614 0% 1%
Hydro 305 305 300 300 0% 0%
Non-Hydro RE 2030 1,192 1,224 1,111 1,122 3% 1%
Oil/Gas Steam 12 11 22 22 -6% 0%
Other 32 31 32 32 0% 0%
Grand Total 4,296 4,296 4,289 4,288 0% 0%

Note: In this table, “Non-Hydro RE” includes biomass, geothermal, landfill gas, solar, and wind.
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As outlined in Table 4A-10 the capacity mix follows similar trends to those seen under

the generation mix table. Coal capacity in 2023 remains identical across cases, reflecting the

limitation on retirements. In 2023 gas capacity is higher, reflecting incremental builds as a result

of the removal of the carbon uncertainty adder. Non-Hydro RE builds are lower through 2025

under the IRA scenario and then higher thereafter, as described earlier. By 2030 total coal

retirements as a result of the policy are 14 GW in the absence of IRA, and 17 GW in the

presence of IRA. This is driven by the weaker competitive position of fossil fired EGUs under

the IRA scenario, making SCR retrofits on existing coal plants less economic. As a result, there
are 2.7 GW of SCR retrofits under the Final Rule with IRA scenario as compared to 8 GW of

retrofits in the Final Rule scenario without IRA.

Table 4A-10. 2023, 2025 and 2030 Projected U.S. Capacity by Fuel Type for the Baseline
and the Final Rule with and without IRA

Capacity (GW)

Percent Change from

Baseline run
Year R'iﬁsf“lr;fA F'”ﬁ'RRA“'e * Ba;lej'r']”e Final Rule | With IRA WI'tF?X“t
Coal 187 187 187 187 0% 0%
Natural Gas 441 441 441 441 0% 0%
Nuclear 97 97 97 97 0% 0%
Hydro 2003 102 102 102 102 0% 0%
Non-Hydro RE 241 241 241 241 0% 0%
Oil/Gas Steam 73 73 73 73 0% 0%
Other 7 7 7 7 0% 0%
Grand Total 1,163 1,163 1,163 1,163 0% 0%
Coal 138 137 140 138 0% -1%
Natural Gas 440 441 436 436 0% 0%
Nuclear 93 93 91 91 0% 0%
Hydro 2025 102 102 102 102 0% 0%
Non-Hydro RE 278 278 301 304 0% 1%
Qil/Gas Steam 60 59 60 60 0% 0%
Other 7 7 7 7 0% 0%
Grand Total 1,136 1,136 1,154 1,155 0% 0%
Coal 100 82 112 98 -17% -13%
Natural Gas 454 458 468 477 1% 2%
Nuclear 91 91 76 76 0% 1%
Hydro 2030 104 104 103 103 0% 0%
Non-Hydro RE 357 365 339 343 2% 1%
Oil/Gas Steam 61 64 62 64 5% 2%
Other 7 7 7 7 0% 0%
Grand Total 1,203 1,204 1,189 1,189 0% 0%

Note: In this table, “Non-Hydro RE” includes biomass, geothermal, landfill gas, solar, and wind
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CHAPTER 5: BENEFITS

Overview

The Final Federal Good Neighbor Plan Addressing Regional Ozone Transport for the
2015 Ozone National Ambient Air Quality Standards (Transport FIP for the 2015 Ozone
NAAQS) is expected to reduce emissions of nitrogen oxides (NOx) transported from states that
contribute significantly to nonattainment or interfere with maintenance of the 2015 Ozone
National Ambient Air Quality Standards (NAAQS) in downwind states. Implementing the
Transport FIP for the 2015 Ozone NAAQS _is expected to reduce emissions of NOx, which will
in turn reduce concentrations of ground-level ozone and fine particles (PM2:); the rule is also
projected to reduce sulfur dioxide (SOz), direct PM2s emissions, carbon dioxide (CO2) emissions
as well as water effluents, and potentially reduce mercury (Hg) emissions. This chapter reports
the estimated monetized health benefits from reducing concentrations of ozone and PM_ s for
each of three regulatory control alternatives described in prior chapters.'?! The chapter also
reports the estimated monetized climate benefits from reducing CO2 emissions. Though the rule
is likely to also yield positive benefits associated with reducing pollutants other than ozone and
PM2s, limited time, resource and data limitations prevented us from characterizing the value of

those reductions.

This chapter describes the methods used to estimate the benefits to human health of
reducing concentrations of ozone from affected EGUs (electrical generating units) and non-
EGUs (non-electric generating units, or other stationary source emissions sources) and PMa .5
from affected EGUs. The analysis quantifies health benefits resulting from changes in ozone
concentrations in 2023 and changes in ozone and PM2 s in 2026 for each of the three regulatory
control alternatives (i.e., final rule, less stringent alternative, and more stringent alternative). The
methods for quantifying the number and value of air pollution-attributable premature deaths and
illnesses are described in the Technical Support Document (TSD) for the 2022 PM NAAQS

121 A comprehensive approach to benefit-cost analysis (BCA) is required to assess whether it is conceivable for
those who experience a net gain from a regulatory action to potentially compensate those who experience a net loss.
As such, a BCA should aim to evaluate all benefits and costs resulting from the regulation, which includes welfare
effects from all changes in externalities due to changes in environmental contaminants as well as any other
externalities. This requires evaluating changes in pollutant concentrations induced beyond the contaminant(s)
targeted by the action.
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Reconsideration Proposal RIA titled Estimating PM2s- and Ozone-Attributable Health
Benefits*?? (U.S. EPA 2023).

Analyses were also run for each year between 2023 and 2042, using the model surfaces
as described below, but accounting for the change in population size in each year, income
growth, and baseline mortality incidence rates at five-year increments. However, due to
additional uncertainties associated with baseline air quality projections beyond 2026, annual
health benefits beyond 2026 presented in Tables 5-7 and 5-8 are based on 2026 air quality
changes. Additionally, within each 12 km grid cell we assumed the 2023 ozone concentration
change until 2025 and the 2026 ozone and PM2s concentration change until 2042. As we do not
account fully for changes in the size or distribution of the population beyond the year 2026, and
the changes in the level and location of NOx emissions attributable to this rule, this may

introduce uncertainty to the analysis and is described below in Section 5.1.3.

Data, resource, and methodological limitations prevent the EPA from monetizing health
benefits of reducing direct exposure to NO2 and SO, ecosystem effects and visibility impairment
associated with these pollutants, ozone and PM2s, as well as benefits from reductions in other
pollutants, such as water effluents. We qualitatively discuss these unquantified benefits in this

chapter.

5.1 Estimated Human Health Benefits

The final rule is expected to reduce ozone season and annual NOx emissions. In the
presence of sunlight, NOx and volatile organic compounds (VOCs) can undergo a chemical
reaction in the atmosphere to form ozone. Reducing NOx emissions generally reduces human
exposure to ozone and the incidence of ozone-related health effects, though the degree to which
ozone is reduced will depend in part on local concentration levels of VOCs. In addition to NOx,
the rule is also expected to reduce emissions of direct PM2s and SO> throughout the year.

Because NOx and SO are also precursors to secondary formation of ambient PM_ s, reducing

122 The Agency recently asked the Science Advisory Board to evaluate the approach EPA takes to identifying,
selecting and parametrizing endpoints to quantify and monetize health benefits; this approach is detailed in a
Technical Support Document (TSD) noted above (U.S. EPA, 2023). Additional information regarding the
composition of the SAB panel, the schedule for the review and the charge questions may be found at
https://sab.epa.gov/ords/sab/f?p=114:18:11364624237840:::RP,18:P18 ID:2617
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these emissions would reduce human exposure to ambient PM2 s throughout the year and would

reduce the incidence of PMzs-attributable health effects.

In this Transport FIP for the 2015 Ozone NAAQS regulatory impact analysis (RIA), as
discussed above, the EPA quantifies benefits of changes in ozone and PM2.s concentrations. In
particular, we incorporate evidence reported in the most recent completed PM and Ozone
Integrated Science Assessments (ISAs) and account for recommendations from the Science
Advisory Board (U.S. EPA 2019a, U.S. EPA 2020b, U.S. EPA-SAB 2019, U.S. EPA-SAB
2020a). When updating each health endpoint, the EPA considered: (1) the extent to which there
exists a causal relationship between that pollutant and the adverse effect; (2) whether suitable
epidemiologic studies exist to support quantifying health impacts; (3) and whether robust
economic approaches are available for estimating the value of the impact of reducing human
exposure to the pollutant. Our approach for updating the endpoints and to identify suitable
epidemiologic studies, baseline incidence rates, population demographics, and valuation
estimates is summarized below. Detailed descriptions of these updates are available in the TSD
for the 2022 PM NAAQS Reconsideration Proposal RIA titled Estimating PM2s- and Ozone-
Attributable Health Benefits (U.S. EPA 2023).

The Estimating PM2s- and Ozone-Attributable Health Benefits TSD describes fully the
Agency’s approach for quantifying the number and value of estimated air pollution-related
impacts. In this document the reader can find the rationale for selecting health endpoints to
quantify; the demographic, health and economic data used; modeling assumptions; and our

techniques for quantifying uncertainty.?

As structured, the rule would affect the distribution of 0zone and PM2s concentrations in
much of the U.S.; this includes locations both meeting and exceeding the NAAQS for ozone and
particulate matter (PM). This RIA estimates avoided ozone- and PM2s-related health impacts
that are distinct from those reported in the RIAs for both ozone and PM NAAQS (U.S. EPA
2012, 2015e). The ozone and PM NAAQS RIAs illustrate, but do not predict, the benefits and
costs of strategies that States may choose to enact when implementing a revised NAAQS; these

123 The analysis was completed using BenMAP-CE version 1.5.8, which is a variant of the current publicly available
version.

200



costs and benefits are illustrative and cannot be added to the costs and benefits of policies that
prescribe specific emission control measures. This RIA estimates the benefits (and costs) of
specific, estimated emissions control measures. As shown and described in Chapter 3, we project
most levels of ozone and PM2 s to decrease, primarily in and downwind of the states included in
this final rule.!?* The ozone and PM-related benefit estimates are based on these modeled
changes in summer season average ozone concentrations and changes in average annual PM2 s

concentrations.

5.1.1 Health Impact Assessment for Ozone and PMz s

The benefits analysis presented in this chapter incorporates science-policy and technical
changes that the Agency adopted and documented in the benefits chapter of the RIA
accompanying the 2022 PM NAAQS Reconsideration Proposal (U.S. EPA 2022a), based on the
2019 PM ISA (U.S. EPA 2019a), Supplement to the 2019 PM ISA (U.S. EPA 2022b), and 2020
ozone ISA (U.S. EPA, 2020c).

Estimating the health benefits of reductions in ozone and PM2 s exposure begins with
estimating the change in exposure for each individual and then estimating the change in each
individual’s risks for those health outcomes affected by exposure. The benefit of the reduction in
each health risk is based on the exposed individual’s willingness to pay (WTP) for the change in
risk, assuming that each outcome is independent of one another. The greater the magnitude of the
risk reduction from a given change in concentration, the greater the individual’s WTP, all else
equal. The social benefit of the change in health risks equals the sum of the individual WTP
estimates across all of the affected individuals residing in the U.S.1%> We conduct this analysis
by adapting primary research—specifically, air pollution epidemiology studies and economic
value studies—from similar contexts. This approach is sometimes referred to as “benefits
transfer.” Below we describe the procedure we follow for: (1) selecting air pollution health

endpoints to quantify; (2) calculating counts of air pollution effects using a health impact

124 In a small number of areas in the northwest, we project ozone to increase slightly compared to the baseline.

125 This RIA also reports the change in the sum of the risk, or the change in the total incidence, of a health outcome
across the population. If the benefit per unit of risk is invariant across individuals, the total expected change in the
incidence of the health outcome across the population can be multiplied by the benefit per unit of risk to estimate the
social benefit of the total expected change in the incidence of the health outcome.
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function; and (3) specifying the health impact function with concentration-response parameters

drawn from the epidemiological literature.
5.1.2 Selecting Air Pollution Health Endpoints to Quantify

As a first step in quantifying ozone and PMzs-related human health impacts, the Agency
consults the Integrated Science Assessment for Ozone and Related Photochemical Oxidants
(Ozone ISA) (U.S. EPA 2020b) and the Integrated Science Assessment and Supplement for
Particulate Matter (PM ISA) (U.S. EPA 2019a, U.S. EPA 2022b). These three documents
synthesize the toxicological, clinical and epidemiological evidence to determine whether each
pollutant is causally related to an array of adverse human health outcomes associated with either
acute (i.e., hours or days-long) or chronic (i.e., years-long) exposure; for each outcome, the ISA
reports this relationship to be causal, likely to be causal, suggestive of a causal relationship,
inadequate to infer a causal relationship or not likely to be a causal relationship. The Agency
estimates the incidence of air pollution effects for those health endpoints above where the ISA

has classified them as either causal or likely-to-be-causal.

In brief, the ISA for ozone found short-term (less than one month) exposures to ozone to
be causally related to respiratory effects, a “likely to be causal” relationship with metabolic
effects and a “suggestive of, but not sufficient to infer, a causal relationship” for central nervous
system effects, cardiovascular effects, and total mortality. The ISA reported that long-term
exposures (one month or longer) to ozone are “likely to be causal” for respiratory effects
including respiratory mortality, and a “suggestive of, but not sufficient to infer, a causal
relationship” for cardiovascular effects, reproductive effects, central nervous system effects,
metabolic effects, and total mortality. The PM ISA found short-term exposure to PM2s to be
causally related to cardiovascular effects and mortality (i.e., premature death), respiratory effects
as likely-to-be-causally related, and a suggestive relationship for metabolic effects and nervous
system effects. The ISA identified cardiovascular effects and total mortality as being causally
related to long-term exposure to PM2s. A likely-to-be-causal relationship was determined
between long-term PM2 s exposures and respiratory effects, nervous system effects, and cancer
effects; and the evidence was suggestive of a causal relationship for male and female

reproduction and fertility effects, pregnancy and birth outcomes, and metabolic effects.
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Table 5-1 reports the ozone and PM2s-related human health impacts effects we quantified
and those we did not quantify in this RIA. The list of benefit categories not quantified is not
exhaustive. And, among the effects quantified, it might not have been possible to quantify
completely either the full range of human health impacts or economic values. Section 5.3 and
Table 5-14 below report other omitted health and environmental benefits expected from the
emissions and water effluent changes as a result of this rule, such as health effects associated
with NO2 and SO, and any welfare effects such as acidification and nutrient enrichment.
Specifically, for ozone-related benefits, for EGUs and non-EGUs we conducted a full health
benefits analysis that includes premature deaths and illnesses attributable to photochemical
modeled changes in summer season average ozone concentrations for the years 2023 and 2026.
For PM-related benefits for EGUs, we conducted a full health benefits analysis that includes
premature deaths and illnesses attributable to photochemical modeled changes in average PM2s

concentrations for the year 2026.

Consistent with economic theory, the WTP for reductions in exposure to environmental
hazards will depend on the expected impact of those reductions on human health and other
outcomes. All else equal, WTP is expected to be higher when there is stronger evidence of a
causal relationship between exposure to the contaminant and changes in a health outcome
(McGartland et al., 2017). For example, in the case where there is no evidence of a potential
relationship the WTP would be expected to be zero and the effect should be excluded from the
analysis. Alternatively, when there is some evidence of a relationship between exposure and the
health outcome, but that evidence is insufficient to definitively conclude that there is a causal
relationship, individuals may have a positive WTP for a reduction in exposure to that hazard
(U.S. EPA-SAB 2020b, Kivi and Shogren, 2010). Lastly, the WTP for reductions in exposure to
pollutants with strong evidence of a relationship between exposure and effect are likely positive
and larger than for endpoints where evidence is weak, all else equal. Unfortunately, the
economic literature currently lacks a settled approach for accounting for how WTP may vary

with uncertainty about causal relationships.

Given this challenge, the Agency draws its assessment of the strength of evidence on the
relationship between exposure to PM2 s or ozone and potential health endpoints from the ISAs

that are developed for the NAAQS process as discussed above. The focus on categories
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identified as having a “causal” or “likely to be causal” relationship with the pollutant of interest
is to estimate the pollutant-attributable human health benefits in which we are most confident.?